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Carbon dioxide (CO2) is an important chemical compound for life on earth, as it enables pho-
tosynthesis in plants and other organisms. It is also commonly utilized in many applications
and products, such as carbonated drinks, welding gases, food preservatives, fire extinguishers,
and coffee decaffeination. The concentration of carbon dioxide in the atmosphere has increased
due to human activities related to the combustion of fossil fuels and other industrial activit-
ies. Because carbon dioxide contributes significantly to climate warming, its release into the
atmosphere needs to be curbed in order to limit the harm done to the Earth’s ecosystem.

In parallel with other climate change mitigation measures, carbon capture technologies could
offer further pathways to reduce CO2 emissions. In principle, these may be divided into two
subgroups: sequestration technologies and utilization concepts. Carbon capture and sequestra-
tion (CCS) aims to permanently store CO2 in underground formations and thus deny its climate
warming impact. Carbon capture and utilization (CCU) instead targets different products and
materials that could bind the carbon, either permanently or for a shorter time. To date, there are
tens of different applications where CO2 is crucial, yet the global utilization volumes are still
modest compared to what they are estimated to be in the future.

This dissertation evaluates the challenges and opportunities related to CCU, focusing on fuels
and chemicals due to their large utilization potential. The work addresses the volume and geo-
graphic availability of CO2 sources in Finland and presents possible scenarios for future CO2

utilization. Main infrastructural challenges and options related to the transportation and storage
of CO2 are also evaluated. Dynamic simulations of different plant configurations and operation
strategies are used to analyse system performance and to identify possible links to heat and
power systems. Integration of CCU into a pulp mill is studied as an example case to evaluate
the economical profitability of CO2 utilization.

The analysis confirms that CCU holds great opportunities for reducing emissions and producing
massive amounts of hydrocarbon products. Finland and Sweden both have exceptional volumes
of biogenic CO2 available, to the extent that available electricity will be limiting the conversion
processes. These feedstock challenges could partly be alleviated by significant investments
into infrastructure development, which would level the resource discrepancies between regions.
Challenges relating to CO2 transport, even in large volumes, are primarily related to legislation
rather than technology. Dynamic operation of the production plants presents additional chal-
lenges, so intelligently designed buffer storage and flexible operation strategies could enable
significant cost reductions. Residual heat from electrolysers and synthesis processes could be



utilized to increase efficiency and profits, but the risk of local oversupply situations is also evid-
ent. Renewable premiums and other support systems for CCU are likely necessary in the short
term to enable the forming of a mature market for CO2 and products derived from it.

Keywords: power-to-gas, renewable methanol, carbon dioxide utilization, synthesis, infra-
structure, geographic information system
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1 Introduction
Carbon capture and utilization (CCU) or carbon dioxide utilization (CDU) technology binds
carbon dioxide (CO2) into materials and products for financial gain while also enabling climatic
benefits by replacing products manufactured from virgin fossil oil and natural gas. The CO2

could be recycled from the flue gases of an existing facility, but other alternatives (such as
direct air capture (DAC)) also exist. In the long term, CCU extends the possibilities of a circular
economy to a diverse field of applications, ranging from plastics to carbon fibres.

The content of this doctoral dissertation is related to the application of CCU systems as a plat-
form for producing various carbon-containing fuels, chemicals, and products. Especially topics
related to the integration of existing and upcoming energy infrastructure, geographical implica-
tions, and dynamic system performance are discussed.

1.1 Background
Anthropogenic climate change could impact the lives of millions of humans and countless other
life forms on Earth. The adoption of the Paris Agreement has set humanity on a trajectory
that aims to hold the long-term global average temperature increase below 2 ◦C compared to
pre-industrial levels while striving to limit the increase to 1.5 ◦C. The nationally determined
contributions and long-term pledges announced during the COP26 project a 1.9 ◦C peak warm-
ing this century (Meinshausen et al., 2021). The pledges need to be followed by a series of
swift, yet deliberate actions that lead to emission reductions in practice. Failure in implement-
ation would mean more serious adverse effects of climate change, such as water scarcity, heat
waves, precipitation variations, extreme weather events, and irreversible losses in biodiversity
and ecosystems.

Renewable energy sources are vital for decreasing global emissions from power and heat pro-
duction, which amounted globally to about 14 Gt CO2 in 2019, representing nearly 44% of total
CO2 emissions (IEA, 2021b). Sustainable electricity enables the electrification and decarbon-
ization of numerous sectors, such as road transport and heating of commercial and residential
buildings. However, aviation, agriculture, manufacturing of plastics or other products, and
heavy-duty transport will still require fuels and chemicals, either as an energy source or as a
process feedstock. Furthermore, energy storage technologies are necessary to ensure energy
availability at all times in systems with high shares of intermittent renewable power production.
Thus, auxiliary fuels and feedstocks are likely required in the form of hydrogen, carbon-neutral
hydrocarbons, and other chemicals such as ammonia.

CCU enables the production of various commodities that are directly compatible with the cur-
rent infrastructure. Thus, climate change mitigation measures could be conducted very rapidly
and on a massive scale, as emission reductions are not linked to the complete replacement of
existing machinery or transport fleet. Each ton of carbon that is captured and utilized can re-
place the use of underground fossil reserves of oil and natural gas. Low-carbon and renewable
power sources are crucial ingredients in the manufacturing of CCU products to ensure that the
environmental footprint of the CCU product is lower than that of the fossil product it replaces.
The captured carbon can also be contained for decades in suitable applications before it is re-
cycled again or released back into the natural carbon cycle. The industrial demand for carbon
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will not be eliminated even if the energy system is completely decarbonized, as many products
still require carbon as a feedstock.

Besides CCU, carbon capture and storage (CCS) is also a viable climate change mitigation tech-
nology. IPCC (2014) has estimated that the cost of climate change mitigation could increase by
138% without CCS. Technological breakthroughs and developments in carbon capture techno-
logies can lead to advances in both CCU and CCS applications. Furthermore, bioenergy with
carbon capture and storage (BECCS) is one of the few available tools for achieving negative
greenhouse gas emissions with significant scaling opportunities. Negative emissions are neces-
sary for returning to lower atmospheric CO2 concentrations in a so-called overshoot scenario or
for the compensation of sectors that are otherwise difficult to decarbonize. The overall demand
for carbon dioxide removal from the atmosphere is estimated to be about 10 GtCO2 annually by
2100, or 200–400 Gt over the whole century (IPCC, 2018a).

CCU products typically require hydrogen as an additional feedstock. Sustainable production
of hydrogen relies on electrolyser technology, which, although technologically relatively ma-
ture, is still commercially in its infancy. More broadly, the concept of converting renewable
electricity to various products, power-to-X (PtX), is still being developed from the legislative
and techno-economical perspectives. In this dissertation, the various products obtained from
PtX are prefixed with the letter ’e’ (e.g. electrofuels (e-fuels), e-chemicals, and e-fertilizers).
Besides replacing current products, PtX enables energy storage on a large scale, which is likely
required to supplement intermittent renewable power production.

In the context of this work, the focus is on the techno-economical aspects of PtX and CCU
development. These include, for instance, the dimensioning of different production stages and
storages, determining the geographical location of plants, surveying viable transport alternatives
for raw materials and products, increasing the benefits from process integration, and optimizing
operation principles. The ultimate purpose is to increase the affordability and performance of
PtX technologies, which in turn can participate in the renewal of the energy sector and bring
about new alternatives for energizing the world in a more sustainable manner.

1.2 Objectives
The objective of the work was to identify different implementation strategies for CCU techno-
logies, focusing on smooth integration between different process components. Issues that relate
to the acquisition of carbon are of special interest, especially in the context of manufacturing
synthetic hydrocarbon fuels in bulk quantities. More specifically, the most important aspects of
the work include

I finding sound strategies for implementing and evaluating the performance of PtX systems,

II evaluating local resources and raw materials specifically in a CCU context,

III studying the integration options of carbon dioxide utilization with existing technology,
infrastructure, and systems.

All mentioned aspects rely on a thorough understanding of the geographical placement of units
and time-related operation aspects. Traditional economic evaluations rarely include hour-by-
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hour analysis of plant performance, which has a crucial impact on PtX systems. Furthermore,
another commonly neglected aspect is the placement of PtX units and the required infrastruc-
ture, which can influence the product and feedstock price levels through the escalation of trans-
port costs, for instance. Geospatial analysis enables the identification of local differences in
the availability and demand of renewable electricity, CO2, and heat, which in turn influence
decision-making and concrete implementation plans.

The first two objectives were investigated in Publications I and II, where an assessment of
the local CO2 sources for CCU was performed for Finland. The presumption of the study was
that the available CO2 sources in 2050 would vary significantly from the current supply due
to stringent decarbonization measures. The studies compared different CO2 capture strategies,
showcasing centralized and decentralized plans that relate primarily to the second objective.
The studies laid the foundation for identifying important research topics for future publications,
such as the seasonal variation in CO2 availability, temporal mismatches between CO2 supply
and demand, the viability of different CO2 transportation methods, and ranking of CO2 sources
according to cost, scale, location, and applicability for capture.

Publication III shifted the focus from national analyses to the individual plant level by perform-
ing a comprehensive study and optimization of a power-to-gas system. The lower application
scale enabled tackling Objective III with a more detailed analysis of the dynamic operation of
the plant and the costs associated with it. The study analysed the techno-economic implica-
tions of buffer storages for CO2 and H2, compared different power sources, and analysed the
consequences of plant shutdowns. Publication IV also studied the operation challenges of PtX
plants, while focusing instead on dynamic properties of the individual process components and
the resulting implications for system efficiency.

Publication V continued the trend set by the first two publications, illustrating regional oppor-
tunities for power-to-X systems in the Bothnian Bay area, which is located between Finland
and Sweden. Objective III was targeted by illustrating opportunities for heat integration on the
regional scale. Objective II was also considered, as the existing infrastructure and resources
of the region were considered in greater detail than before. Finally, Publication VI explored
an in-depth integration of CCU with a modern pulp mill. This small-scale study complements
the other large-scale analyses by completing the logical pathway from potential estimations to
feasibility evaluations at the individual plant level.

1.3 Outline of the dissertation
The remainder of this dissertation is divided into four sections. The first section introduces
the current status of CCU technologies and evaluates future prospects and primary develop-
ment hurdles. The second section introduces in more detail the primary components necessary
for CCU, i.e. CO2 capture, storage, transport, hydrogen generation, and synthesis. The third
section deals with the challenges and strategies of modelling CCU systems on various scales.
Additionally, the third section also focuses on the integration aspects of CCU to existing energy
systems, with appropriate examples from related publications. The final section of the disserta-
tion reiterates the main findings and conclusions of the work while also providing suggestions
and problematic topics for future studies.
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2 Status and outlook for carbon dioxide utilization
Carbon is naturally bound by the atmosphere, plant biomass, fossil reserves, oceans, soil and
Earth’s crust. Natural carbon cycles transfer billions of tons of carbon between these sinks over
various time scales. CCU involves the manipulation of these carbon sinks and cycles, some of
which are identified in Figure 2.1.

Biomass
Natural 
carbon 
cycles

Ocean

Atmosphere

Direct air capture

Post-combustion capture

Pre-combustion capture

C
ar

b
o

n
 d

io
x

id
e

Fossil
resources

Soil

Figure 2.1: Simplified natural carbon cycle and main non-natural carbon capture mechanisms.

The term CCU implies that there are two stages involved: carbon capture and utilization. An
essential part of CCU is therefore the capture of CO2, for which three mainstream technical al-
ternatives are presented in Figure 2.1. One such alternative is the post-combustion treatment of
flue gases or its variations such as oxy-fuel combustion. Conversely, in pre-combustion capture,
CO2 is separated from the fuel before its usage. In both combustion capture methodologies, the
fuel itself can be traced back to the biomass or fossil origin.

A combustion process is not an absolute requirement for all CO2 feedstocks like biogas. Yet,
few non-combustion pathways are typically recognized as a separate category of CO2 capture.
Direct air capture of CO2 is one such exception. CO2 capture from seawater is also technically
possible, but this concept is typically less recognized and promoted. The environmental aspects
of different CO2 sources are discussed later in Section 2.2.1.

As pointed out by Hepburn et al. (2019), a narrow interpretation of CCU is often used in the
literature, where natural CO2 capture processes that include a photosynthetic or a biological
step are excluded from CCU. Instead, processes which capture CO2 using technical devices are
more often categorized to CCU activities. One further identifying mark of CCU is that CO2

is separated and processed as a pure substance at some stage of the CCU production chain.
Without these restrictions, even the management of grasslands to support animal husbandry
could be argued to be a branch of CCU.

The second stage of CCU is the actual utilization part, which can be implemented with CO2

directly as a pure substance or through a conversion process which can optionally require ad-
ditional elements, such as hydrogen. Either way, the application of CO2 should bring addi-
tional benefits, either through a product that is manufactured or by providing consumable pro-
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cess feedstock. According to this definition, biochar production and lumber products (beams,
planks, etc.) would qualify for the utilization criteria of CCU even though these are based on a
biological capture processes.

Different terms relating to CCU are therefore subject to some interpretation. As a further
example, CCU processes may or may not result in carbon dioxide removal (CDR) from the
atmosphere. CDR can be achieved artificially or by enhancing natural carbon sequestration
pathways, such as forestry, biomass cultivation, enhanced weathering, as well as land manage-
ment practices and other methodologies that can enhance the sequestration of carbon in soil
and oceans (IPCC, 2018b). Further definitions are available for CCS, which aims to perman-
ently store CO2 in geological underground formations, but not necessarily remove atmospheric
CO2. Then again, bioenergy combining CCS (BECCS) can be attributed to a decrease in at-
mospheric CO2. The different terms can therefore be difficult to distinguish, especially if they
are grouped together such as in the term CCUS (carbon capture, storage, and utilization). For
clarity, CO2 emission reduction, removal, utilization, and storage potential should be analysed
independently for each function (Hepburn et al., 2019).

This dissertation focuses on CCU pathways that are implemented by separating the CO2 from
flue gases by utilizing post-combustion. For the potential CCU products, the focus is on fuels
and chemicals. Natural CDR pathways and CCS are not investigated in great detail.

2.1 CO2 utilization pathways and volumes
Numerous different applications exist for CO2 even today, but many more potential uses are still
waiting for commercial implementation. Generally, the applications are based on either direct
use of CO2, or conversion processes. A further distinction can be made between chemical
conversion, biological processes, and mineralization (VTT, 2020). A graphical summary of the
most prominent CO2 utilization pathways and applications is shown in Figure 2.2.

Globally, the total annual use of CO2 is currently about 200–230 million tonnes (Mt), of which
about 100–130 Mt is used for urea production in the fertilizer industry. Urea and ammonia
are commonly produced at the same site, and CO2 for urea production commonly originates
from natural gas used in ammonia production (IEA, 2020). The second largest existing CCU
application is the oil and gas industry, where about 70–80 Mt is used, primarily for enhanced
oil recovery. The food and beverage industry uses about 10–15 Mt, and about 5 Mt is used in
metal fabrication (IEA, 2019). The remaining CO2 use includes numerous applications, such
as dry ice blasting, stunning of swine and poultry, shielding gas in welding, pesticide use in
grain silos, supercritical fluid extraction, aerosol propellant, and many more. Table 2.1, which
relies on the previous work of Parsons Brinckerhoff et al. (2011), shows some of the existing
uses of CO2 as well as an estimation for potential future use, which has been categorized into
five application scales, e.g. <1 Mt/a, 1–5 Mt/a, etc. The list of applications is not complete. For
example, polyols, dimethyl ether (DME), acrylates, and numerous other smaller applications
are not included (Hepburn et al., 2019; Aresta, Dibenedetto and Angelini, 2013). Also, while
some category estimates have been updated and added from other references, the presented
values are indicative in nature rather than exhaustive.
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Revolutionary and emerging uses of CO2 include the production of fuels, chemicals, and build-
ing materials (IEA, 2019). Potential volume estimations should be treated with appropriate
reservation, especially since many products and production technologies have not been com-
mercialized. Still, even individual CCU pathways could reach gigaton levels in CO2 demand
with successfull commercialization (Hepburn et al., 2019). However, many technical, com-
mercial and regulatory hurdles still need to be cleared (IEA, 2019). For instance, sustainable
e-chemicals produced using the CCU pathway are currently considered to be 2–5 times more
expensive relative to their fossil counterparts, predominantly due to the high cost of hydrogen
from water electrolysis (IEA, 2019; Bazzanella and Ausfelder, 2017). The production of more
complex hydrocarbons also comes with a greater energetic and economical cost, while also
requiring significant efforts for developing improved process catalysts that are more selective
towards the final products (De Luna et al., 2019). However, the potential cost reduction from
low-cost electricity and policy-stimulated technological and manufacturing developments could
aid in achieving reasonable price levels (Hepburn et al., 2019; IRENA, 2020).

Less energy-intensive products, such as carbonates, can be more affordable to produce (IEA,
2019). However, the products also have a lower value to weight ratio and thus likely uneco-
nomical to transport over significant distances. The potential applications are also more or less
limited to construction industry. Even so, the CO2 emission reduction potential and revenue
generation have a marked effect. Aggregates could be nearly comparable in terms of revenue to
the use of CO2 in fuels, and surpassing fuels in terms of CO2 utilization volume (Global CO2

Initiative, 2016). Concrete curing with CO2 is another industry segment offerring tremendous
opportunities.

CO2-based polymers are in some cases currently cheaper and more environmentally friendly
than their fossil counterparts, paving the way for the first pilot projects (Bazzanella and Aus-
felder, 2017; von der Assen and Bardow, 2014). The amount of CO2 that can be embedded in
polymers is traditionally limited to below 50% of the polymer’s weight due to material and man-
ufacturing restrictions, at least with current products (IEA, 2019; Parsons Brinckerhoff et al.,
2011). Furthermore, the market size for polymers is significantly smaller than that of chemicals
and building materials (cf. Table 2.1).

CO2 utilization pathways could have a significant impact on global CO2 balances, but potential
volumes vary from reference to reference, partially due to different product categories that are
considered. The primary focus in this work is on chemicals and fuels, as they represent a large
volume potential. In Europe, an annual CO2 demand of 50–300 Mt by 2050 has been presented
for the primary bulk chemical production (ammonia, methanol, ethylene, propylene, chlorine,
benzene, toluene, and xylene), where the upper range corresponds to a case where nearly all
said chemicals are produced through hydrogen and CO2-based production routes (Bazzanella
and Ausfelder, 2017). If the European chemical industry is assumed to have a 17% market share
of the global market (Cefic, 2022), CO2 demand from chemicals can be extrapolated to about
0.3–1.8 Gt worldwide. The manufacturing of synthetic jet fuel, methanol, and syndiesel could
increase the CO2 demand by about 380 Mt in Europe (Bazzanella and Ausfelder, 2017), which
corresponds to a global demand of 2.5 Gt if the share of global liquid fuel demand in Europe is
estimated as 15% (Statista, 2019).

Together, fuels and chemicals would globally require about 4.3 Gt of CO2 annually in a rel-
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Table 2.1: Existing and potential future applications for CO2. Adapted from the work of Parsons
Brinckerhoff et al. (2011)

.

Existing use Current
CO2 demand
(Mt/a)

Future potential
CO2 demand
(Mt/a)

Urea manufacturing 100–130 † 30–300
Enhanced oil recovery 70–80 † 30–300
Beverage carbonation 8* 14*
Food processing, preservation, and packaging 8.5* 15*
Metal fabrication** 5* † 5–30 †
Other gas and oil applications 1–5 1–5
Water treatment 1–5 1–5
Coffee decaffeination n.a. 1 - 5
Wine making <1 <1
Horticulture <1 1–5
Pharmaceutical processes <1 <1
Pulp and paper processing <1 <1
Supercritical CO2 as a solvent <1 <1
Electronics <1 <1
Refrigerant gas <1 <1

Emerging and possible use

Algae cultivation >300
Enhanced coal bed methane recovery 30–300
Enhanced geothermal systems 5–30
Polymer processing 5–30
Chemical synthesis (excl. fuels and polymers) 1–5
Power cycle working fluid <1
Mineralization
Calcium carbonate and magnesium carbonate >300
CO2 concrete curing >300 ◦
Bauxite residue treatment 5–30
Baking soda <1
Fuels and chemicals
Renewable methanol and ethanol >300
Formic acid (as hydrogen carrier) >300
Formic acid (as chemical) 1–5
Fuel production using micro-organisms >300
Ethylene >300 ‡
Methane >300 §
Fischer-Tropsch fuels >300 §
* Actual estimations are given instead of a range
** Welding, cutting, steel manufacturing, metalworking
† (IEA, 2019), ‡ (De Luna et al., 2019)
§ (Hepburn et al., 2019), ◦ (Global CO2 Initiative, 2016)
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atively optimistic scenario. Algae cultivation and mineralization applications could further in-
crease the demand significantly. Other studies have presented annual CO2 demands of 1.5–2.4
Gt (von der Assen, Müller et al., 2016; Centi and Perathoner, 2011; Dechema and Chemischen
Industrie e.V., 2009) but the scope of considered products is also more focused in these stud-
ies. Ram et al. (2020) estimated the global CO2 demand to reach 6 Gt by 2050, largely driven
by fuels and chemicals. Hepburn et al. (2019) presented a low scenario that exceeded 3 Gt
CO2 demand and a high scenario for nearly 18 Gt, of which nearly 9 Gt is allocated to ’non-
conventional’ CCU pathways such as BECCS and land management. The Global CO2 Initiative
(2016) has presented a roadmap up to the year 2030 for five CCU product categories, ranging
in CO2 demand from 1 Gt to 7 Gt, the latter of which would be achievable with strategic actions
that support CCU. According to the roadmap, the most dominant products in terms of utilized
CO2 were aggregates (up to 3.6 Gt by 2030), fuels (up to 2.1 Gt) and concrete (up to 1.4 Gt).

In conclusion, the utilization volumes on some of the previously introduced high-end scenarios
test the limits of available point sources of CO2, especially if the fossil point sources are elim-
inated according to emission reduction policies. Direct air capture has thus been identified as a
necessary tool in some studies, along with a significantly increased demand for sustainable elec-
tricity to enable the conversion processes (Ram et al., 2020; Bazzanella and Ausfelder, 2017).
The availability and volumes of CO2 sources are discussed later in Section 4.2. Utilization
of CO2 in different markets segments would also generate significant revenue, but this is not
explored further in this work.

2.2 Drivers and barriers in CO2 use
The drivers for CCU technology implementation are partially originating from more stringent
emission regulations but also from various CCU-related support policies, competitions, and
awards. For instance, the $20 million XPrize (2015) Carbon contest developed technologies for
converting CO2 into products. Likewise, XPrize Carbon Removal is a $100 million contest that
aims to find viable carbon removal technologies that could capture gigatons of CO2 annually.
In total, global private funding funnelled to CO2 start-ups has been estimated to reach nearly
$1 billion during the last decade (IEA, 2019). Even though these prizes and initiatives are
surely helpful, the support of governments, confederations, and other funding organizations are
still crucial for the commercial breakthrough of CCU. For instance, the 45Q tax credit in the
USA is one mechanism that also supports CCUS development. Besides more targeted support
mechanisms, emission trading schemes and carbon taxes can also influence the desirability
of CCU. The EU has previously had and continues to develop numerous funding programs
applicable to CCS and CCU, such as the Connecting Europe Facility (CEF) for the development
of CO2 transport infrastructure. The United Kingdom has established a research community
called the Global Carbon Dioxide Utilization Network, aiming for the production of value-
added products utilizing CO2. An umbrella organization, the Global CO2 initiative, is striving to
recognize and implement carbon capture and use ’as a mainstream climate solution’ (University
of Michigan, 2022).

Several barriers could hinder the development of CCU. Castillo Castillo and Angelis-Dimakis
(2019) separates the barriers into four themes: abatement contribution, infrastructure develop-
ment, legislation, and public acceptance. As an additional aspect, widespread development of
CCU is not possible without economical profitability, which requires the establishment of a
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functional market. Technological aspects are not seen as an obstacle to a near-term scale up
of CO2 use, but rather the challenges relate to commercial and regulatory matters (IEA, 2019).
These CCU-related barriers are discussed in more detail in the following sections.

2.2.1 Environmental considerations

The barrier of abatement contribution is related to ensuring that CCU is benign to the environ-
ment. Thus, the primary concerns are related to substitution effects per ton of product (e.g. the
difference in greenhouse gas (GHG) emissions when CCU is displacing fossil fuels or products
manufactured from fossil fuels), the global market volume, and the duration of the fixation
(Castillo Castillo and Angelis-Dimakis, 2019).

A commonly expressed concern of CCU is that it would only delay the inevitable release of
carbon into the atmosphere (Jones, Kaklamanou et al., 2015). The concern is valid in the
sense that if a hydrocarbon fuel or any other short-lived CCU product is made from recycled
carbon dioxide, the global warming impact is triggered once the product’s lifetime is reached.
Nevertheless, net emissions can be lower since there are two applications before the carbon is
released. The premise here is that recycled CO2 does in fact replace and reduce the use of fossil
resources. Substitution effect should ideally be verifiable and robust in the sense that it would
not cause carbon leakage to other consumption segments or regions.

Naturally, the production of the recycled product should at the very least generate less emis-
sions than what is avoided by recirculating the carbon stock. The higher the substitution effects
are, the greater the environmental beneft becomes. Moreover, the cost-effectiveness of CCU for
reducing emissions should be comparable to what can be achieved by other technological solu-
tions (Fawzy et al., 2020). In order to have a meaningful contribution, the emission reduction
effect should be significant relative to the monetary cost, otherwise alternative emission reduc-
tion measures would be preferrable. Both the emission reduction potential per tonne of product
and the overall market volume of the product are relevant parameters. Other factors may also be
relevant, such as land use, energy consumption, raw material use, and released waste streams.

The origin of the CO2 can significantly affect the environmental effects of CCU, resulting in
carbon positive, negative, or neutral processes (Müller, Kätelhön, Bachmann et al., 2020). Path-
ways that use and release biogenic CO2 at end of life could theoretically be carbon-neutral, but
likely some emissions arise from the production of the commodity, CO2 capture, transportation,
etc. Such applications therefore result in carbon-positive pathways in reality, although they
can still reduce emissions compared to fossil product pathways. Re-absorption mechanisms
will take several decades, with a further clause that there is no change in land use principles.
Acknowledgement of the land use change effects is therefore critical for pathways involving
biogenic CO2 (Fajardy and Mac Dowell, 2017).

CCU with biogenic CO2 can potentially reach net-negative emissions if some of the previously
sequestrated biogenic carbon is not re-released into the atmosphere. Similarly, CO2 of fossil
origin could in theory be carbon-neutral if the CO2 is not released to the atmosphere at end of
life. Admittedly, CO2 from fossil sources does traditionally come from an existing application,
so the emission burden is technically accountable to multiple applications even if it were re-
leased. Oceans are typically recognized in the scientific literature primarily as a sequestration
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site for CO2 (Anderson and Newell, 2004; IPCC, 2018b) rather than as a potential source for
CCU. Environmentally, direct air capture can be considered akin to biogenic CO2, where the
main differences are related to time scales and energy requirements for CO2 capture.

As stated earlier, CCU-based fuels can reduce CO2 emissions relative to their fossil counter-
parts. However, it is not clear without doubt that the use of virgin fossil resources is directly
reduced as a consequence of employing CCU, nor is conventional fuel production using fossil
oil likely to be completely replaced by CCU or biofuels in the near future. The associated chal-
lenges relate firstly to sheer market size and secondly to the diverse product base. The petroleum
refining industry converts crude oil into numerous distillates, such as gasoline, kerosene, diesel,
propane, butane, bitumen, as well as light and heavy fuel oil. Replacing all of these within a
acceptable timeframe with CCU or other technologies is challenging.

When CCU-based fuels, electric vehicles, and other disruptive technologies are implemented,
they could affect the market demand for different traditional oil distillates. Traditional refinery
products could in such case either lose part of their market prevalence, relocate to a differ-
ent market region, find alternative markets from other applications, or respond by altering the
product distribution. For instance, past trends have shown an increasing market demand for
transport fuels, while the demand for heavy distillates has been steadily declining (Johansson,
Rootzén et al., 2012). These types of trends and regional product emphasis are reflected in the
configuration of the oil refineries.

An increase in the demand of medium distillates (e.g. jet fuel and diesel) over heavy and
light distillates (e.g. gasoline) could favour hydrocracker unit investments in petroleum refin-
ing (McKinsey et al., 2018; Johansson, Rootzén et al., 2012). A hydrocracking unit can be
responsible for over 70% of the total H2 consumption of the refinery (Alves and Towler, 2002),
leading to a significant increase in hydrogen demand on-site. Environmental reasons are fos-
tering the integration of electrolysis-based hydrogen production and even oxy-combustion in
the petroleum industry (Nascimento da Silva, Rochedo and Szklo, 2022), which shows that
there are viable technological innovations also for traditional oil refineries. Both CCU fuels and
petroleum-derived fuels could use sustainably sourced hydrogen in their production processes.

Although the current use of CO2 is heavily connected to the fossil industry, a transition to more
sustainable sourcing and use of CO2 will eventually be necessary. It is estimated that around
70–80% of the CO2 used in EOR applications originates from naturally occurring underground
reserves of nearly pure CO2 (Parsons Brinckerhoff et al., 2011; IEA, 2020). CO2 injection is
thus applied primarily for the monetary benefits, not for climatic reasons. Current activities aim
to maximize the oil production instead of CO2 sequestration, so already retained CO2 can be
flushed out on purpose so that it may be used again for EOR (Aycaguer, Lev-On and Winer,
2001).

The utilization of flue gases from an existing facility would result in a much greater climatic
benefit compared to using natural formations containing CO2. Thorne et al. (2020) estimated
lifecycle CO2 emissions to be 71% lower with an EOR that is linked to a power plant compared
to the reference case without it. However, the human toxicity index simultaneously increased
by 37%. Another interesting technology is urea yield boosting, which relies on the injection of
additional CO2 into the process. Although the use of CO2 would seem promising in this matter,
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the process is predominantly based on the use of natural gas as the feedstock of ammonia. A
more sustainable pathway would be to completely eliminate the use of natural gas and instead
produce ammonia using electrolysers and renewable electricity. As proven by these examples,
cost and environmental effects are both aspects that need to be considered in the screening of
potential products and pathways (Parsons Brinckerhoff et al., 2011).

Life cycle analysis (LCA) is a standardized methodology applicable for the environmental eval-
uation of different products. However, the application of LCA to CCU does have some pitfalls
and methodological choices, which can lead to diversification of results. In order to provide con-
sistent results Müller, Kätelhön, Bachmann et al. (2020) have drafted comprehensive guidelines
for conducting LCA analyses of CCU. Specific LCA guidelines have been previously applied
for other sectors as well, such as photovoltaic electricity or buildings. One challenging theme
highlighted in the guidelines is multifunctionality, which relates to the fact that multiple valu-
able products may be produced by the connected processes. The emissions therefore need to be
allocated to different products based on some agreed methodology. Numerous different method-
ologies are available in LCA for taking multifunctionality into account, which can cause some
confusion when different studies are compared. The lifetime of the product is another aspect
that is not inherently addressed by LCA methodology because emissions are not discounted
over time. Some CCU products could have a lifetime of several decades, delaying the onset
of CO2 emissions for a considerable time. As a partial solution, Müller, Kätelhön, Bachmann
et al. (2020) suggests providing emission time profiles separately. Despite these shortcomings,
LCA is the most comprehensive and recommendable practice for estimating the climate effects
of LCA. Linking environmental impact assessment and legislative regulation is necessary to
incentivize and enforce sustainable production pathways.

Nevertheless, non-standardized methodologies can give reasonable approximations of the envir-
onmental effects of CCU, which can be especially useful in the early stages of development and
process comparison. Identification of the input energy flows (e.g. electricity, heat) and materi-
als (water, chemicals, catalysts, CO2) can already give an early indication of the environmental
effects. The environmental impact of a CCU product is heavily influenced by the source of elec-
tricity used during its manufacture, at least in cases where electrolytically produced hydrogen
is one of the primary feedstocks. Therefore, rapid estimations can also be conducted without
relying on full-scale life-cycle assessments. The methodological selections regarding the CO2

source are especially important, since existing processes typically consider it as a waste, yet
for CCU applications, it is a feedstock. Proper formulation of the study scope, benefit and bur-
den allocation, and selection of a suitable benchmark are absolutely crucial in both LCA and
non-standardized analyses.

2.2.2 CO2 infrastructure development

The global energy market has been built relying on fossil energy sources, as proven by the nu-
merous gas stations, natural gas pipelines, and logistics terminals serving coal and oil hubs, for
instance. From a historical perspective, there have not been true challengers that could compete
with fossil fuels in terms of performance, available volume, mobility, and cost-effectiveness.
Still, subsidies had a key role in securing the dominant position of fossil fuels by establishing
the required infrastructure. Even today, half a trillion dollars is spent annually on fossil fuel
subsidies, which exceeds the amount of support for renewables by a factor of three (Timperley,
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2021). This estimate does not include the external cost to societies that stems from air pollution
and climate change (Taylor, 2020).

Even though sustainable energy systems can nowadays be considered a serious technological
contender to fossil fuels, reforming or abolishing fossil fuel subsidies is difficult to implement.
As highlighted by Timperley (2021), one such challenge is the link between current subsidies
and energy price, which affects inflation and more broadly the economy and employment op-
portunities. As one possible solution, the continuation of subsidies could be made conditional
on including green and sustainable elements in the beneficiary’s portfolio (Timperley, 2021).
This type of development would enable current companies that are heavily invested in fossil
energy to keep their core competence focus while also committing them to developing emission
reduction technologies. IRENA’s roadmap (Taylor, 2020) projects that the share of fossil fuel
subsidies will decrease from 70% to 29% by 2050, whereas the share of energy efficiency and
renewables increases from about 26% to 66%. Furthermore, over 90% of the remaining fossil
subsidies in 2050 would be related to the support of CCS. The established support for CCS
could carry over to CCU systems as well, at the very least indirectly through technology devel-
opment for CO2 capture and other relevant systems. Additionally, subsidies could be focused
on fostering the growth of CCU infrastructure specifically or share the same infrastructure that
is used with CCS.

CCU can take advantage of the existing delivery infrastructure because the final product can
be made identical to current fossil products. Thus, climate change mitigation effects can be
realized quickly and on a large scale due to the existing distribution network. The challenges
relate to the supply side infrastructure, which has not been established at scale. Infrastructural
readiness relating to the capture and transportation of CO2 needs to be increased to enable the
growth of CCUS. CO2 pipelines, storage tanks, harbour logistics and shipping capability, CO2

compression, and small pressurized tank manufacturing for rail and road transport are some
practical examples that would need to be developed. Besides research, funding, and direct
investments, the legislative side also needs to be developed to enable permitting and to establish
formalized codes of conduct. Legislative issues are discussed in Section 2.2.3.

CCUS development could stem from speciality ’hubs’, which are regional clusters that are
highly focused on CCUS activities. Hubs enable the sharing of CO2 transport and storage infra-
structure, bringing economy of scale benefits and minimizing unit costs by reducing duplicate
equipment and planning. Potentially, smaller CO2 sources along the network could also be
linked, something which would otherwise be uneconomical or impractical on their own due
to low volumes. Associated risks are also lower due to numerous potential CO2 suppliers and
users in the region (IEA, 2020). Furthermore, CO2 hubs could simultaneously host both CCS
and CCU activities. The European Commission also highlights CCUS hubs and cross-border
transmission as critical because all member states do not have access to suitable storage sites
(European Commission, 2021).

If CCU is used to replace current fossil products, it could extend the life of the current energy
infrastructure in place. This can be considered to have both positive and negative implications.
The positive aspect comes primarily from the fact that emissions can be decreased quickly, and
new delivery infrastructure or adjustments in the final use sectors would not be necessary. Neg-
ative tones arise from the notion that CCUS could increase the risk of carbon lock-in (Unruh,
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2000; Vergragt, Markusson and Karlsson, 2011), meaning that a transition away from fossil
would be difficult to implement due to previously established infrastructure and practices. In-
frastructure that has been built for fossil energy sources, such as coal plants and mines, serves no
purpose in a world that is powered by sun and wind. Companies have been shown to prefer de-
veloping technological solutions with a proven internal track record over alternative and radical
solutions that could make their current products obsolete (Unruh, 2000).

The lock-in phenomenon is compounded by the fact that energy production facilities have a
long lifetime, meaning that decisions taken now have far-reaching consequences for the future.
According to Cui et al. (2019), the historical average lifetime of coal power generation units has
been 50 years, which should decrease by 15–30 years on the basis of meeting the Paris climate
targets for current plants. A further reduction of 5 years would be necessary if projects under
construction are included, or by 10 years if plants in earlier stages of planning are also included
in the analysis. The risks of stranded assets are significant from this viewpoint. Despite these
projections, coal power is still being taken into service, meaning that one of three scenarios
will be realized. Either emission targets are not met or they are heavily compensated by other
sectors, fossil coal power plants are prematurely closed, or CCUS is retrofitted into newer facil-
ities. Thus, depending on viewpoint, CCUS can be seen both as a culprit in carbon lock-in or
as a solution by retrofitting CO2 capture devices.

The safety of CO2 during transport and handling is also important. CO2 is denser than air and
could thus lead to asphyxiation in enclosed spaces or in other suitable conditions. Volcanic lakes
have been recorded to periodically release massive amounts of CO2, with one such incident
resulting in the death of at least 1700 people in 1986 (Kling et al., 1987). Although the volumes
of CO2 that are handled may be completely different in man-made constructions, engineering
studies have been conducted on safety. CO2 pipelines and storage could experience ruptures
and corrosion-induced cracks, potentially leading to crack propagation and more severe and
rapid releases of CO2. These sudden bursts could be harmful purely from the sudden release of
energy and pressure shock. CO2 pipelines face a higher risk of a running-ductile fracture than
natural gas pipelines, but this may be remedied by proper adjustment of the line pipe material
toughness or crack arrestors. Optimization of these safeguards would lead to a decrease in
pipeline costs. Traditional semi-empirical methods that are traditionally used in analysing crack
arrest toughness levels are not applicable to CO2 (ZEP, 2020).

2.2.3 Legislation and policy relating to CO2 use

CCS could be playfully dubbed as the older brother of CCU, as the concept has been around for
longer, and it is also more commonly recognized. Therefore, also the legislation for CCS is in
many cases more developed than for CCU. In the EU, most legal regimes that are in place for
CO2 are applicable primarily to CCS. These include (Carbon Neutral Cities Alliance, 2020):

• EU ETS (emission trading system) Directive (2003/87/EC)

• ETS Monitoring and Reporting Guidelines (2010/345/EU)

• Liability Directive (2004/35/EC)

• CCS Directive (2009/31/EC)



28 2 Status and outlook for carbon dioxide utilization

• London Protocol

• OSPAR convention.

The EU ETS Directive and the monitoring and reporting guidelines associated with it dictate
how the emission unit allowances may be calculated from CO2 sequestration, as well as how
the responsibilities are transferred between different actors (i.e. CO2 emitter, capture device
operator, pipeline operator). The CCS directive is in place to ensure that there is no damage
or significant risk to the environment in CCS activities. In practice, issues such as site permit-
ting, monitoring, reporting, inspections and such are mandated by the directive. The liability
directive extends the responsibility of local environmental damage beyond what is covered by
the EU ETS while still being limited to 30 years. The London Protocol controls cross-border
transfers of CO2, which are discussed later in this section. The OSPAR convention prevents and
limits pollution that affects the marine environment of the North-East Atlantic, thus providing
guidelines for geological sequestration that is specifically done in subsea formations (Carbon
Neutral Cities Alliance, 2020).

Guidelines for CCS are not completely applicable to CCU, however, so separate regulation is
necessary. In the EU, there are conflicting views on whether a separate directive for CCU would
be necessary, or whether it would be better to modify current directives to accommodate CCU.
In existing legislation, at least the Waste Framework Directive and the ETS along with sub-
sidiary directives regarding Indirect Land Use Change and Fuel Quality are critical (Castillo
Castillo and Angelis-Dimakis, 2019). Additional conventions that could affect CO2 transporta-
tion include the UN Law of the Sea Convention, Basel Convention, Espoo Convention, and the
UNFCC. Several standards can also be relevant, such as ISO 13623 and ISO/TR 27915 (Sleiti
and Al-Ammari, 2022).

In the USA, EOR and CO2 pipeline transport has been in commercial use for several decades
with appropriate legislative status. The CCUS activities are regulated by the Environmental
Protection Agency, which has been criticized for permitting EOR activities with relatively little
scrutiny compared to CCS activities. Additionally, the practices can vary from state to state as
the regulation has been delegated to individual states on many occasions (NRDC, 2017).

Legislation is crucial to ensure safe and environmentally friendly production processes, and
to determine the quality specifications of the CCU product. To some extent, regulation can
have carry-over effects on the economic profitability of CCU, which could manifest through
additional costs from safety equipment. Positive effects are also possible, for instance by creat-
ing specially recognized markets and incentives. Castillo Castillo and Angelis-Dimakis (2019)
identifies three essential policy groups for different stages of development and commercializ-
ation of CCU, which are discussed in more detail in the following paragraphs. Naturally, the
distinctions and boundaries between different policy items are slightly overlapping in practice
to enable a smooth transition.

The first policy area discussed by Castillo Castillo and Angelis-Dimakis (2019) is market reg-
ulation, which defines the fundamental rules for commercial activities relating to CCU. This is
implemented by setting feedstock and product definitions (e.g. renewable electricity), perform-
ance and quality-related standards (e.g. product final composition), and various criteria that are
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relevant for product comparison and benchmarking (e.g. sustainability). On a similar note, IEA
(2019) policy recommendations call for robust life-cycle analyses to support decision-making
and quantify climate benefits. The primary objective of market regulation is to ensure that the
implementation of CCU products is beneficial. This prevents the misuse of subsequent support
mechanisms and also functions as a safeguard for unintended negative externalities. The other
important impact of regulation is that it also ensures that the market remains fair and stable
for the commercial actors. Market predictability is necessary so that companies are willing to
invest.

The second policy tool is intended to support early technical development. Necessary elements
include supporting infrastructure planning and financing mechanisms, research and develop-
ment support (especially in technology upscaling), and assistance in public engagement. These
actions reduce the first-movers’ risk and capital requirements, which could otherwise be too dif-
ficult to bear due to the long amortization times (e.g. pipeline infrastructure) (Castillo Castillo
and Angelis-Dimakis, 2019). IEA (2019) raises building materials as one potential scalable
early market opportunity that could be supported by policy actions.

The third policy tool would provide incentives and guidance for the broader deployment of
the technology. The intention is to ensure the profitability and survivability of the technology
while also providing a clear target level for CCU deployment. In practice, this involves provid-
ing support for pilots and demonstration facilities, incentivizing demand by organizing public
procurement projects and differentiating products based on their environmental impacts.

In practice, the policies likely need to be implemented on more concrete items, such as CO2

sources, infrastructure development, and public acceptance. A typical CCU cluster would in-
clude cooperation between a CO2 supplier, power and heat generator, hydrogen manufacturer,
synthesis unit operator and possibly a final customer or a distributor. Risk mitigation measures
to support cooperation activities could materialize as direct support to infrastructure, improved
stakeholder collaboration, and by supporting and aggregating initiatives for local development
clusters. (Castillo Castillo and Angelis-Dimakis, 2019). All of these actors are unlikely to exist
within the same immediate area, so interconnections between operators are crucial.

One of the challenges of the current regulatory framework is related to CO2 transport. The
London Protocol that was adopted in 1996 prevents the dumping of waste materials at sea, also
preventing offshore CCS and cross-border transmission of CO2 for the same purpose. Although
an amendment was introduced in 2009 that would permit CO2 export for CCS, the proposal
has not yet been ratified as only a handful of contracting parties have accepted the resolution.
However, an interim solution was accepted in 2019, which enables cross-border CCS activities.
CO2 is considered to be a waste material in the London protocol, and although this could not be
positively confirmed from the literature, a common interpretation seems to be that the restriction
applies to CCU purposes as well. Furthermore, both the 2009 amendment and the 2019 solu-
tion specifically use terms like CO2 ’disposal’, ’storage’ and ’sequestration’, which could thus
be interpreted as not applicable to CCU applications (IEAGHG, 2021; Carbon Neutral Cities
Alliance, 2020).

Other challenges can be identified for the intermediate storage of CO2, double counting of
emissions for CCU-based synthetic fuels when both the source and use of CO2 are covered
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by the EU ETS and products that are permanent sinks for CO2 (European Commission, 2021;
Carbon Neutral Cities Alliance, 2020). Supportive elements for CCU may be found in the
recast renewable energy directive (RED II) as there are distinct categories for both renewable
fuels of non-biological origin (RFNBO) and recycled carbon fuels (RCF), which may both
be applicable to CCU pathways (Laaksonen et al., 2021) (Report I). Additionally, the EU
Commission proposal for ReFuelEU Aviation should further enhance the standing of CCU fuels
(European Commission, 2021).

2.2.4 Public acceptance of CCU

The social acceptance of CCS has been studied extensively in the academic literature. Accept-
ance of CCS can be attributed to a number of different factors, which include personal factors,
perception of CCS technology and its role in climate change mitigation, and aspects related to
the realization of the project and its stakeholders and other actors (Akerboom et al., 2021). CCS
projects have been met with negative perceptions, and some have been cancelled outright due
to public opposition (Tcvetkov, Cherepovitsyn and Fedoseev, 2019). Even though CCU is per-
ceived more positively than CCS (for example in Germany (Arning et al., 2019)), the societal
risk factor cannot be dismissed.

CO2 can be used in a variety of different products, such as plastics and fuels, that are connected
to the day-to-day life of the general public. As such, CCU products need to be recognized
and accepted as a safe and viable alternative to conventional products. For CCU, it is more
likely that customers would need to actively choose and prefer using CCU products over fossil
alternatives, which can be considered one step further from CCS, where mere acceptance of the
technology is adequate. On the other hand, the choice can be out of reach for a normal citizen,
such as when fuels with a CCU-derived compulsory blend component are used.

In the CCS realm, for an individual to be associated with CCS activities, there would have to
be a mechanism to acquire carbon credits for their personal use. Regardless, dissemination of
information about CCU is clearly necessary as the term and its meaning are not widely known.
Some questionnaires have found that less than 5% of the responders knew about CCU and the
products that could be produced using it (Zimmermann et al., 2017). Transparent and clear
communication is needed to understand both the risks and benefits that CCU could bring.

Broadly speaking, at least four distinct risks may be identified for CCU perception: health,
product quality, environmental, and sustainability (Zimmermann et al., 2017). Additionally,
for a more educated audience, technical risks could also be highlighted as an additional theme,
although there is some overlap with product quality and sustainability aspects. Health-related
risks are associated with misconceptions and beliefs, such as products made from CO2 would be
toxic or that it could leak out from the product, causing allergies or other health issues (Zimmer-
mann et al., 2017). Perceived health hazards should be taken seriously as they strongly corres-
pond with to acceptance of CCU products. To address these concerns, transparent information
dissemination is needed, but the communication tone can also influence the emotional response
of the public (van Heek, Arning and Ziefle, 2017).

Product quality risks relate to fears that the use of CO2 leads to inferior products. This per-
ception is not unique to CCU, as similar concerns can also be valid for products made of other
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recycled materials. Environmental and sustainability concerns can be more problematic to ad-
dress, as the reasoning can be based on valid arguments or concepts that are difficult to prove
invalid or insignificant (Zimmermann et al., 2017). Examples include that CCU harms the ad-
option of alternative renewable power sources, CCU offers an excuse to continue using fossil
sources, and the overall environmental damage of the product is too great. Technical arguments
against CCU can claim that the technology is too expensive, too slow to implement, or applic-
able only on small scales (Zimmermann et al., 2017; Jones, Kaklamanou et al., 2015). Emission
offsets are seen as only temporary and the consumed energy and financing would be better used
elsewhere (Jones, Radford et al., 2014).

Conversely, a favourable perception of CCU can be related to a number of different aspects.
Firstly, it can be seen as an additional stepping stone in the pathway to a low-carbon economy,
giving more time to adapt to change and carry out decarbonization measures. Also, the em-
ployment opportunities and potential to generate useful products are seen as positive (Jones,
Kaklamanou et al., 2015). In the future, standardized product labels could be in place for man-
ufactured goods that are associated with CCU components so that customers can assess their
environmental effects and make educated purchasing decisions (Linzenich, Arning and Ziefle,
2021).

2.2.5 CO2 value chain development

The Cambridge dictionary (2022) defines value chain as ’the series of stages involved in produ-
cing a product or service that is sold to consumers, with each stage adding to the value to the
product or service’. The core of the CCU value chain consists of CO2 capture, purification, and
conversion of CO2 and other feedstocks into valuable products. Additionally, the transport and
storage of energy and materials, distribution of manufactured goods, quality control, waste flow
management, and the provision of low-carbon energy for all process stages are necessary. The
final product can be the result of a simple single-step conversion to some high-quality interme-
diates (e.g. olefins, DME) or specialty products, such as carbon fibres and plastics (Jarvis and
Samsatli, 2018).

It is imperative that the CCU value chain is attractive from a commercial and environmental
standpoint, as outlined by Castillo Castillo and Angelis-Dimakis (2019). In practice, the ra-
tional implementation of CCU-supportive policy and legislation are the key tools for enabling
and regulating industrial development. The commercial success of CCU hinges on the es-
tablishment of demand for CCU feedstocks and products, as well as the development of the
necessary logistical interconnections. The commercial implications of CCU can reach out to
other sectors, the effect of which can be difficult to estimate in monetary terms. For instance,
CCU systems can effect electricity balancing, storage, and curtailment (Castillo Castillo and
Angelis-Dimakis, 2019). Additionally, the value of the recirculated CO2 is something that can
be considered valuable but hard to price in. In the future, with the implementation of more
stringent climate policies, this could be decisive.

As the CCU value chain consists of multiple different actors, the distribution of responsibilities,
reimbursements, costs, and profits can be problematic. In the case of open CO2 pipeline infra-
structure, the pipeline operator would need to collect a transport fee from the subscribed users to
cover the maintenance and operation expenses. Given the large capital requirements for build-
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ing the pipeline, the establishment of critical transport infrastructure will likely require external
funding and support. The transport infrastructure also needs to be in place before significant
investments in other process stages can take place. The different process steps are also depend-
ent on each other, so an interruption in one process step affects all others along the production
chain.

Long-term commitments are needed between parties to discourage the withdrawal of individual
operators. If energy or material storages are necessary, it is not clear how those costs should
be distributed fairly and efficiently. If the origin and sustainability of the energy need to be
verified, how are the balances calculated and verified in the case of multiple suppliers and users
or bilateral agreements? In the case of multiple products and feedstocks, parameters need to
be agreed on how the allocation of burdens and benefits is undertaken. Similar agreements
could be necessary for emission fees, possible sequestration income, energy procurement costs,
frequency and load balancing services, waste processing costs, quality-based material prices,
and district heat sales.

2.3 Demonstration sites and projects

One of the largest existing uses for CO2 is EOR. The Permian Basin oil fields were commer-
cially used for EOR already in 1972, sparking the construction of dedicated CO2 pipelines.
Natural CO2 caverns have been primarily used in the USA for EOR (NETL, 2010; Parsons
Brinckerhoff et al., 2011). Aside from natural sources, natural gas processing plants are also
used. Numerous currently active CCU and CCS related projects can be found listed on the site
hosted by ZEP (Zero Emission Platform, 2022) and Global CCS Institute (2022).

Recently, the world’s largest CCS scheme based on direct air capture was launched. The Orca
plant in Iceland could capture 4000 tons of CO2 annually (Climeworks, 2021), which is signi-
ficantly larger than any previous facilities – yet still quite modest when set in proportion: the
average carbon footprint of a Finnish citizen is about 10 tons of CO2-equivalent (Sitra, 2018),
meaning that the annual emissions of about 400 people could be compensated by the facility.

One CO2 ecosystem is present in the Netherlands, where CO2 emissions from an oil refinery
and a bioethanol plant in Rotterdam are used to enhance the growth of vegetables in green-
houses. An 85 km long CO2 pipeline is used to transport about 400 000 tonnes annually, and
the distribution pipeline extends to about 300 km and about 580 greenhouses. The net CO2

savings are estimated to be about half of the transferred amount, as the combustion of natural
gas is avoided. The delivery focuses on summer, as during winter, the greenhouses also require
heating, and combined heat and power units are used instead (Ros et al., 2014; Linde, 2021).

The ROAD project aimed to extend the Netherlandic CO2 infrastructure to include permanent
sequestration, utilizing the empty natural gas fields off the coast of the Netherlands. Stor-
age capacity is estimated to be 35 million tonnes. A new coal-powered plant was planned to
be equipped with CO2 capture, resulting in 1.1 Mt of CO2 being captured. Additionally, the
pipeline could potentially be used to store the CO2 during low-demand times from an existing
oil refinery and bioethanol plant (Ros et al., 2014). The power plant began operations in 2015,
but the CCS component was cancelled due to financing issues and lack of political support and
financial profitability. However, the same depleted offshore natural gas field is now targeted
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in the new Porthos project. Norway has two active CCS projects: the Sleipner project and
the Snøhvit project, for a combined annual capacity of about 1.7 Mt of CO2 (Akerboom et al.,
2021).

Additionally, the first e-fuel production plants have also been implemented. The Audi e-gas
plant in Werlte began operations in 2013 (Audi, 2015). Porsche and Siemens Energy are build-
ing a synthetic fuel plant Haru Oni in Chile, where the CO2 is envisioned to be captured from
the atmosphere (Porsche, 2020). In Finland, the first CCU-based e-fuel units are on the brink
of implementation. The Soletair project demonstrated hydrocarbon production utilizing atmo-
spheric CO2 and electrolytically produced hydrogen (Vázquez et al., 2018). Additionally, pre-
feasibility studies have been conducted for a pilot plant located in southeastern Finland, where
CO2 emissions from a cement plant would be captured and used as a feedstock. The initial
phase of the study, completed in April 2021, focused on the production of methanol and its
conversion to drop-in fuels (gasoline, kerosene, and diesel) (Laaksonen et al., 2021) (Report
I). A number of other projects and plans have also been announced since then.

Wulf, Zapp and Schreiber (2020) has collected information from 220 PtX-related projects in
Europe, where the majority of projects were identified to have a link to methane production,
either biologically or catalytically. The most common liquid fuel that was targeted was meth-
anol. Wastewater treatment plants and digestion units were also commonly associated with
PtX. Biogas can be upgraded by separating the CO2, or additional hydrogen may be injected to
increase the biogas yield. Additional integration benefits may also be possible. For instance,
the LocalHy project in Germany uses the oxygen from electrolysis in wastewater purification
(Wulf, Zapp and Schreiber, 2020). The beverage industry is another common CO2 ecosystem.
The brewing of beer produces CO2, which may be captured and used in the manufacturing of
carbonated drinks, as at the Lahti brewery in Finland (Hartwall, 2018).

CCUS infrastructure has been targeted by numerous research projects, funding tools, and sci-
entific articles. The European Commission has declared a number of key actions to support the
industrial capture, use, and storage of CO2, and several CO2 transport projects have been already
successful in the Connecting Europe Facility (CEF) under the Trans-European Networks for En-
ergy (TEN-E) funding (European Commission, 2021). Additionally, the EU’s innovation fund
recently awarded 7 large-scale projects for 1.5 billion euros. ECOPLANTA, one of the awar-
ded projects, targets the recycling of municipal waste emissions to methanol. Numerous other
awarded projects involved a CCS component, enhancing the CO2 logistic capability of Europe.
(European Commission, 2022). Future development looks positive for CCUS due to numer-
ous support avenues and policies that are still being modified. For instance, Carbon Contracts
for Difference (CCfDs) have been suggested to provide an additional incentive above the ETS
system for CO2 reduction (European Commisison, 2021).
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3 Technical components of carbon dioxide utilization
Carbon dioxide utilization can take many forms, as illustrated in the previous section. In terms
of volume potential, one of the largest CCU branches is the production of carbon-containing
fuels and chemicals. These are commonly associated with the term ’power-to-X’, which en-
compasses technologies that convert electricity to different products. The variable X is often
substituted for gas, heat, fuels, liquids, or chemicals. This work focuses on PtX and CCU path-
ways for producing fuels and chemicals, where the hydrogen originates from water electrolysis.
Figure 3.1 demonstrates the scope and the main components associated with the system.
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Figure 3.1: Power-to-X processes and main components associated with the scope of this work.

3.1 Carbon capture
Carbon capture technologies can be broadly divided into three groups: pre-combustion capture,
oxy-fuel combustion, and post-combustion capture. This definition is commonly used despite
the fact that some CO2 capture pathways do not rely on a combustion step to obtain the feed-
stock stream. Post-combustion capture has received the most attention, partly because it can be
retrofitted to existing plants, but also because of its technological maturity and relatively low
cost. Pre-combustion and oxy-fuel combustion show great promise but are slightly behind in
technological maturity. Different technologies and variants are available for each of the three
groups, which will be discussed after the initial introduction of the different staging alternatives
for carbon capture.

3.1.1 Pre-combustion

Pre-combustion capture relies on pretreatment of the fuel and separation of the carbon com-
ponents. Typically, the fuel is converted to syngas, which is a mixture of hydrogen, carbon
monoxide, water, and CO2 (Figure 3.2). The pretreatment is implemented either through partial
oxidation, steam reforming, or a combination of both (Osman et al., 2021). Steam reforming
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involves contacting the hydrocarbon feed with steam, whereas partial oxidation is done by al-
lowing a sub-stoichiometric amount of oxygen to react with the hydrocarbon feed in elevated
temperatures under the presence of a catalyst (GSTC, 2022).
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Figure 3.2: Pre-combustion using gasification and water-gas shift processes. Energy flows are
represented by a wide red arrow.

After the formation of the syngas, it is then cooled and purified. For efficient CO2 capture, it is
beneficial to allow the purified syngas to react with steam in a water-gas shift reaction (WGSR),
which encourages the conversion of carbon monoxide to carbon dioxide (Osman et al., 2021).
The WGSR also increases the hydrogen yield from the fuel, which is why the process step is
also used commercially when hydrogen is produced from natural gas.

The CO2 can then be captured from the processed feed, using similar methods as typically per-
formed with post-combustion capture. The remainder of the original fuel is primarily composed
of hydrogen, which can be burned in a gas turbine, or by using a fuel cell.

When compared with post-combustion capture, the CO2 content of the stream is higher, which
reduces the costs associated with the CO2 capture. On the other hand, there is additional heat
demand for steam generation required by the WGSR and steam reforming. Finally, an air
separation unit is often necessary to obtain the oxygen for the pretreatment process (Osman
et al., 2021).

3.1.2 Oxy-fuel combustion

Oxy-fuel combustion technology utilizes a mixture of oxygen and fuel in the combustion reac-
tion instead of conventional air and fuel (Figure 3.3). A portion of the flue gases is recirculated
back to the combustion furnace to maintain the combustion temperature at a level below the
limits of the furnace material.
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Figure 3.3: Oxy-fuel combustion flow chart.
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As air is composed of about 79% nitrogen, the largest component of traditional flue gases is
typically nitrogen. Conversely, the produced flue gases in oxy-fuel combustion are mostly CO2

and H2O. Thus, the capture process is much easier to implement, as the CO2 concentration is
higher and nitrogen selectivity is not an issue. The largest challenge of the technology lies in
the production of oxygen for the combustion process (Osman et al., 2021), as it can even be
responsible for 60% of the total power consumption of the capture process (Toftegaard et al.,
2010).

Chemical looping combustion (CLC) technology can be considered a variant of oxy-fuel com-
bustion. In the process, oxygen is supplied by a metallic carrier material, which is being looped
between two reactors (Figure 3.4). The benefit of CLC is that a separate air separation unit
is not required, as is the case with traditional oxy-fuel combustion. However, some additional
oxygen may be required in the later stages of the fuel reactor to fully oxidize char compounds
in the case of solid fuels. The technology has been demonstrated for both gaseous and solid
fuels, but the commercial application will still require scaling of the technology and additional
research and development work. The 1 MW Darmstadt unit and the 3 MW Alstom prototype
represent the largest current demonstrations (Lyngfelt, 2014; Xu, Tong and Fan, 2022).
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Figure 3.4: CLC technology. Me refers to metallic oxygen carrier. MeO refers to its oxidized
form.

3.1.3 Post-combustion capture

Post-combustion capture achieves the separation of CO2 from the flue gases after combustion,
as illustrated in Figure 3.5. The regeneration of the employed absorbent material typically
requires an external energy input, which may be obtained from the earlier combustion stage.
Post-combustion schemes can be retrofitted into existing systems rather easily.

3.1.4 Carbon capture by absorption

No matter at which stage the CO2 is separated, there are numerous technical alternatives for
actually separating the CO2 from the inlet stream. Most commonly, these include absorption,
adsorption, membranes, calcium looping, cryogenic distillation, chilled ammonia, as well as
microbial and algal systems.

CO2 separation by absorption technology can be based on chemical or physical absorbents.
The physical absorption process is preferably performed at elevated pressures and low temper-
atures, which increases the energy demand associated with the process. The energetic penalty
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Figure 3.5: Post-combustion capture technology.

of the compression and other process steps typically limit the physical absorption processes
to high-purity applications, where the CO2 concentration is around 15vol% or above (Wang,
Lawal et al., 2011). Physical processes can be achieved with proprietary solvent brands, such
as Selexol™, Rectisol®, Fluor, and Purisol (Zaman and Lee, 2013). Absorption and desorp-
tion cycles are linked to swings in temperature and pressure, so regeneration may be performed
using flash drums and heat exchangers. Additionally, inert gases may be used for desorption.

Physical absorption has been commercially used to remove acid gases from natural gas, as
well as to extract CO2 from syngas. (Zaman and Lee, 2013). Water may also be used as the
absorbent, but the poor solubility of CO2 leads to increased flow rates relative to amines (Inkeri
and Tynjälä, 2020). Water scrubbing is commonly used for upgrading biogas. This is commonly
referred to as biogas upgrading, as it results in a more refined stream of methane. The CO2

content of biogas is typically high, around 25–55% by volume (Chrish, 2013). The high CO2

concentration and moderate flow volume helps in maintaining tolerable water circulation rates,
thus limiting energy consumption to reasonable levels. Therefore, the technology is generally
considered to be more suitable for specific high concentration sources, typically available from
biological sources such as biogas digesters, wastewater treatment plants, and landfills (Nock
et al., 2014).

The chemical absorption process is based on the formation of a weak chemical bond between
the CO2 and the absorption material. This is typically achieved with amine-based materials, but
ammonia and potassium carbonate are also possible (Zaman and Lee, 2013; Wang, Lawal et al.,
2011). The main focus of this dissertation is on amine-based CO2 capture due to the promin-
ent role and maturity of the technology. The actual CO2 capture step occurs when the active
absorbent material is mixed with water and brought into contact with the gaseous flue gases.
Prior to contact, the hot flue gases from combustion are typically desulphurized, denitrificated,
dedusted, and cooled to about 40–60 ◦C (Osman et al., 2021; Yu, Huang and Tan, 2012). The
flue gases are introduced to the bottom section of the absorption column and allowed to react
with the solvent, causing a selective absorption of the CO2 from the flue gases into the solvent.

The CO2-rich solvent passes through a preheater to the regeneration column, which is also
known as a stripper or a desorber unit. In the stripper, the CO2 is released from the solvent by
increasing its temperature to about 120–150 ◦C (Yu, Huang and Tan, 2012; Vega et al., 2014).
A reboiler is used to provide the necessary heat for solvent regeneration. After leaving the
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stripper, the solvent cools down in a cross heat exchanger and re-enters the absorber unit.

A small portion (1–3%) of the solvent stream is sent to a reclaimer unit, where the solvent
is evaporated, while the remaining harmful degradation products, heat-stable salts, and other
dissolved solids are extracted from the process (Wang, Lawal et al., 2011; Bahadori, 2014).
As a final step, the extracted CO2 stream is then dehydrated from trace amounts of water and
compressed either for transport or utilization purposes. The described process is depicted in
Figure 3.6.
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Figure 3.6: Diagram of a typical amine-based post-combustion capture.

The solvent is typically an aqueous mixture with 30% MEA (monoethanolamine) by weight
(Van-Dal and Bouallou, 2013). Other common solvents include DEA (diethanolamine), MDEA
(methyldiethanolamine), DIPA (diisopropanolamine), TEA (triethanolamine), and potash (Na-
kao et al., 2019; CLIC Innovation Oy, 2016; GCCA, 2022). Solvent composition and concen-
tration greatly influence the cost and performance of the system. New combinations and novel
solvents are being developed continuously. For instance, there are phase change solvents, which
form an additional phase under specific pressure, temperature, and CO2 loading conditions, res-
ulting in a lower regeneration energy demand (CLIC Innovation Oy, 2016).

Solvent development is one of the most influential ways to improve the performance and af-
fordability of post-combustion capture. The characteristics of a good solvent include having
low regeneration energy demand, high working capacity, high selectivity, low production cost,
high reaction rate, low viscosity, low degradation, and low environmental impact. The make-
up of commercial solvents is not generally disclosed, which complicates solvent comparison,
production cost assessment, and performance verification (Wang, Lawal et al., 2011; Kim, Hoff
and Mejdell, 2014).

Different mechanisms can cause the amine solution to gradually degrade, meaning that amines
are tied to stable compounds that cannot be regenerated and used for CO2 capture. A make-up
solution needs to be periodically fed to compensate for the degradation and slip stream losses,
about 1.5–2.2 kg per tonne of CO2 captured (Yu, Huang and Tan, 2012; Hwang, Han and Lee,
2013).
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Oxygen-induced degradation is associated with the forming of heat stable salts, primarily in the
absorber and subsequent heat exchanger. Heat stable salts are also known to cause foaming,
increase the solvent viscosity, and inflict corrosion in the process equipment (CLIC Innovation
Oy, 2016; Vega et al., 2014). Oxidative degradation is proportional to the amount of oxygen
in the flue gases, but it can also be manipulated by using reaction inhibitors. The principle is
carried out by applying various oxygen scavengers and chelating agents for radicals. Fugitive
amines can also degrade in the atmosphere by photo-oxidation, which could have health and
environmental implications (Yu, Huang and Tan, 2012; Vega et al., 2014).

The thermal degradation mechanism is associated with carbamate polymerization, which takes
place in the stripper when the MEA associates with CO2. The degradation rate is proportional
to temperature, with a noticeable increase above 110 ◦C. In addition to temperature, the degrad-
ation rate is affected by the CO2 loading, solvent concentration, and its composition (Davis and
Rochelle, 2009; Thompson, Richburg and Liu, 2017). In practice, the optimal operation is a
compromise between higher operating temperatures and pressures in the stripper that increase
the energy efficiency but also result in a higher degradation rate for the solvent. A similar cost-
based optimization also applies to the proportion of CO2 that may be allowed to leave within the
purified flue gas stream. Moreover, degradation can also occur due to the presence of impurities
in the input flue gas stream, such as SOx and NOx (Vega et al., 2014).

About 60% of the energy demand of the process is required as heat and used for the desorption
and regeneration of the solvent (Yu, Huang and Tan, 2012). Electricity demand consists of
blower demand for the flue gas flow and of the pumps that circulate the cooling water and
solvent (Laaksonen et al., 2021) (Report I).

3.1.5 Other carbon capture technologies

The adsorption process is based on the adhesion of CO2 to the solid surface of the adsorbent
material. The process may manifest physical interactions (weak van der Waals forces), chemical
processes via the forming of covalent bonding, or electrostatic attraction forces. The associated
adsorption and desorption energies are lower than for chemical absorption, which respectively
reduces the energy demand of the technology. The various desorption mechanisms classify the
process either as pressure swing adsorption (PSA), temperature swing adsorption (TSA), or a
combination of these (PTSA). Vacuum swing adsorption (VSA) can also be used to enhance
the working capacity of the adsorbent or as an alternative to PSA. Pressure swing systems are
typically more rapid, but often also more electricity intensive due to the need to compress the
input stream (Ben-Mansour et al., 2016).

Membrane separation occurs as CO2 permeates through the selective barrier material. The
challenges relate to the low selectivity and durability of the membrane material, which may
be affected by impurities, wetting, and ageing of the material. The temperature and pressure
tolerance of membranes also needs to be acknowledged in applications (Siagian et al., 2019;
Wang, Lawal et al., 2011).

Calcium looping technology is based on alternating reactions taking place in the carbonator and
calcinator. CO2-rich flue gas enters the carbonator, where the CO2 is bound to calcium carbonate
(CaCO3) and calcium sulphate (CaSO4). The carbonate is regenerated in the calcinator to



3.2 Hydrogen production 41

calcium oxide (CaO), which also yields nearly pure CO2 for further processing (Ylätalo, 2013).

Cryogenic distillation cools the flue gas stream so that the CO2 is separated through phase
change reactions. The technology is generally suited for very high-concentration streams or for
applications that require high-purity CO2, such as the food industry (Osman et al., 2021). Oxy-
fuel combustion is also stated to be suitable with cryogenic separation of CO2 (Wang, Lawal
et al., 2011).

The chilled ammonia process is an absorption-enabled post-combustion capture technology us-
ing chilled ammonia as the working fluid. The flue gases are cooled to around 12–13 ◦C in
the absorber, whereas the desorption occurs at an elevated pressure of about 25 bars. Heat is
required for the desorption of the CO2 from the ammonia, but also to desorb the ammonia from
the wash water used in the late stages of the absorption tower. Electricity is required to achieve
the chilling process, but also for pumping and compression (Voldsund et al., 2019).

Hydrate-based CO2 capture can also be achieved by trapping the CO2 molecules in cage struc-
tures formed by ice-like crystalline compounds of gas hydrates (He and Wang, 2018). Micro-
bial and algal systems have also been studied in the context of fixing flue gases from stationary
combustion systems. Dual-purpose systems could be possible with such schemes, where the
CO2 is both sequestered into biomass and also mineralized in carbonates for long-term storage
(Ben-Mansour et al., 2016; Nakamura, 2003).

3.2 Hydrogen production

Today, global hydrogen production is about 90 Mt or nearly 3000 TWh, of which nearly 40
Mt is used in refining, 45 Mt in chemical production, and about 5 Mt in the steel industry for
the production of direct reduced iron. About three-quarters of the chemical industry demand
is attributed to ammonia production and the remaining one-quarter to methanol. Nearly 80%
(70 Mt) of the current hydrogen production originates from fossil fuels, i.e. steam methane
reforming of natural gas and coal gasification. Of the remaining 20%, a clear majority (about
19 Mt) is obtained as a side stream of oil refining and the petrochemical industry (IEA, 2021a).

In the IEA’s net zero emissions scenario (Figure 3.7), hydrogen demand could double by 2030
(IEA, 2021a). The overwhelming dominance of unabated fossil sources in the current supply of
hydrogen is also projected to decrease since future production is diversified with about an equal
contribution of 75 Mt formed by both electrolysis and fossil hydrogen with CCUS. In the same
IEA projection, hydrogen grid injection would peak by 2030, followed by a steady transition in
later years to a balanced distribution between synthetic fuels, transport use, power generation
and ammonia -based fuel use.

Different synthesis processes require differing ratios between hydrogen and carbon dioxide (or
carbon). For instance, the stoichiometric ratio of methane requires a mass ratio of 5.4 between
CO2 and H2, whereas the methanol production ratio is about 7.3. Heavier hydrocarbons, such
as kerosene, diesel, and gasoline, could require ratios exceeding 9.0. In contrast, there are many
hydrogen applications which do not require carbon as an additional feedstock (cf. 3.7). Thus,
the IEA’s net zero emission scenario could potentially require 0.5 Gt of CO2 for synfuel pro-
duction if the CO2-to-H2 ratio range is assumed to be 7. Methodologically similar conversions
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Figure 3.7: Hydrogen production methods (a) and applications (b) in 2020, 2030, and 2050,
according to the IEA’s net zero emission scenario (IEA, 2021a).

between hydrogen and CO2 volumes were performed in Publication V.

Electrolyser technology has a key role in enabling sustainable hydrogen production. As the
technology fundamentally converts electricity and purified water into hydrogen and oxygen,
also the environmental effects are primarily determined by the carbon intensity of the consumed
electricity. The global warming potential of hydrogen produced via steam methane reforming
(SMR) is about 12 kgCO2eq/kgH2 , whereas electrolytic production with wind and PV are only
a fraction of that, both well below 1 kgCO2eq/kgH2 .

In common use, distinct colours have been branded with different hydrogen production meth-
ods and their environmental impact. The classification system is not accurate, standardized,
or completely extensive, but it can still be helpful in discussions to quickly interpret the rough
origin of the hydrogen and its environmental impacts. Although some conflicting terminology
exists, hydrogen produced using steam reforming from natural gas is typically called grey hy-
drogen. When combined with CCS, it is called blue. Coal-based hydrogen is brown or black,
and electrolysis-based hydrogen with renewable electricity is typically green. There is also tur-
quoise (methane pyrolysis powered by electricity), yellow (electrolysis powered by solar), and
pink or red or purple hydrogen (electrolysis powered by nuclear).

The emission intensity of electrolyser electricity has a significant effect on the global warming
impact of the produced hydrogen, resulting in a very broad spectrum, as visualized in Figure 3.8.
The data for the illustration was compiled from Mehmeti et al. (2018), Suleman, Dincer and
Agelin-Chaab (2015), Dincer and Acar (2015) and Reiter and Lindorfer (2015).

3.2.1 Electrolyser technology

An electrolyser splits water into hydrogen and oxygen by using an electric current. Most com-
mercial electrolysers are based either on alkaline water electrolysis (AEL) or polymer electro-
lyte membrane (PEM) technology. Other, technologically less mature electrolyser technologies
also exist, for instance, solid oxide electrolysers (SOEC). The performance values and other
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Figure 3.8: Common alternatives for producing hydrogen with their approximate global warm-
ing potential (GWP). The dashed lines reflect data uncertainty.

key parameters of the AEL and PEM electrolysers are compared in Table 3.1.

SOEC electrolysers are not as mature as the other electrolyser technologies, but development is
ongoing. The operating temperature is radically different, as it is about 700–1000 ◦C. The high
temperature reduces the required cell voltage, which means that SOEC could achieve greater
efficiency than what is possible with AEL or PEM. The high temperatures also enable more
integration possibilities with other systems. The co-electrolysis of steam and CO2 could be
also possible, enabling the production of syngas. Challenges are primarily related to material
durability and stability at high current densities and temperatures (Rego de Vasconcelos and
Lavoie, 2019).

Alkaline-type electrolysers employ an aqueous solution of potassium hydroxide (KOH) or
natrium hydroxide (NaOH) as the electrolyte solution. Both are strong bases and highly cor-
rosive, but they also boost the electrical conductivity, leading to the higher efficiency of the
electrolyser. Two electrodes are immersed in the electrolyte solution, separated by a diaphragm.
At the cathod, water is reduced to hydrogen and hydroxide ions. The hydroxide ions pass the
diaphragm to the anode side, where oxygen and water are formed (Rego de Vasconcelos and
Lavoie, 2019). The hydrogen stream is saturated with water at the outlet with AEL systems, so
drying the product stream is necessary before compression. Additionally, nitrogen and oxygen
may be present in the hydrogen gas stream (Ligen, Vrubel and Girault, 2020).

PEM electrolysers employ a thin solid polymer electrolyte, which enables high pressures and
low ohmic losses. PEM electrolysers are thus considered to be more compact, lighter, more
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Table 3.1: Indicative main properties of AEL and PEM electrolysers, including financial
parameters like capital expenditures (CAPEX) and operating expenses (OPEX). Efficiency is
defined using lower heating value (LHV). Modified from Grigoriev et al. (2020).

Alkaline PEM
Today Future Today Future

Efficiency (LHV) % 65 68 57 64
Stack lifetime hours 80 000 90 000 40 000 50 000
CAPEX C/kW 750 480 1200 700
OPEX % of CAPEX per year 2 2 2 2
CAPEX stack replace-
ment

C/kW 340 215 420 210

Typical output pressure bar 1–30 30–80
Operating temperature ◦C 60–80 50–80
Charge carrier OH- H+
Cycling capability and dy-
namic performance

* ***

Material availability *** *

dynamic, and able to withstand higher operating pressures while also typically boasting higher
efficiencies than AEL (cf. Table 3.1). However, rare and expensive materials such as platinum,
titanium, and iridium are required in cell construction, which increases the costs and causes
challenges in a widespread application (Minke et al., 2021). Alkaline electrolysers also have
a longer operational history and can thus be considered to be more mature, although PEM has
also made significant advancements over the last years (Koponen, 2020).

The specific energy consumption of an electrolyser (Es) can be described as the ratio between
the input energy (Ei) and the quantity of the produced hydrogen (qH2).

Es =
Ei

qH2

(3.1)

Most commercial electrolysers supply all of the input energy as electricity (Ursúa and Sanchis,
2012). Hydrogen quantity can be expressed as a mass, but often also volumetric units are
used. Especially volumetric units can cause some ambiguity if the reference conditions are not
specifically stated. The efficiency of an electrolyser (η) may be defined as the ratio between the
energy content of the obtained hydrogen (EH2) to the input energy (Ei).

η =
EH2

Ei

(3.2)

The energy content of the produced hydrogen may be expressed in terms of the lower heating
value or higher heating value. If expressed in terms of the higher heating value, the efficiency
commonly ranges from around 51% to 84%. The use of a higher heating value may be con-
sidered preferable because the water input is typically in liquid form and the evaporation energy
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of the water needs to be taken into account (Lehnder et al., 2014). However, it is more crucial
that it is clearly stated which definition is used. In alkaline electrolysis, about 70% of the elec-
tricity losses are associated with the electrolyser stack, with the remaining quantity originating
from the losses of power electronics and other auxiliary components (Koponen, 2020). The
temperature of the residual heat is linked to the cell operating temperature, which is typically
around 60–80 ◦C with alkaline systems. The excess heat could be utilized in heat pumps or
other applications. Given the massive scale of hydrogen that could be produced in some re-
gions, there could be significant benefits if the heat could be used to cover local heat demand
(Publication V).

3.3 Synthesis reactions
There are dozens of different substance groups that could be produced utilizing CO2 as a feed-
stock (Figure 2.2). These differ in their added value, demand volume, CO2 avoidance poten-
tial, and reliance on fossil reactants and hydrogen. Utilization of CO2 in chemical production
can mitigate fossil CO2 emissions, and decrease the role of fossil fuels as a chemical feed-
stock. Many potential products can be manufactured by starting with just CO2 and hydrogen.
On the downside, the oxygen from CO2 can react with hydrogen to form water, which de-
creases the amount of hydrogen bound to the desired product, decreasing the efficiency and
cost-effectiveness of the synthesis (Otto et al., 2015). As a demonstration, this may be ob-
served from the stoichiometric overall reactions for methane and methanol, which are also the
primary products considered in this dissertation. The overall reaction for methanation is:

CO2 + 4(H2) → CH4 + 2(H2O) (3.3)

and correspondingly for methanol:

CO2 + 3(H2) → CH3OH+H2O (3.4)

Depending on the desired product, multiple process routes may be available. For instance, meth-
anol synthesis by CO2 hydrogenation may be classified into four variations: (1) heterogeneous
catalysis, (2) homogenous catalysis, (3) electrochemical, and (4) photocatalysis (Guil-López
et al., 2019). The first two rely on the presence of a chemical catalyst and the modulation of
pressure and temperature conditions to reduce the reaction energy and increase the selectivity
and process kinetics. Electrochemical catalysis employs small electrical currents to promote the
desired chemical reactions, whereas photocatalysis relies on the use of visible light for the same
purpose (Ruiz et al., 2013). Additionally, the combination and linking of numerous technical
processes is possible, such as steam reforming, water gas shift reaction, hydrocracking, and
Fischer-Tropsch reactions.

Industrial CO2 methanation is similarly performed by two dominant pathways: heterogeneous
catalytic methanation (Sabatier reaction) and biocatalytic methanation (commonly abbreviated
simply as biological methanation). Heterogeneous catalysis is typically performed in temper-
atures ranging from 200–500 ◦C, and pressures of 1 to 100 bar. Solid phase metal catalysts,
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such as nickel and ruthenium, are supported on metal oxides inside a fluidized bed or fixed
bed methanation reactor. Conversely, the biocatalytic methanation process takes place at 20–
70 ◦C and 1–10 bar. The anaerobic reduction of CO2 and H2 to CH4 and H2O is performed by
microorganisms in a liquid fermentation broth (Ruiz et al., 2013).

Biological methanation can be conducted as an ex-situ process in a separate reaction vessel, or
in-situ within a fermenter unit. For instance, anaerobic digestion is commonly used to process
communal sewage and industrial effluent, which simultaneously produces biogas. Externally
produced hydrogen can be injected into the digester, which boosts the methane yield by reacting
with the CO2 component of the biogas. According to Muntau et al. (2021), anaerobic digesters
have also been observed to experience an increase in biogas yield when additional CO2 is in-
troduced into the digester–even without an injection of additional hydrogen. It has been shown
that the volatile fatty acids act as a source of hydrogen for the additional CO2. Additionally,
anaerobic bacteria can produce hydrogen from carbohydrates and other substrates. Other meth-
anation methodologies are also being developed, such as photothermal, biophotocatalytic, and
plasmon-driven methanation (Ulmer et al., 2019).

Heterogeneous catalysts are easily degraded by any impurities in the feedstock stream, whereas
the bioorganisms show some tolerance to impurities. An additional purification step is therefore
commonly required for catalytic methanation if flue gases are used as the source of CO2 (Ulmer
et al., 2019). Heat management of the methanation reactor is also crucial to ensure good quality
of the methane, which can be problematic if hydrogen is obtained from renewable sources in
intermittent spurts (Publication IV). Heat integration can also offer further possibilities if the
heat from synthesis can be utilized in other process steps or as district heat. The relevant sub-
processes of methanation and PtX integration has been extensively studied by Inkeri (2021).

3.4 Transport, storage, and compression

The transmission of energy and materials is a necessary element of a functional society. Glob-
ally, primary energy carriers are predominantly based on fossil resources, such as oil, natural
gas, and coal. As society transitions to carbon neutrality, other alternative energy carriers will
increase their market share. Electricity, hydrogen, ammonia, renewable methanol, and other
potential compounds could take over the role of current fossil products in the transport chain.

Likewise, the origin of the energy contained in the energy carriers will also shift to renewable
sources. Bulk transport of materials and fuels in a chemical form will not lose prevalence,
partly because the transportation of molecules brings advantages through economies of scale,
and secondly due to the flexibility regarding trade routes and transport equipment. Still, the
transportation costs are likely higher than what can be achieved with current energy carriers
(Saadi, Lewis and McFarland, 2018).

The comparison of different transport alternatives (i.e. electricity, hydrogen, hydrocarbon fuels,
CO2, methanol) can be somewhat problematic, firstly because there are numerous applicable
performance criteria (e.g. efficiency, cost, safety, environmental effects, stockpiling capability),
and secondly due to challenges associated with the valuation of different final products. Some
transport mediums, such as electricity, are very versatile in terms of possible end use applica-
tions. Existing mature markets may be available for some products, while others just show great
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promise but offer little in terms of concrete possibilities right now.

CCU relies on three primary feedstocks, which are electricity, CO2, and water. It is unlikely
that all resources are available at a single site, so transportation of some of these resources is
required. Additionally, the distribution of the final product to suitable markets also requires
transportation. The disproportion between local volumes of electricity, CO2, and heat may
cause production bottlenecks or oversupply situations. Additionally, there could be numerous
alternative sources of CO2 or electricity available in some regions.

Figure 3.9 illustrates one possible sketch of a CCU hub, where the centre of operations is as-
sumed to be at the synthesis site that is located beside a CO2 source. An electrolyser unit would
also provide hydrogen on-site, but renewable electricity would have to be imported. Alternative
scenarios could be developed by shifting the location of the synthesis unit, for instance to a
place that hosts a smaller CO2 source but with a local renewable electricity supply and nearby
final application. The relevant transport distances and existing logistical opportunities, such as
rail networks or pipelines, should be identified. In conclusion, extensive geographic data about
the local CO2 supply, renewable electricity potential, transport infrastructure, and local market
demand is required to make comprehensive site analyses.
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Figure 3.9: A sketch of the transportation problem domain related to CCU.

3.4.1 Carbon dioxide logistics

Even though CO2 is not inherently an energy carrier, it does have an important role in the trans-
port logistic chain of CCUS systems. Transport infrastructure has already been implemented
for CO2, primarily for EOR and CCS purposes. In such cases, the CO2 is transported to a stor-
age site for permanent sequestration, where there are no competitors for CO2. For CCU, the
rationale for the transportation of CO2 is that it can be processed into various products, which
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in turn are easy to transport. These carbon-based products could be energy carriers such as
e-fuels or e-chemicals, or even a physical material such as urea, plastics, or various carbonates.
Furthermore, pure CO2 is also delivered as a final product for many applications.

CO2 is handled in industrial applications as a gas, liquid, solid, and in a supercritical state. Gas
phase applications are probably the most common, simply because the temperatures and pres-
sures associated with the gaseous phase are close to atmospheric and ambient conditions and
therefore relevant in many applications. For instance, pressurized CO2 cartridges and containers
may be used to inflate tires or utilized in welding.

The solid state of CO2 is traditionally used in refrigeration applications, for instance, to keep
medicines at low temperatures during transportation. The solid form of CO2 is also known
as dry ice, which has a melting point of -78 ◦C in atmospheric pressure. The liquid form is
essential in bulk transportation and storage of CO2 and also for some commercial food and
beverage processes (Vansant and Koziel, 2019).

A supercritical state is achieved when both the temperature and pressure of the fluid exceed
theirr critical levels (see Figure 3.10). When the critical pressure is exceeded but the temper-
ature remains below the critical temperature, some references identify this as a ’dense’ state
(Wang, Zhang et al., 2016; Wang, Chen and Li, 2019; Peletiri, Rahmanian and Mujtaba, 2018).
The supercritical state exhibits features typically associated with both gas and liquid, meaning
the low viscosity typically associated with a gas and the high density that resembles liquid prop-
erties. Supercritical CO2 may be used in decaffeination and other extraction processes related
to food and the pharmaceuticals industry, as well as precision cleaning of instruments (Vansant
and Koziel, 2019).

Pure CO2 can be transported by pipeline, ship, road, and rail transport. Transportation in the
absorbed phase has also been suggested in the literature (Perez et al., 2012), but it is not explored
further in this dissertation. The conventional transport alternatives are associated with different
pressure and temperature levels, and even distinct phases of CO2, as showcased in Figure 3.11).
Ship, road, and rail transport is usually conducted in a pressurized and temperature-controlled
container as a liquid, which increases the density significantly. However, this also means that
portion of the CO2 is evaporated during transit. This problem can be alleviated by re-evaporation
of the CO2, thermal insulation of the container, and external refrigeration of the tank. Different
pressure levels may be used for the liquid container transport, which is then reflected in the
required operating temperature and density. Lower temperatures are preferred when the volume
of transported CO2 increases.

Gas-phase transport may similarly be performed in pressurized tanks. On the one hand, the low
density of gaseous CO2 decreases the cost-effectiveness of transportation. But then again, the
technological simplicity partially offsets this penalty for low volumes of CO2. Additionally, gas-
phase transport of CO2 is possible with pipelines, although the transport capacity and distance
are limited compared to high-pressure pipeline systems. The more traditional high-pressure
pipeline transport of CO2 occurs in the previously mentioned ’dense’ state or as a supercritical
fluid. As a demonstration of the differences in transport capacity, the 16-inch (40 cm) ROAD
pipeline in the Netherlands is quoted to be able to transfer 1.5 Mt/a of CO2 in the gas phase,
and 5 Mt/a in the dense state (Ros et al., 2014).
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Figure 3.10: Pressure-temperature diagram of CO2 with a logarithmic pressure axis.
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The volume and the distance of transportation are the primary factors affecting the selection of
the optimal transport method, but topography, land availability, existing infrastructure, expected
lifetime, capacity factor, time-related constraints, as well as the properties and requirements of
the delivered CO2 can also influence the decision (Knoope, Ramírez and Faaij, 2013). Pipelines
are often the preferred solution, due to the economy of scale in large quantities, which can mean
millions of tons annually.

A large proportion of existing CO2 pipelines reside in the United States, where over 6200 km
have been built. The construction of these pipelines was initiated in the early 1980s for EOR
(Dooley, Dahowski and Davidson, 2009). Globally, over 8000 km of CO2 pipelines exist,
located in Canada, Norway, Turkey, UK and the Netherlands, among others (Serpa, Morbee
and Tzimas, 2011; Peletiri, Rahmanian and Mujtaba, 2018). No technological hurdles should
therefore be in place for implementing pipeline transportation, even at a large scale, but it is not
certain if legislative challenges identified earlier for high-pressure pipelines have been solved
in all locations (Cooper and Barnett, 2014). Roadmaps and visions for CO2 pipelines spanning
extensive areas of Europe have been presented (Morbee, Serpa and Tzimas, 2012; Neele et al.,
2013; Kujanpää et al., 2014; ZEP, 2020).

High-pressure CO2 pipelines operate with a pressure of around 85–150 bars, which is higher
than the critical pressure of CO2 (73.8 bars). The pressure is maintained well above the crit-
ical level to minimize the risk associated with multiphase flows and sudden fluctuations in the
thermodynamic properties of CO2. Problems with cavitation, turbulence, and damage to the
pipeline could result if adequate pressures are not maintained. Impurities in the CO2 stream
can also demand an increase in the maintained operating pressure (Knoope, Ramírez and Faaij,
2013). Low-pressure gas-phase pipelines could operate with pressures as low as 20 bar (Ros
et al., 2014).

In comparison, natural gas pipelines typically operate at about 60–80 bars, although even lower
pressures are also used. The same grade of carbon steel is applicable for CO2 pipelines as for
natural gas pipelines, but about 40–80%-thicker pipeline wall constructions may be necessary
to offset the higher operating pressure (Duncan and Wang, 2014; Lyons et al., 2019; Cooper
and Barnett, 2014; Karjunen et al., 2021) (Report III). On the other hand, the high pressure in
pipelines also results in favourable density and viscosity for CO2, so pipeline diameters need
not be very large. If the CO2 that is transported in a pipeline is converted into methane at the
destination, the CO2 pipeline diameter could be about 30% smaller than in a case that would
transport a comparable amount of methane in a pipeline. The share of material costs from the
total pipeline capital expenses is typically about 20–40% (Knoope, Ramírez and Faaij, 2013).

Although a pipeline requires massive upfront investments, the costs are recouped by the scaling
benefits of the technology. The levelized cost of CO2 transport with onshore pipelines is about
5–15 C/tCO2 , if the transport distance is below 500 km and the transported CO2 volume is about
2.5–10 MtCO2/a. With larger capacities of 20 MtCO2/a or above, the levelized cost could be as
low as 1.5 C/tCO2 (ZEP, 2020; Knoope, Ramírez and Faaij, 2013; Kjärstad et al., 2016).

Bulk CO2 transportation by ship, road, and rail can be done in a liquefied state under moderate
pressures of 7–20 bars. To minimize the evaporation of the CO2, the temperature needs to be
maintained between about -20 ◦C and -56 ◦C, depending on the pressure (Buit et al., 2011). An
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optimization problem can be identified for the selection of the operating temperature and pres-
sure because storage tank manufacturing costs are decreased for lower pressure levels, whereas
liquefaction costs show the opposite effect (Seo, Huh et al., 2016; Seo, You et al., 2015). Pre-
sumably, this is one of the reasons why bulk transport modes such as ships typically prefer
lower pressures and colder temperatures, whereas applications with lower volumes may prefer
the opposite. The liquefaction system forms a major part of the transportation costs and en-
ergy demand, but once completed, the cost escalation is primarily affected by the transportation
medium.

Longer transport distances are favourable for ship transport because the variable costs show only
a moderate increase with distance. Kjärstad et al. (2016) has identified break-even distances
where ship transport becomes favourable over pipelines. The break-even distances are strongly
dependent on the annual quantity of CO2 transported, for instance, 65 km for 0.5 MtCO2/a, 165–
275 km for 1–2 MtCO2/a, or 730 km for 5 MtCO2/a. Bulk-scale ship transport of CO2 would
require custom-built ships, as well as appropriate harbour logistics such as loading systems
(Buit et al., 2011; Serpa, Morbee and Tzimas, 2011). An additional challenge is that the CO2

needs to first be transported to the harbour terminal before it can be transferred to the ship
(Kjärstad et al., 2016; Serpa, Morbee and Tzimas, 2011).

Road transport is suitable for CO2 volumes below about 100 ktCO2/a and distances less than
250 km (Han and Lee, 2011). As such, small units and demonstration sites are likely candidates
for implementing road transport. Equipment depreciation, wage and employee cost, as well as
fuel costs, have a significant impact on the levelized cost of transport ((Laaksonen et al., 2021)
Report I). Due to the small quantity of CO2 that can be carried by a single truck (18 tonnes
per tanker (NPC, 2021)), the number of loading and unloading cycles is rather large, which
also affects labour costs. Transportation losses are typically negligible – around 1% of the load
(NPC, 2021).

Transportation by rail network is cost-efficient for distances and quantities that surpass the
limits of road transport (Publications I and II). However, the rail network needs to already
be in place beside a suitable CO2 source for cost-efficient transport. Based on the information
from NPC (2021), a single rail car has a capacity of about 80 tons of CO2. Rail transmission
includes significant idle time, which causes CO2 losses due to heat leaks and evaporation of the
CO2. Safety and release valves are therefore necessary to release the pressure build-up inside
the tanks. CO2 losses of 9 to 16% have been presented for rail transmission (NPC, 2021).

The carbon utilization stage typically involves a chemical process, meaning that it has limited
dynamic adjustment capability. Buffering storage is therefore required, and larger buffers could
potentially be useful to extend the operation time of facilities Publications III and IV. CO2

transportation systems inherently include some buffering capability, which enables more robust
operation adjustment of utilization processes. Pipelines can be packed with additional CO2 as
long as the maximum operating pressure is not exceeded, and other transportation methods for
CO2 can store liquid CO2 in containers for some time, especially if ship logistics terminals are
used. However, the volumes may not be significant enough for extended time periods, which is
why external buffer storages could be beneficial. The technical solutions for storing CO2 share
many common features with CO2 transportation since liquid CO2 is typically the considered
method.
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3.4.2 Hydrogen logistics

Hydrogen transportation has been envisioned as a prevalent part of a future energy infrastructure
that could replace the use of current natural gas networks and even oil. The concept of the
hydrogen economy is often mentioned in this context as the descendant of the current fossil
economy. Early applications are more likely focused on local hydrogen utilization and regional
networks. The volumes of hydrogen required by industrial units can be significant. Thus, it
is likely necessary to disperse either hydrogen production to a larger geographic region and
transport hydrogen or deliver electricity from distant regions to a single concentrated hydrogen
production site. The establishment of hydrogen transport networks can bring additional benefits
and possibilities, such as energy storage capability either directly in the pipeline or at separate
storage facilities. Additionally, pipeline networks could serve several users in the area, which
reduces the investment risks. A gradual extension and linking of the network is also a possibility.

Hydrogen transport could be implemented as a gas or liquid, or by using liquid organic hy-
drogen carriers (LOHC). The challenge with hydrogen transmission is its low density and light
molar mass. This is reflected in the energy demand of the compression, as well as the required
pressure levels. For isothermal compression with ideal gases, the specific work per mass unit
(w) between states 1 and 2 may be expressed as

w12 = RsT ln
p2
p1

(3.5)

where Rs is the specific gas constant, T is temperature, and p is pressure. The specific gas
constant for hydrogen is 4124 J/kgK, whereas for CO2, it is 189 and for air about 288. Thus,
the isothermal ideal compression work of hydrogen is about 14 times higher than that of air in
identical conditions. For CO2, the corresponding ratio is about 0.66, meaning that less work
is required. Gaseous hydrogen storage could require pressures of 200–700 bars, resulting in
massive compression work demand. An additional challenge of hydrogen is leakage, which is
common due to the small molecule size (EIGA, 2004).

The critical temperature of hydrogen is -239.9 ◦C. To exist in a liquid state, hydrogen would
need to be cooled to temperatures below its critical point (see Figure 3.12). Thus, the lique-
faction of hydrogen requires cryogenic temperatures and significant amounts of energy for the
refrigeration process. Nevertheless, ship transport has been identified as a potential transport
mechanism for long distances that require a sea crossing (Stiller et al., 2008; NREL, 1998;
d’Amore-Domenech, Leo and Pollet, 2021).

Hydrogen pipelines are technically more challenging to implement compared to CO2 or natural
gas. First and foremost, the material requirements are more stringent. Hydrogen embrittlement
weakens steel structures over time, but this may be alleviated by using special alloys that with-
stand hydrogen. Furthermore, the diameter of the hydrogen pipeline would have to be larger
(possibly 20% or more) than an equivalent natural gas pipeline to match the same energy flow.
The difference can be attributed to the dissimilarities between the fluid dynamic properties.
Overall, the capital costs could be 10%–50% more costly with hydrogen than with natural gas
pipelines (Wang, van der Leun et al., 2020; Ogden, 1999). The hydrogen compressor also forms
a significant part of the overall energy demand and cost. If the energy losses are expressed as
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Figure 3.12: Pressure-temperature diagram of hydrogen. The solid phase transition curve is not
visualized.

a fraction of the lower heating value of hydrogen, compression to pressures used in pipeline
applications could mean a share of 6%–8% (IRENA, 2020).

The levelized transport cost using a new hydrogen pipeline was estimated in the European Hy-
drogen backbone report to be about 0.17–0.25 C/kgH2 , or about 5–7.5 C/MWhH2 based on
the lower heating value (Wang, van der Leun et al., 2020). Retrofitting the existing natural gas
network to hydrogen was also evaluated in the study. For the whole 22 900 km network, the
pipeline building and retrofitting cost was estimated to be 17–28 billion euros, with additional
compressor station costs of 10–36 billion euros. These numbers can give some indication of
the prevalence of the compressor station costs. In studies where electricity and hydrogen trans-
portation are compared, hydrogen transmission has proved to be cost-competitive with high
voltage systems (Stiller et al., 2008; ERM, 2019; d’Amore-Domenech, Leo and Pollet, 2021;
Miao, Giordano and Chan, 2021). Similar results were achieved in the calculation performed
for the potential Åland region offshore wind park (Laaksonen et al., 2021) (Report II) and the
Bothnian Bay (Karjunen et al., 2021) (Report III). Especially for larger volumes, a hydrogen
pipeline appears attractive. However, electricity could be a more flexible energy carrier, which
is not counted as a credit for electricity using traditional comparison methods.

The use of lined rock caverns for hydrogen storage has attracted attention lately. Past experience
in the technology is available for natural gas, but for hydrogen research, activities are ongoing.
Hydrogen embrittlement is a concern also for storage, as the inner liner of the rock cavern is
made of steel (Johansson, Spross et al., 2018).
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4 Design of carbon dioxide utilization systems
Early CCU demonstrations often focus on ideal sites with a high CO2 concentration and other
benefits. For instance, wastewater treatment plants and biogas digesters can benefit from CO2

capture – and even further from subsequent methanation with externally sourced hydrogen.
However, the volume of the available CO2 can limit the production scale to moderate levels.
As a consequence of CCU technology and market development, a more diverse base of CO2

sources can be expected to form. Simultaneously, project scales will likely increase. Thus, the
scale and profitability of CCU deployment in individual regions can be linked to the following
aspects:

• demand for final products and sidestreams. (Section 4.1),

• availability of CO2 (Section 4.2),

• availability of electricity and heat for processes Section 4.3).

The availability of local energy resources and demands can therefore affect the placement of
CCU sites. As discussed in Section 2.2.2, dedicated CO2 hubs could be crucial in kickstarting
the industry. The development work for CCUS hubs has been started in at least 12 locations,
which could share infrastructure elements and mitigate risks by coordinating jointly in a focused
region (IEA, 2020).

Similar developments are ongoing for the so-called hydrogen valleys, which have been acknow-
ledged in the EU’s hydrogen strategy as a demonstration ground for hydrogen-related projects
(European Commission, 2020). These sites would require large amounts of renewable electri-
city for the sustainable production of hydrogen, which is also common with potential CCU sites.
The utilization of heat and other by-products, such as oxygen or load balancing services, can
also contribute significantly to plant profitability. Even though identification of the bottleneck
resource is of special importance, the other aspects cannot simply be neglected.

4.1 Primary products and sidestreams
Some sectors and products can only absorb limited quantities of CO2. One example is formic
acid, which seems to be a lucrative CCU product, but the global market demand as a chemical
feedstock could be quickly saturated with CCU (Kouri et al., 2017; Spurgeon and Kumar, 2018).
The food industry and pharmaceutical applications are also examples of speciality sectors that
require high-purity CO2 in relatively modest volumes. Purely from an emission reduction point
of view, these sectors are less significant. Consequently, the primary focus of this dissertation
is directed to hydrocarbon-containing fuels and chemicals.

The demand for CCU-derived fuels and chemicals is not traditionally viewed as a limiting factor
for CCU clusters. For fuels and chemicals, the market demand is typically so vast that local
systems have little difficulty in absorbing the produced quantities, especially when the locally
installed renewable power level is not out of proportion relative to the local power demand.
Existing gas grids could also be used as an injection sink when excess production of renewable
electricity is converted into e-methane (Fambri et al., 2022). Additionally, the delivery of the
final product to faraway markets is typically not an issue with high-value products such as fuels
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and chemicals, especially if there is existing infrastructure for it.

Besides the primary product, auxiliary revenue streams of PtX systems have been observed
to have a significant effect on the profitability of the plant (Parra and Patel, 2016). Heat can
be required by the PtX system, as amine-based CO2 capture also needs heat to regenerate the
solvent. By contrast, additional heat may be recovered from synthesis systems. (Laaksonen
et al., 2021) (Report I). Furthermore, residual heat can also be obtained from the electrolysers,
as indicated in Publications IV and V. However, the temperature range of electrolyser residual
heat is typically rather low (about 50–80 ◦C), limiting its potential applications. Heat pumps
offer an option to prime the low-grade heat into higher temperature levels (even above 100 ◦C),
albeit with an slight additional electricity cost. Furthermore, district heat demand is strongly
seasonal, which can further complicate its utilization. If power-to-X systems are used in high
volumes, a local oversupply of low-grade heat is likely.

Site-specific heat balance estimations are necessary to reveal integration possibilities. Publica-
tion VI touched on this topic by investigating the internal heat balance of a pulp mill equipped
with CO2 capture. In the initial estimation, the overall heat balance was barely affected by the
inclusion of the capture device and its regeneration heat demand. The primary reason for this is
the design principle, which was limited in the study by the estimated surplus electricity of the
pulp mill. Thus, the amount of captured CO2 was quite modest compared to the overall volume
available. However, one challenge is that the emissions from a pulp mill are distributed between
multiple pieces of equipment, i.e. recovery boiler, bark boiler, and the lime kiln. Thus, a simple
single-step solution for capturing all emissions is not directly possible. Instead of capturing
pulp mill flue gases and processing them, internal process modifications could also be done to
better integrate pulp mills with power-to-X. For instance, gasification of black liquor could offer
such alternative pathways (Müller, Kätelhön, Bringezu et al., 2020; Carvalho et al., 2018).

PtX systems can also produce oxygen, which can be used by pulp mills in bleaching processes,
effluent treatment, or oxygen-enriched combustion. The need for an external oxygen supply
can even be completely negated in some pulp mill configurations. (Kuparinen, Vakkilainen
and Ryder, 2016). An external electricity supply could be utilized to increase the amount of
power-to-X products recovered (Publication VI). Even further revenue from power-to-X con-
cepts could be obtained from power balancing services, such as grid frequency control or load
balancing services. These are discussed later in Section 4.4.

4.2 Carbon dioxide sources and volumes

Some CO2 sources are likely to be prioritized over other sources due to high CO2 concentrations
which translates into a lower cost of capture (Bains, Psarras and Wilcox, 2017). Such sources
include fermentation plants, breweries, ethanol production plants, biogas plants, and ethylene
oxide production (Bazzanella and Ausfelder, 2017; Naims, 2016). Sadly, the available CO2

volumes from these sources are so small that they are not likely adequate to meet the demand
of a mature CCU market (Müller, Kätelhön, Bringezu et al., 2020). Still, the promising CO2

sources could be targeted first for CCU applications, taking advantage of the low cost of capture,
heat integration, and proximity to logistic hubs or other important locations.

Sources that are currently closely related to the fossil industry, such as natural gas processing,
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syngas, and ammonia production, are available in large volumes. Additionally, the high con-
centration of CO2 is also favouring capture processes from these examples. As a disadvantage,
some of the processes could be replaced by more sustainable alternatives, such as electrochem-
ical synthesis of ammonia (Frattini et al., 2016; Allen, Panquet and Bastiani, 2021). Thus, the
benefit of integrating CCU with these fossil sources is questionable, at least in the long term.

Figure 4.1 shows the current volumes of CO2 from facilities associated with EOR or CCS
(IEA, 2020). It should be emphasized that the on-site utilization of CO2 from ammonia in urea
production is not included in the presented numbers (representing about 70–80 Mt of CO2, as
discussed in Section 2.1), and natural sources of CO2 are also not included. Natural deposits
are used as a source of CO2 in EOR applications in the USA for around 56 Mt of CO2 annually
(IEA, 2020) (see also Section 2.2.1). When these two significant sources are excluded, natural
gas processing represents a large share of the remaining CO2 sources. Very few activities to
date are related to the utilization of flue gases from combustion processes, which is something
that could potentially change radically in the future.

Figure 4.1: CO2 sources for current CCUS activities, excluding on-site utilization of ammonia
production emissions and natural sources of CO2 (IEA, 2020).

Future CO2 sources will likely be composed of a more diverse source base. The flue gases from
industrial facilities could be well-suited for CO2 capture due to their stable operation, relatively
high CO2 concentrations, and large unit sizes – all of which contribute to lower capture costs.
Furthermore, complete substitution or elimination of industrial facilities is difficult, at least for
some industrial sectors such as steel or cement. It is likely that these point sources would also
be available in the future in some quantities. Pulp and paper mills, cement manufacturing, the
steel industry, and the chemical production industries are prime examples of suitable candid-
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ates (Psarras et al., 2017).

Power generation units are also a viable possibility as a CO2 source, but many of these facilities
currently operate using fossil resources that are facing increasing pressure from climate change
mitigation measures. Therefore, retrofit CCS activities could be better suited for the power
sector purely from an environmental point of view. Heat and combined heat and power units are
technically possible for linking with CCUS, but the intermittent and variable operation patterns
can increase the cost of captured CO2 and affect its availability. On the other hand, the economic
benefit of oxygen enrichment coupled with combined heat and power plants could partially
offset this penalty (Tsupari, Kärki and Vakkilainen, 2016).

Besides the volume, purity level, operation stability, and future availability of CO2, geographical
location is also critical for CCUS purposes. Moreover, CO2 is merely one of the alternatives that
could be transported: electricity, hydrogen, and the final delivery of the finished product also
affect the decision making. As the majority of the CO2 acquisition costs are originating from
the capture stage, it could be viable to establish extensive CO2 transport networks for utilization
(Publication II). Such systems are already in place for enhanced oil recovery and greenhouse
cultivation systems.

The mapping of existing CO2 emissions has been recognized as a practical way to estimate
the potential of a location for CCUS services. For instance, numerous studies have analysed
the CO2 sources in the USA and optimized their transport to EOR sites (Hasan et al., 2014;
Middleton et al., 2014; Bains, Psarras and Wilcox, 2017). Similarly, Psarras et al. (2017)
presented a levelized cost diagram for CO2 sources, with detailed insights on Pennsylvania.
Truck transport was found to be viable in volumes below 0.1 Mt annually.

On the European front, Reiter and Lindorfer (2015) evaluated the possible CO2 sources for
PtG in Austria. von der Assen, Müller et al. (2016) presented an environmental merit-order
curve for selecting ideal CO2 sources for all of Europe. Similarly, national CO2 sources and the
utilization potential of nine selected pathways were evaluated by Patricio et al. (2017b). Among
the included CO2 uses, concrete curing and horticulture potential were estimated to be the most
promising, with an annual volume of about 22 Mt annually for each.

A more detailed overview of the Västra Götaland region in West Sweden has been conducted,
where the combined CO2 use across nine sectors totalled about 250 kt annually (Patricio et
al., 2017a). Regional studies involving CO2 source and utilization mapping have also been
completed for the United Kingdom (Jarvis and Samsatli, 2018) and China (Wei et al., 2015).

4.2.1 Global CO2 emissions

In 2020, global fossil CO2 emissions from power production were about 13 Gt, whereas in-
dustrial combustion emissions amounted to about 7.5 Gt (Crippa et al., 2021). IEA (2021c)
estimates industrial direct CO2 emissions from steel to be 2.6 Gt, cement 2.5 Gt, chemicals
1.2 Gt, and pulp and paper sector 0.19 Gt. Process emissions are included in the presented IEA
numbers.

Figure 4.2 illustrates the distribution of CO2-equivalent emissions originating from process
emissions and other sources in four selected industries (WRI, 2021; IEA, 2021c; Rissman et al.,
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2020). Global CO2-equivalent emissions are also shown for reference. The emission numbers
fluctuate between references due to data inaccuracies and annual variations. The shown data
from WRI (2021) is from the year 2018, Rissman et al. (2020) from 2014, and IEA (2021c)
from 2020. Additionally, there may be differences in allocation procedures and scope defini-
tions.

Global volume of CO2 from the chemical, steel, and cement industries is quite notable, whereas
the significance of the pulp and paper sector could be characterized as moderate. The combined
volume of CO2-equivalent emissions for these four sectors varied from 4.7 GtCO2−eq (if only
direct on-site energy-related emissions are included) to 11.1 GtCO2−eq (including all emissions,
including GHG emissions from other sources besides CO2) (Rissman et al., 2020). The estimate
presented by WRI (2021) is 7.82 GtCO2−eq. There are also other viable industrial sectors that
could be sourced for CO2 but the four selected were considered important for this dissertation.
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Figure 4.2: Distribution of global CO2-equivalent emissions for four selected industries. Indir-
ect energy-relate emissions originate from off-site electricity and heat production (IEA, 2021c;
WRI, 2021; Rissman et al., 2020).

Currently, the supply side of CO2 greatly exceeds the demand. As described in Section 2.1, the
current CO2 demand for utilization is about 0.2 Gt globally, whereas the extrapolated and highly
uncertain volume estimation for future predictions ranged from 1.5 Gt/a to about 6 Gt/a or
above. However, the actual volume of CO2 obtainable for CCU would likely only be a fraction
of the current total emissions, as not all of these facilities could cost-effectively be equipped
with CO2 capture due to expected remaining lifetime and other factors. Furthermore, some
emission sources would likely be eliminated and replaced by other systems for environmental
reasons. The combined implication could lead to problems in sourcing the needed quantities of
CO2 – at least regionally. Challenges are likely even larger if biogenic sources are preferred.
Bioenergy forms a significant share of the energy supply in pulp and paper production (30%),
but its role is rather negligible in other energy-intensive industrial sectors. For instance, the
second largest bioenergy user is cement at around 3% (IEA, 2021c). Waste incineration may
also be considered as a partially biogenic source of CO2.
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4.2.2 European CO2 emissions

Detailed emission data on the European level is published by the EEA (2021), which is based
on earlier reporting for the European pollutant and release transfer register (E-PRTR). The data
includes facilities that emit over 100 kt of CO2 annually. The EU Member States as well as
Iceland, Liechtenstein, Norway, Serbia, Switzerland, and the United Kingdom are included in
the dataset. The total emissions in 2017 from these large point sources amounted to 1.68 Gt of
CO2. Currently, such a quantity could easily cover even the current global demand.

However, the situation is likely to change as emission reduction measures reduce fossil emis-
sions while at the same time the demand for CCU increases. CO2 point sources that are likely
to exist – even after emission reduction measures are enforced – include cement manufacturing,
pulp and paper mills, waste incineration, and possibly steel. As can be observed from Fig-
ure 4.3, these sectors currently emit around 470 Mt of CO2 in Europe. The current power sector
emissions are predominantly from coal, natural gas, and oil, which cannot be seen as a long-
term solution for acquiring CO2 for utilization purposes. In the data, only 3.5% of the power
and heat emissions originate from biogenic sources. Müller, Kätelhön, Bringezu et al. (2020)
estimated that a total of 330 Mt of CO2 would be available in Europe in a minimum CO2 supply
scenario, where all fossil fuels have been eliminated and the best available emission reduction
measures have been enforced.
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Figure 4.3: CO2 emissions in 2017 by sector for facilities emitting over 100 kt/a (EEA, 2021).
Total is 1.68 Gt.
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European CCU-related CO2 demand in 2050 was estimated in Section 2.1 to range between 50–
300 Mt for chemicals, and an additional 380 Mt for fuels in an optimistic case. von der Assen,
Müller et al. (2016) estimated a similar demand of 500 Mt annually. Thus, the availability
of CO2 appears to be rather close to the potential demand in Europe. If CCU is deployed
extensively, some additional CO2 from direct air capture would likely be necessary.

Within Europe, there can be significant regional discrepancies in CO2 availability, especially
for biogenic emissions. Compared to locations elsewhere in Europe and even globally, Nordic
countries have an unusually high concentration of biogenic emissions from the pulp and paper
industry. Sweden and Finland are responsible for about 40% and 25% of total biogenic emis-
sions from the pulp mills in Europe, respectively (EEA, 2021). The power and heat sector in
these countries is also partially fueled by biomass. Figure 4.4 demonstrates this by showing
biogenic emissions for European countries that are reported by the EEA (2021), totaling nearly
98 Mt.
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Figure 4.4: Total biogenic CO2 emissions in Europe that originate from large emission sites
(EEA, 2021). Total is nearly 98 Mt.

Publication V studied the Bothnian Bay area, which is one potential hydrogen cluster located
between Sweden and Finland. The region has significant industrial players in the form of steel,
pulp and paper, as well as power and heat generation. The region has gathered significant
interest in developing the area as a potential hydrogen valley. If all CO2 from the pulp and
paper mills in the area were to be recirculated into products, the region could in theory produce
as much as 8.3 Mt of e-methanol. For reference, the EU imported nearly 5.2 Mt and produced
about 1.8 Mt of methanol in 2020 (Eurostat, 2022). Even on a European scale, the efficient
utilization of these emissions could make a significant difference. Numerous individual sites
can be found in the 0.7–1.5 Mt size range in terms of annual CO2 emissions, with a few clear
sites exceeding 3 Mt. As these sites currently have significant industrial activities, integration
possibilities are also more likely.
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4.2.3 Finnish CO2 emissions

Greenhouse gas emissions peaked in Finland around 2003. As seen in Figure 4.5, thereafter
emissions have been in the decline. The Land Use, Land-Use Change and Forestry (LU-
LUCF) sector forms a significant emission sink in Finland, reducing the total emissions from
48.1 MtCO2-eq to 30.9 MtCO2-eq net emissions in 2020. Naturally, the calculation procedures
for the LULUCF contribution can cause significant variations in final outcomes. Finland aims
to be carbon-neutral in 2035, which is an ambitious target for a developed welfare country.

Figure 4.5: Total CO2 -equivalent greenhouse gas emissions from Finland. Negative emissions
from the LULUCF sector are also shown (Statistics Finland, 2021).

CO2-equivalent emissions are not directly applicable to CCU potential estimations. In terms
of volume, the most important point sources that are technically suitable for carbon capture in
Finland are pulp and paper mills, as well as heat and power generation units. The proportional
development of direct CO2 emissions from different sectors is shown in Figure 4.6. Overall,
the direct CO2 emissions from large point sources in Finland contributed to 41 Mt in 2020.
About 50% of the emissions are biomass-based, so the sustainability aspect is also on solid
ground. Smaller CO2 sources could also be used in local applications. For instance, existing
biogas upgrading processes could be sourced for about 0.02 Mt of CO2, whereas the maximum
techno-economic potential of biogas upgrading processes just exceeds 1 Mt of CO2 (Tähti and
Rintala, 2010; Holopainen, 2015).

An ambitious 100% renewable energy scenario was presented for Finland by Child and Breyer
(2016). The presented energy system required about 30 TWh of synthetic natural gas for sup-
porting the energy transition. This sparked the idea for Publication I, which assessed in more
detail the procurement process for CO2. The target would be to capture about 6 Mt of CO2

for producing synthetic natural gas for power grid balancing purposes. Other CO2 utilization
aspects were not considered in the study. Publication I relied on mixed sourcing of CO2 from
industrial facilities, power generation, and biogas, but it also assessed the impact of including
direct air capture in the mix.

One strategic decision that was debated during the making of Publication I was the concept of
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Figure 4.6: Total direct CO2 emissions from point sources that emit over 100 kt/a in Finland.
Landfill data are not present for the last three years (EEA, 2021).

centralized and decentralized Power-to-Gas (PtG) production. A centralized strategy relies on a
few selected sites that produce the clear majority of the required products, whereas a decentral-
ized strategy would rely on a more balanced distribution of production across the nation. Valid
arguments can be made for the pros and cons of both.

A decentralized strategy carries less risk in single sites as the production is divided into multiple
smaller units across different municipalities. Potentially, the demand for final products can also
be more favourably distributed, leading to lower transport demand of the final product. On the
other hand, the delivery of the final product, such as natural gas, is an established technology.
Delivery in the southern part of Finland would be trivial and cost-efficient by using the existing
pipelines.

In a highly centralized system, massive quantities of CO2 would be captured and utilized in indi-
vidual locations, which would also require large amounts of electricity locally. The availability
of electricity could become a significant challenge in this situation, especially if the location of
the CO2 source does not match the location of renewable energy potential, for instance. Thus,
it became natural to question whether it would be more feasible and cost-efficient to transport
CO2 instead of electricity to potential production sites. Although shadowed by uncertainties re-
lated to the cost elements of each transmission system (pipeline, road, rail), early investigations
performed in Publication I and its follow-up study, Publication II, seemed encouraging.

A clear benefit of centralized systems is economy of scale, which brings cost benefits to all
components of the production chain. Publication II included this aspect in the analysis by
implementing a simple scaling factor in investment costs. The results of Publication II suggest
that large-scale systems could decrease the cost of CO2 capture by a quantity that surpasses the
cost of transportation. Thus, large point sources of CO2 are a valid contender for CO2 sources,
even though early adaptations could be more easily achieved on smaller scales and from high-
purity sources. As knowledge of CCU systems increases, larger and less-optimal CO2 sources
(in terms of CO2 concentration and purity) could be targeted.

Location-wise, significant clusters of pulp mills are present in the southeastern part of Finland,
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but significant potential also exists in central Finland and up north near the Swedish border,
as can be seen in Figure 4.7. One conclusion drawn from the CO2 quantity investigations
performed in this dissertation is that pulp and paper mills are a very important industrial integ-
ration possibility for PtX in the Nordic countries (Publications V and VI). The CO2 source is
biogenic, and the mills themselves are able to export electricity after their own consumption.
The sites have excess heat available, which could be potentially utilized in CO2 capture. If elec-
trolysers are integrated on-site, the residual heat could potentially be easier to utilize as district
heat or preheating processes. Southeast Finland is an exceptionally dense region of pulp and
paper mills.

Figure 4.7: Potential PtX clusters in Finland based on CO2 emissions. Emission data is from
the year 2020 (EEA, 2021).

4.3 Availability of electricity and hydrogen
The availability of on-site renewable electricity is a possible bottleneck for large-scale CCU ap-
plications. A case example studied in Publication V showed that it would be difficult to obtain
adequate amounts of electricity to supply both renewable steel production and the conversion
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(a) Wind power availability (TWh)

(b) Electricity demand for steel in low (repla-
cing current local capacity) and high demand
(corresponding to iron ore production) scen-
arios.

Figure 4.8: Demonstration of the mismatch between electricity supply and demand.

of pulp mill flue gases to methanol. In addition, electricity would also be needed for the decar-
bonization of other sectors, such as households and other industrial sectors. A key part of the
study was to assess the future development of wind energy in the region. Despite a staggering
increase in wind power, electricity could still be in short supply at the extreme ends of CO2

utilization plans. Further challenges can be related to the transmission of electricity or to the
transportation of hydrogen (Pyrhönen et al., 2021; Karjunen et al., 2021) (Report II and III).

The methodology applied in Publication V allows for a regional assessment of the mismatch
between electricity supply, CO2 resources, and even the demand for final products. These types
of studies give much clearer insight into the necessary volumes for future energy system decar-
bonizations, as illustrated in Figure 4.8. The methodology has already been developed further
in subsequent studies.

Converting the biogenic share of the large CO2 point sources from Finland (about 25 Mt) would
result in 18 Mt of methanol, requiring over 180 TWh of electricity to produce the hydrogen
component. Current Finnish electricity consumption is about 80 TWh. In this light, the amount
of renewable power generation that would need to be added is monumental. Procurement of the
necessary electricity is further complicated bt the need for electricity production capacity to be
available when starting CCU – a time when there is also demand for the replacement of current
fossil capacity and potentially increasing consumption in other sectors. Thus, the phasing in of
new electricity production capacity and PtX is problematic, both from a legislative and technical
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point of view.

Offshore wind power could provide significant regional boosts for electricity supply. One poten-
tial drawback of offshore systems is the higher cost of transmission, no matter if it is conducted
using electricity or hydrogen. Hydrocarbon products would also require a feedstock of CO2,
which could also require transport. The staging of different projects also requires special at-
tention to coordinate the transport infrastructure with electricity supply and potential synthesis
processes. One further challenge is the cost of offshore wind power compared to onshore power
(Pyrhönen et al., 2021) (Report II).

CCU is not the only future user of hydrogen. The steel industry represents a significant player
in the area, as identified in Publication V. Globally, these sectors are very crucial. Massive
amounts of hydrogen generation also leads to the question of efficient utilization of byproducts.
Thermal integration of PtX components with the local district heat demand was also considered
in Publication V. The scale discrepancy between local heat demand and potential supply from
PtX systems is significant. Thus, there could be an oversupply of low-grade heat available.
These situations would likely occur in other regions as well, especially when there are signific-
ant industrial activities that could turn to hydrogen or PtX in the future.

The regional distribution of PtG capacity is also affected by electricity availability. In Public-
ation II, CHP and industrial CO2 sources were assumed to contribute equally. The study also
presented two grand schemes for PtG placement, one located near the coastal region (which
has significant wind power potential) and the other which is based on the availability of CO2

sources (mostly from pulp mills). These are illustrated in 4.9. This publication thus presen-
ted the question of whether it would be beneficial to transport CO2 or electricity, as both are
necessary for PtX. Hydrogen and electricity transmission both could have their drawbacks and
benefits (see Section 4.5).

4.4 Dynamic operation of CCU

As renewable electricity production is gaining traction, the fluctuations in power levels (and
therefore also in power markets) are expected to become more dramatic (Sitra, 2021). Thus, on
the one hand, it is expected that there will be more hours when the price of electricity will be ex-
ceptionally low due to good weather conditions that favour either solar PV or wind. On the other
end, there will be some hours during which the cost of electricity could rise to exceptionally
high values, when weather conditions are unfavourable. Thus, supporting flexibility measures
becomes more crucial to integrate into electricity systems, which fundamentally thrive under
conditions with high volatility.

Existing industrial and energy units and facilities operate in a few basic modes. Traditionally,
industrial facilities strive to maximize the capacity factor of the plant. Peak shaving plants
operate by a different strategy, where the operation is adjusted based on supply and demand.
With PtX, both strategies might be employed to some extent. Flexible operators can choose to
lower their electricity consumption by decreasing their own consumption, resulting in an overall
reduced electricity price. Simultaneously, the proportional pressure from capital expenditures
increases. Besides this cost-balancing dilemma, an additional challenge lies in how the selected
operation strategy is executed with various technical choices. This encompasses aspects such as
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(a) West (b) Base

Figure 4.9: The distribution of P2G capacity in the west and base scenarios. The values shown
represent the fraction of total P2G capacity in each investigated region.

transportation of feedstocks and final products, intermediate buffer storages that are required to
stabilize streams for processes, and planning of operations according to available projections.
Technical reasons can limit how quickly the plant can respond to fluctuating situations, causing
efficiency losses and additional costs (Publications III and IV). The source of electricity is one
of the most crucial operational parameters for a Power-to-X plant because it sets the conditions
for how steadily hydrogen is available. Synthesis processes are difficult to run dynamically,
which means that hydrogen and CO2 storages are necessary. However, due to their significant
costs, minimization of storage sizes is also crucial. Another important aspect is the relative
dimensions between different components, such as hydrogen storages in relation to electrolyser
size (Publications III and IV).

Power-to-gas held a significant role in the energy system envisioned by Child and Breyer (2016).
Wind and solar were the primary energy sources in the study, but also about 30 TWh of synthetic
natural gas was estimated to be required annually as a support fuel. The synthetic natural gas
would be used to meet the industrial demand and also provide energy storage capability. The
premise of Publications I and II was that CO2 would be temporarily stored to enable the opera-
tion of synthesis processes during those periods when electricity (and thus hydrogen) would be
available. An illustration of the temporal CO2 balance was presented by using two-week seg-
ments as shown in Figure 4.10. The PtG production peaks are visible in September–November,
and May–June, relating to the peak production of wind power and thus the accumulation of
excess electricity.

Publication II highlighted two fundamentally different approaches to match a fluctuating CO2

demand with an adequate supply. In the first scheme, CO2 capture capacity is over-dimensioned,
so that it can increase the production during peak demand. This can be problematic, however,
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Figure 4.10: Variation in CO2 supply and demand in two-week segments during a simulated
year.

as the cost of CO2 capture is largely composed of capital expenditures. A low utilization time
then increases the overall CO2 acquisition cost. The other option is to utilize CO2 storage. Cost
items were not associated with the modelling of CO2 storage of the studies, so at this point, it
was not at this point possible to make conclusions about the practical feasibility of integrating
large-scale CO2 storages.

The results of Publication II about different storage sizing strategies then led to a refined idea
of varying more parameters in the design of the system. CO2 capture, electrolysis, and synthesis
systems do not strictly need to be dimensioned to match each other. For instance, synthesis units
could be designed to be smaller relative to hydrogen production capacity. The different process
steps could also be decoupled, meaning that a synthesis unit could still be running and using
previously stored H2 even though the electrolyser has already been shut down. Furthermore,
the uncertainties related to the capital and operation costs of the components were found to
be significant, which meant that it would be important to perform sensitivity analyses. The
number of decision variables was considered to be so vast that the application of Monte Carlo
simulations was deemed a viable methodology for Publication III.

Hydrogen production forms a large portion of the overall costs of PtX. Publication III com-
pared the relative performance of wind power, solar PV, and power balancing modes as an
input feed for electrolyser power. Operating electrolysers with a dynamic input feed causes
difficulties in the upstream processes, mainly because synthesis processes have limited capab-
ility in dynamic operation, and shutdowns should especially be avoided. Shutdowns lead to
efficiency losses, requiring inerting of equipment and laborious restart processes during which
product quality can suffer. The heating and cooling of the reactor are not instant, meaning that
the thermal ramp and cooling rates, as well as standby times, have a significant effect on the
optimal operation of the plant (Publication IV). This represents a further reason to have stor-
age for CO2 and H2. The size of these storages is affected by the dynamic performance of the
synthesis process as well as the operation environment (Publications III and IV). Figure 4.11
illustrates the optimal proportions between methanation capacity and hydrogen storage with
different power sources. Predictable power patterns obtained with PV enable small synthesis
units coupled with moderate hydrogen storage that allows night-operations. Conversely, the
seasonality of wind power makes it harder to maximize the capacity factor of the synthesis unit,
but also decreases the requirements of the storage. Wind power supply interruptions are more
likely to last for days instead of hours, which means that significant increases in storage capa-
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Figure 4.11: Effect of hydrogen storage sizes and methanation capacities on e-methane product
cost using photovoltaics (PV) system, wind power, and frequency control reserve. Hours refer
to full load hours of synthesis.

city yield diminishing returns. Operations with an electricity supply linked to grid frequency
control mechanisms were found to be the most profitable in the study, primarily the because
control mode also had the highest capacity factor. Power supply interruptions were rare with
the control scheme, which is reflected in low demand for storage systems. The cost of electricity
was not accounted for in the study, which slightly complicates a direct comparison between the
different power supply methods.

Figure 4.12 from Publication III showcased that the size of hydrogen storage affects production
costs, especially if it is too small. This is attributed to a rapidly increasing number of shutdowns
that would be necessary with smaller storages. Above a certain threshold, there is little benefit
to be gained from larger hydrogen storage. These observations were noted also in Publication
IV. With renewable power sources, the power deficits typically outlast the capacity of hydrogen
storage. It would be prohibitively expensive to account for these systems with steel tank-based
hydrogen storages. Lined rock caverns could offer more economical storage opportunities also
for hydrogen.

4.5 Transport infrastructure
Current energy transport infrastructure is largely based on fossil fuels and gas. Transportation
using these established methodologies is technologically relatively simple. Cost-efficient trans-
mission routes can extend thousands of kilometres by sea or pipeline. The preferred transport
media are liquids and gases due to their high energy content per unit of mass and volume. The
elimination of fossil energy sources can lead to a number of changes in the transmission system.

4.5.1 Electrical grid

The transmission of electricity will have an even bigger significance in future energy systems.
Individual renewable power generation units are relatively modest in size compared to typical
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Figure 4.12: Influence of hydrogen storage capacity on product cost

unit sizes of nuclear and coal plants. For wind power generation, it is often first necessary
to have a transformer at each turbine and then connect all the individual turbines to a local
substation (Deutsches Windenergie-Institut, Tech-wise A/S and DM Energy, 2001). Minimum
distances between wind turbines inside a wind farm have been observed to be about 400–800
metres, with an increasing trend as unit sizes increase. The substation connection does have
an observable impact on costs. The cost of substation connections can make up about 10%
of the overall wind power system investment (Stehly, Beiter and Duffy, 2020). An additional
transmission step is then needed for transmitting the total production of the farm to the grid and
final consumption site.

The best regions for renewable power generation are typically located some distance away from
population centres and consumption points, whereas traditional power production units are of-
ten located relatively near city outskirts, industrial areas, and logistic hubs. Thus, costs from
both the internal site connections and the external transmission network could be increasing.
This effect is compounded by the fact that power demand is often very focused on specific re-
gional clusters, requiring extensive local transmission capacity and the collection of sustainable
electricity from a wide geographic area (Publication V).

As discussed in Publication V, the Kiruna region in northern Sweden hosts one of the most
prominent iron mining locations in Europe. Hydrogen-reduced sponge iron production can
significantly reduce the emissions of steel production, but over 50 TWh of electricity would be
required annually. According to existing plans, the iron refining processes would be located
on a few sites in the vicinity of the iron mine. This is problematic for the power transmission
network, because wind power or electricity from other renewable sources would need to be
focused on a relatively small region. There are also conflicting demands on the decarbonization
of the current electricity production, which would also lead to electricity transmission demands
from north to south in both Sweden and Finland (Energiforsk, 2021; Fingrid, 2021). Similar
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dilemmas are observable in different countries due to an imbalanced internal distribution of the
population, power production, and industrial sites.

Promising sites of renewable power generation may also not have the best existing grid con-
nections or infrastructure in place. This can reflect a limited utilization capability, but also po-
tentially heightening interest in local power-to-X utilization or alternative transport solutions,
such as CO2 or H2 pipelines. One of the premises of Publication VI was that transportation of
produced e-fuels would be easier and more cost-effective to implement than overcoming grid
congestion and limited connections. The practical studied case was related to the integration of
a pulp mill with e-methanol production.

Large scale energy transmission is also required between countries. Some developed and highly
industrialized countries will require vast amounts of electricity and hydrogen to reduce and
eliminate greenhouse gas emissions. There could be significant challenges (for example in
Germany) to completely satisfy its energy demand within its own borders by renewable power
generation (BMWi, 2020). Offshore wind power generation is not restricted by land availability,
but the drawback is then higher production and transmission costs (Laaksonen et al., 2021)
(Report II). Large-scale energy transmission between neighbouring areas would therefore be
critically important to achieve climate goals and to reduce overall system costs. Another reason
for having substantial transmission capacity is related to power balancing capability, which
levels the cost differences between different electricity markets.

4.5.2 Pipeline systems

The transmission of energy in the gigawatt-scale is cost-efficient with pipeline transmission.
The cost of energy delivered using natural gas pipelines may be lower than for electricity trans-
mission (Saadi, Lewis and McFarland, 2018). Hydrogen can also be transported by pipelines,
although its costs are expected to be slightly higher than for natural gas, predominantly due to
technical challenges and the properties of hydrogen (Wang, van der Leun et al., 2020; Saadi,
Lewis and McFarland, 2018). Still, hydrogen pipeline transmission systems have been en-
visioned and found to be economically feasible, for instance between Norway and Germany
(Stiller et al., 2008).

The economical feasibility of a hydrogen pipeline was also relevant for Publication V because
the energy transmission capacities are at such a level that the viability of a hydrogen pipeline can
be seriously considered. Thus, the relative cost differences between hydrogen and electricity
transmission were also compared in a parallel study outlined in Report III as well as in a
previous study for an offshore environment in Report II. According to the analysis, the cost
differences between hydrogen pipeline and electricity transmission are relatively close when
the comparison is based on hydrogen as the final product. Especially for larger power levels,
hydrogen pipeline appears highly competitive. However, cost uncertainties are considerably
high for hydrogen pipelines, as they have not yet been widely implemented.

In the offshore context, the possibility of producing hydrogen directly at sea has been investig-
ated (ERM, 2019). One possibility is to use offshore wind turbines that are directly connected
to the electrolyser unit. Alternatively, the hydrogen could be produced on an offshore platform.
A hydrogen pipeline could then be used to transport the hydrogen onshore. One variation of this
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Figure 4.13: Energy flows (in GWh unless otherwise specified) of a pulp mill with e-methanol
production.

strategy has been highlighted for Germany, where an existing island on Helgoland would host
a hydrogen substation. The final stretch of the energy transmission would then be implemented
using a pipeline to the mainland (Aquaventus, 2021; Laaksonen et al., 2021) (Report II).

Another benefit of pipeline systems is the land requirement. A single pipeline with a diameter
of 1.2 metres could transport 13 GW of hydrogen, whereas 15 transmission lines with a 400
kV voltage would be required for the same power (Fingrid and Gasgrid, 2022). Operational
and protection zones for a single power line array could require widths of about 22.5 and 65
metres, respectively (Butryn and Preweda, 2016). Natural gas pipelines require a corridor that
is approximately 12 metres wide during construction and 6–9 meters wide during operation
(Camp, 2013). Furthermore, as the pipeline is below ground, the landscape is not altered as
radically as with overhead power lines and their pylons.

CO2 transportation systems could become relevant in the future. However, direct comparison of
CO2 with other transportation methods is complicated because CO2 is an industrial feedstock
rather than an energy carrier. Technical aspects of CO2 transport were discussed earlier in
Section 3.4. CO2 transportation was included in the analysis of Publications I and II. The cost
of CO2 transport is not prohibitively expensive relative to other parts of its acquisition chain.

4.6 Case studies and economical profitability

Finland and Sweden host a considerable amount of pulp and paper mills, which could function
as a significant carbon source for power-to-X. Annual biogenic CO2 emissions from the pulp
and paper sector amount to nearly 19 Mt for Finland and 22 Mt for Sweden (EEA, 2021). The
feasibility and rationality of integrating pulp production with CCU were assessed at the scale
of an individual plant in Publication VI. Modern pulp mills are able to produce more electri-
city than they require for their own consumption. The excess could potentially be converted
into hydrogen, and then combined with carbon to produce methanol, for instance. Figure 4.13
illustrates the approximate energy balance for a CCU-integrated mill with an annual production
of 1.5 million air dry tons of pulp. Electricity is the bottleneck in the system, meaning that
only about 6% of the CO2 is captured and bound to products when using the electricity avail-
able from the mill. About 20–25 TWh of additional electricity would be necessary to produce
enough hydrogen for 100% CO2 conversion.

There are economical consequences from integrating a pulp mill with methanol production,
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Figure 4.14: Profitability of renewable methanol (MeOH) production when integrated with a
pulp mill.

or, correspondingly, with other synthesis systems. Depending on the price levels of electricity
and methanol, the difference in annual profit can be positive or negative. These combinations
are illustrated in Figure 4.14. Given that the source of CO2 and electricity can be considered
sustainable, green premiums are likely easily achievable for the products. Significant increases
in annual sales could thus be obtainable by converting the electricity into fuels.

Publication VI also considered the impact of a hybrid operation scheme, where the plant could
combine electricity sales and conversion of electricity into methanol. Furthermore, two electri-
city price scenarios were compared: a current system and a high volatility system, where the
annual average price of electricity is equal but price fluctuations are more drastic throughout the
year. For both electricity price scenarios, the maximum profit scenario was reached when the
synthesis would be run for about 50 – 70 % of the year, with the remaining amount of excess
electricity being sold directly by the plant (Figure 4.15).
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Figure 4.15: Sensitivity of profitiability relative to annual operation hours of synthesis.
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5 Conclusion

Currently, CO2 is most often recognized merely as a waste and the primary cause of climate
warming. However, CO2 could also be harnessed as a climate change mitigation tool by recog-
nizing its possibilities as a feedstock in the manufacturing of various materials and goods. For
instance, fuels and chemicals produced from CO2 could essentially have the same properties
as existing fossil-derived products, potentially enabling swift emissions reduction by replacing
current fossil products. Furthermore, the same supply infrastructure could be used as with
current fossil systems, which reduces investment needs and aids the rapid adoption of the tech-
nology. Complete elimination of fossil hydrocarbon fuels in a timely fashion is a monumental
challenge both from an economic and a technological point of view. Thus, CCU and CCS are
seen by some as transition technologies that ease the shift to a low-carbon economy – along
with other tools that would be applied in parallel.

The actual emission reduction mechanisms achievable with CCUS technologies relate to two
principles. Firstly, permanent fixing and sequestration of CO2 can reduce fossil emissions, or
even achieve negative emissions by removing CO2 from the atmosphere. Secondly, the recyc-
ling of carbon in different products and materials can reduce the net release of emissions. The
emission reductions fundamentally originate from the replacement of virgin materials with re-
cycled feedstock. In practice, the use of renewable energy is necessary for recirculation. This
ensures that the carbon footprint of the replacement product does not exceed that of the original.
As an added benefit, the utilization of CO2 creates a valuable product, which functions as an
external motivator for implementing the technology.

Although the current use of CO2 is heavily connected to the fossil industry and natural form-
ations of CO2, a transition to more sustainable sourcing and use of CO2 looms in the future.
Enhanced oil recovery has served as the primary driver for developing carbon utilization tech-
nology and infrastructure, but emerging CO2 utilization pathways, such as methanol production,
could open opportunities for producing a wide variety of the chemicals that are currently in use.
Consequently, this study specifically focused on the possibilities and implications of carbon di-
oxide utilization in relation to the production of hydrocarbon fuels and chemicals using carbon
dioxide that is captured from flue gases and hydrogen from water electrolysis. Given the cur-
rent state of energy-intensive sectors and the trajectory of emission developments, it could be
likely that CCUS technologies will be necessary either way to achieve carbon removal from the
atmosphere. Still, CCU or CCS should not be seen as a justification for continuing the current
use of fossil resources or as the only required solution for emission reduction.

However, there are still a number of hurdles that need to be cleared if CCUS is to be implemen-
ted at scale. Although the technological maturity of hydrogen production and CO2 capture is
not a direct obstacle, commercial implementation at an industrial scale is still lacking. Regu-
lations and safety-related guidances related to CCU are still partially missing detailed adoption
and enforcement in many locations. Fair, predictable, and scientifically proven regulatory and
support systems need to be in place to foster and enable the growth of carbon utilization sys-
tems and markets. Without CCUS, the transition to a low-carbon world would be more costly
and technically harder to actualize. Supply-side infrastructure development should be initiated
early, given the unavoidable delay between decision and implementation. Without a function-
ing supply-side infrastructure for CO2 transport, robust power system, and storage elements,
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CCUS will be difficult to implement at globally significant scales. The interlinking of hydrogen
and flexible electricity production, transport infrastructure, heat, and carbon capture offers tre-
mendous opportunities for emission reduction and improved efficiency. Sustainable hydrogen
production is required for both CCU implementation and the long-term transition to carbon-
neutrality.

5.1 Main findings and novelty
The regional studies and CO2 potential analyses performed in this work show (Publications I,
II, V) that Finland could be a major actor in carbon-recycling processes due to having access to
such vast amounts of biomass-originating CO2. Potential estimations were conducted by com-
bining real facility-level emission data, projected future renewable potential, and sophisticated
transport cost models. Recycled CO2 fuels and products could lead to drastic changes in the
national energy and trade balance. The scale of CCU implementation could be limited by the
availability of electricity, despite the significant potential of cost-efficient onshore wind power
in Finland and Sweden. The widespread adoption of CCU and water electrolysers could have
significant consequences for the heat sector, as large quantities of low-grade heat could become
available. At the core of the CCU reform are industrial systems that serve as excellent can-
didates for providing the necessary CO2, as well as offering the necessary links to district heat
generation and flexible electricity consumption.

A case study of pulp mill CCU integration (Publication VI) showcased one potential opportun-
ity of using the mill’s resources more efficiently. The study illustrated how the mass and energy
balance of the pulp mill would change when incorporated into CCU schemes. Furthermore, the
study characterized the requirements for profitable plant operation, which is strongly connec-
ted to developments in future electricity prices and their fluctuation. The results of the study
reinforce the importance of flexible operation, which will be even more crucial as the share of
intermittent electricity production increases. The flexibility will also influence CO2 demand,
which was shown to affect the design of CO2 storages.

From a technical point of view, one of the biggest challenges is the smooth linking of different
sectors and actors that have a part in the CCU production chain. Material and energy storages as
well as good logistics connections will be even more critical to ensure the smooth operation of
different process stages. The cost analyses performed in this work suggested that with suitable
incentives, similar price levels could be achieved as with competing or existing technologies
(Publications III and VI). As technological and manufacturing developments are achieved in
the coming years, the price differences could decrease even further. Profitability should thus be
achievable in the near term in selected applications.

Individual plants were found to have a number of different optimization challenges that can
further increase the cost-effectiveness of units (Publications III, IV, VI). The first challenge
lies in the identification of the best suitable sites and industrial clusters for unit placement.
Heat integration, effective storage strategies, efficient utilization of local energy resources, and
smart operative choices can further enhance the profitability and efficiency of the units. The
power source in particular was found to have a big impact on both production efficiency and
overall product cost. Intermediate storages for hydrogen and CO2 have a major part in ensuring
the technical operation and good efficiency of CCU systems, but economic reasons restrict the
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viable storage sizes.

Optimization of the nominal processing capacity of CO2 capture, electrolyser, synthesis, as
well as the relevant buffer storages was performed in this work (Publications I–III). Similar
performance levels may be achieved with multiple component configurations. This stresses
the importance of robust analyses and broad input parameter ranges. This work performed
simulations with random sampling, which can effectively illustrate the impact and sensitivity of
a multitude of parameters even when there is uncertainty present. The applied methodologies
have been tested and found to be viable for more complex plant and system design. The model
and its results can therefore be applied in the design of future pilot projects and upscaling of the
technology.

Although many of the performance-enhancing aspects of CCU systems have been studied inde-
pendently in the previous scientific literature, the novelty of this work lies in the simultaneous
implementation of

1. dynamic hourly simulation accuracy and varying electricity price,

2. mass balances for buffer storages, including both hydrogen and CO2,

3. and flexible operation strategy with appropriate ramp rates, shutdowns, and restarts in-
cluded.

The method is also easy and quick to implement and modify, which makes it useful for ex-
perimentation and exploration of feasible strategies. The results can be expressed as ranges of
realistic price expectations for a given set of input variables. The basis of the simulations is on
the mass and energy balances of hydrogen generation and synthesis processes.

The design of CO2 and H2 infrastructure systems will likely be generating even greater interest
in the future, and the implications and lessons learned from these analyses could prove to be very
valuable. The work done on CO2 transportation systems (Publications I and II) analysed the
feasibility of an extensive national CO2 transportation system, which could decrease the overall
cost of CO2 acquisition. The studies highlight the differences and performance of stationary
point sources of CO2 in combination with a dedicated transport infrastructure compared to
direct air capture schemes. It also sheds some light on the most applicable sources of CO2,
specifically for Finland. These analyses can be utilized in the design of future energy and
infrastructure systems.

5.2 Challenges and suggestions for future work
The energy requirements for decarbonizing different industrial sectors are staggering. Steel and
cement are examples of energy-intensive industrial sectors that will be necessary also in future
societies. Given that there is a strong desire to transition to low-carbon power and industrial
systems in a long timeframe, a study could be conducted to assess where energy-intensive in-
dustrial clusters are or could be located, and what is the proportion of industrial production that
can realistically be powered by local sustainable energy sources. Specifically, land use conflicts
arise as a topic that could deserve further attention. Furthermore, the importance of energy
transmission and material transport infrastructure should be acknowledged in this analysis. In
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locations where CO2 emissions are not directly eliminated, it could be assessed whether CCUS
could be implemented. A thorough analysis would also require understanding the effect of the
power sector and its balancing, as well as the interlinks between industrial actors. The impact
and relevance of transformative industries, such as power-to-food, could also be considered.

Fundamental challenges are still present in the operation method design of power-to-X systems
and their links to CCU. For instance, a direct link to renewable power generation decreases the
full load hours of an electrolyser, thus increasing the levelized cost of production. Grid electri-
city is at this point partially fossil, reducing the climate benefits of electrolytic hydrogen. Power
purchase agreements associated with hydrogen production do not necessarily match real-time
power needs, causing additional challenges to power grid balancing. Storage of hydrogen does
not appear to be cost-efficient on a large scale, so it is relevant to question which technologies
and measures should be used to secure energy availability for those periods when there is no
renewable power generation. These described conflicts would need to be addressed so that tech-
nological developments can be carried out without causing complications in existing systems.
Comprehensive power-system modelling would be required to analyse the importance of all of
the relevant factors in play.

A transition away from oil and fossil resources would mean that alternative energy products
should be transported between countries, as it remains unlikely that all countries can remain
energy-independent. Speculation on what these energy carriers are and which transportation
methods are used is therefore crucial. Transportation is also carried out on a smaller scale, for
instance between cities and rural regions. A thorough comparison of different transport means
and materials should thus be conducted. This would give a more realistic overview of the
conditions under which it is preferable to transport hydrogen, electricity, CO2, hydrocarbons, or
other chemical products. The associated storage costs of each energy carrier or material should
also be clarified.

The perspectives related to heat could also merit their own analyses. With the introduction of
electrolysers and synthesis processes, there could be better opportunities to procure low-grade
heat. Numerous possibilities could be found related to its efficient utilization and integration
into other systems. Heat could also be the main design parameter of a CCU system. Site-specific
analyses and examples of well-established integration connections could provide additional in-
centives for new projects. Besides heat, also oxygen and power balancing services could be
focused on increasing the economic profitability of the plants.

The effect of subsidies has a major role in the development and continued use of different tech-
nological solutions. Regulation is also closely related to the speed of adopting the technology
and its design criteria. There are vast regional differences in legislative status and technolo-
gical support, possibly resulting in differing development paths for CCUS. The bureaucratic
complexity and partial lack of detailed guidelines or permission approval processes can be a
hindrance to CCU development and design. Communication with different legal entities in
which the problems are expressed and resolved could lead to a streamlining of the projects and
associated permits. The status and support of CCU could thus be cemented among other climate
change abatement strategies.
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2 2 Methodology

1 Introduction

Mitigating and preventing anthropogenic climate change is globally one of the largest
and most important undertakings of this century. The energy sector is major challenge
for this initiative, as it is the source of roughly two thirds of the world’s greenhouse gas
emissions [1]. To overcome this obstacle, a structural change of the energy sector can
thus be anticipated. By 2040, roughly one third of the world’s electricity production
would come from renewable sources, with the most aggressive increase in wind power,
hydropower and solar PV. [1]

As the share of intermittent electricity production from wind and solar increases, so
does the need for power stabilization. Hydrogen is an unique substance in the sense that
it enables energy storage and stabilization both in the short and long time scales. Short
term stabilization can be achieved by adjusting the electrolyser operation according to the
available excess electricity from intermittent sources. Long term storage is enabled by the
produced hydrogen, as it can be stored either directly, or converted to a synthetic hydro-
carbon. Hydrocarbons have the benefit of better connectivity with existing infrastructure
and easier handling. On the other hand, the manufacturing of hydrocarbons requires a
source of carbon for the conversion process.

The goal of this paper is to describe the potential sustainable sources of carbon for
large scale synthetic fuel production on a national scale in Finland, and to identify the
necessary infrastructural requirements for the circulation of carbon in such a system. A
renewable energy scenario for Finland for the year 2050 is used to derive the necessary
background information, i.e. the amount of synthetic methane required, as well as the
quantity of CO2 available from power generation facilities. These values are then dis-
tributed to different regions and the necessity of transportation and storage is evaluated.
Temporal variation of the consumption and production of carbon dioxide is taken into ac-
count, so that potentially problematic periods of the year can be identified. This approach
enables the comparison of large system scale decisions considering facility placement,
integration and infrastructural demands.

2 Methodology

A model has been developed in this work which incorporates a simplified carbon balance
on a regional level. A nodal network is used as the model’s base, which enables this
regional tracking of CO2 balance and storage. The following sections introduce the model
in detail, starting with a description of the environment that is modelled.
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2.1 Energy scenario

The boundary values for this work are extracted mainly from a 100% renewable energy
scenario for Finland in 2050 by Child and Breyer [2], which contains heat, electricity and
transport demand for private households and industry. In the scenario, a large portion of
electricity is produced by using wind (105 TWh), followed by photovoltaics (40 TWh)
and hydropower (20 TWh). The scenario has a large installed capacity of electrolysers
(23.5 GW), which stabilizes electricity production while also manufacturing hydrogen.
Over 35% of electricity is used in the electrolysis process, so the proportion of installed
electricity production capacity to indispensable consumption is rather high. On the other
hand, this enables the system to be completely renewable, as the energy demand can also
be met during suboptimal times of wind and solar production. The produced hydrogen is
subsequently methanised and fed to the natural gas grid. Finally, the synthetic methane
(30 TWh) is used in combined heat and power production.

2.2 Sources of carbon dioxide

The potential sources for carbon dioxide have been divided into six technological cate-
gories for this work: industry, district heat (DH), gas turbines (GT), direct air capture
(DAC), biogas and power-to-gas (PtG) consumption. Each of these technologies has a
characteristic operation curve for every hour of the year, which has been derived from
the energy scenario by Child and Breyer. For district heat, the operation curve has been
slightly altered to match with the geographical variation in the length of the heating sea-
son, but otherwise all regions have identical operation curves for each category.

Industrial sources are mainly pulp mills and waste incinerators. Not all sources from
the industry are completely biogenic, but it is assumed that these plants have some bio-
genic or recycled components available. District heat facilities are not run during summer.
Gas turbines are not used as a source of CO2 in this work, as their operation is highly
variable, and available CO2 quantity is low. The CO2 from biogas originates from field
biomass (nearly 70% of CO2), wastewater treatment facilities, foodstuff wastes and ma-
nure. CO2 is extracted during the upgrading process of raw biogas. Biogas-based CO2

and direct air capture have been simplified to have a constant production of CO2 through-
out the year. The energy, investment and operations costs of all capture methods have not
been considered in this work.
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2.3 Locations

The model is based on a nodal network, with each node representing a given location of
Finland as illustrated in figure 2.1. A fraction of total installed capacity is placed inside
each node. The total capacity is derived from the energy scenario by Child and Breyer, and
the ratios which divide the capacity between nodes have been presented in figure 2.1. The
ratios for industrial sources are based on emissions of current existing facilities, weighing
biogenic emissions by 75% and fossil by 25%. The assumption made in this procedure
is that that the location of industrial sites and power generation plants would be relatively
unchanged in 2050. Similar approach has been done for district heat, but instead weigh-
ing the share of current district heat facility emissions by 75% and estimated population
distribution in 2040 by 25%. Biogas potential has been estimated based on maximum
technically feasible amount in Finland, including field biomass [3].

2
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4 6
5

7

8

Node Industry DH Biogas

1 0.06 0.07 0.09

2 0.13 0.11 0.09

3 0.09 0.12 0.15

4 0.08 0.13 0.15

5 0.34 0.10 0.13

6 0.08 0.27 0.23

7 0.09 0.15 0.13

8 0.13 0.06 0.04

Total 1 1 1

Fraction of capacity in node

(a) (b)

Figure 2.1: (a) Nodes which are connected to the natural gas grid. Dashed line represents
a planned pipeline, others already exist. (b) Calculation nodes and ratios distributing the
installed capacity between nodes. These ratios remain unchanged in this work

2.4 Scenarios

Two types of scenarios are studied in this work. The first type investigates the effects of
regional distribution of PtG capacity. This is done by comparing centralized and decen-
tralized systems, meaning that PtG capacity would be concentrated equally to only two
regions in the centralized case (nodes 5 and 6), or between all regions in the decentralized
case. In the base scenario, nodes 4, 5, 6 and 7 have equal PtG capacity. These nodes were
chosen because of the existence of natural gas grid in those nodes. The decentralized
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system has PtG units in regions where natural gas grid does not exist, but the produced
amounts of synthetic fuels are rather low, so it is reasonable to assume that such amounts
could be absorbed by local consumption. The actual size of each individual PtG unit is
not limited or modelled, but rather the total installed capacity in each node, obscuring the
unit size concept.

The second type of scenarios explores the differences between carbon dioxide sources.
One case captures a larger proportion of CO2 directly from air, while reducing the amount
captured from industrial plants and district heat facilities. The other variation increases
the amount of captured CO2 from industrial plants and district heat facilities, while still
maintaining the same PtG demand for CO2. This means that a larger portion of the cap-
tured CO2 is vented, as storage capacity is optimized according to PtG demand. Table 2.1
shows the total captured CO2 amount for all the scenarios.

Table 2.1: Sources of carbon dioxide in different scenarios
Scenario Industry DH DAC Biogas GT Total PtG

Mt CO2

Maximum available 7.21 10.34 1.2 0.73 19.48 -6.11

Base 2.06 3.26 0 1.2 0 6.52 -6.11
Centralized 2.06 3.26 0 1.2 0 6.52 -6.11

Decentralized 2.06 3.26 0 1.2 0 6.52 -6.11
High DAC 1.01 2.31 2.01 1.2 0 6.53 -6.11
High CO2 2.81 4.44 0 1.2 0 8.45 -6.11

3 Results

Figure 3.1 shows the temporal variation in the CO2 yield with different sources for the
base scenario (a), and the corresponding total balance of CO2 capture and consumption
(b). Two distinct deficits in CO2 can be seen, one slightly smaller during late May, and
the other in late August and September. Largest deficit of CO2 coincides with low CO2

yield from DH.

3.1 Storage

For the storage level, one year period has been investigated, and the initial storage level is
iterated to match with the year’s end. Figure 3.2 shows the annual total storage level in all
scenarios. Storage level decreases rapidly in late May and September, as can be expected
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Figure 3.1: (a) Captured CO2 in the base scenario, with sources distinguished by different
colors. (b) Total balance for base scenario, i.e. hourly sum of the sources shown in (a)

from earlier observations. Nearly all storages reach a minimum value in mid-November,
during which time PtG capacity was high and DH yield experienced a small dip. High
CO2 scenario reached the minimum value slightly earlier, however, in mid-October. This
is explained by the higher relative share of DH in the scenario, so the system is more
vulnerable to variations in DH operation. Once the DH operation ramps up during the
autumn, it is now able to carry the system over the mid-November dip.

In the high DAC scenario, the production of CO2 is spread out move evenly throughout
the year. This results in overall smaller storage requirement. In the high CO2 scenario, the
captured CO2 amount is larger during every time step, so naturally this results in a smaller
required storage size. The required storage size could be decreased to an arbitrary value
by increasing the amount of CO2 captured. A worst case scenario for the storage size can
be calculated by using DH as the only source of CO2, as it has the highest volatility of
the currently considered sources. Doing this gives a storage size of 2000 kilotons. This
reveals that for an optimized system, an ideal mixture of capture, storage and transport is
required. To store 1000 kilotons of CO2, roughly 30 tanks would be required, assuming
all the tanks are 30 meters high and 38 meters in diameter. This gives in idea of the scale
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of the system.

The storage level in the centralized scenario is slightly lower during the early year
than in the base scenario, but catches up later in the year. The likely reason for this is that
a larger portion of consumed CO2 originates from DH, and the storages are being filled
more slowly by the steady biogas production. The yearly storage demand remain roughly
the same, however, so the difference is mitigated later. In the decentralized scenario, larger
portion of biogas based CO2 can be used directly as the PtG capacity is more spread out,
which results in slightly smaller storage size. Fundamentally this is the same phenomena
as in the high DAC case, as the biogas production is more stable during the whole year,
and thus less storage is required.
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Figure 3.2: Storage level during the year in different scenarios

3.2 Transport

Table 3.1 shows the main transport results calculated in this work. For the high DAC
scenario, the CO2 yield is distributed more evenly during the year, which reduces transport
demand. For the high CO2 scenario, transport demand is also smaller. This is logical as
each node produces more CO2 and transport is thus less critical. Nodes 4 and 7 required
imports in the high CO2 scenario, and these nodes have less overall installed capacity as
was seen earlier in figure 2.1. The average shipment size is considerably larger with the
centralized scenario, and this is caused by the larger PtG capacity in the nodes.
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Table 3.1: Amount of CO2 transported in different scenarios
Scenario Transferred

CO2

Total
distance

Average
distance

Average
shipment

Vented CO2

(kt) (1000 km) (km) (t) (kt)

Base 975 1335 218 160 411
Centralized 2435 1422 196 336 411

Decentralized 0 0 0 0 411
High DAC 500 508 165 163 426
High CO2 118 81 110 161 2344

Figure 3.3 shows how the transportation of CO2 occurs during the year for the base
scenario. If a single truck is assumed to be able to carry 25 tons of CO2, transporting
a moderate 40 kilotons of CO2 per week would require over 200 shipments daily. If
the annual transfers could be distributed evenly for the whole year, a small gas carrier
LPG tanker with 20 000 m3 capacity would need to shipped weekly, which seems more
feasible.
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Figure 3.3: Weekly transport demand for the base scenario

4 Discussion

Conceptually, this model aligns itself in the space between large scale system analyses and
individual plant studies. The model could easily be extended to cover a broader spectrum
of parameters, for instance by including costs for storage, transportation and capture.
Increasing the level of detail in the nodal network could help pinpoint the locations of
CO2 capture sites to minimize the cost of transport and storage. Other important gases,
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such as hydrogen or oxygen, could also be taken into account by the model.
The scenario and model parameters can be improved in further studies. For instance,

more detailled hourly production of biogas could be applied, instead of constant produc-
tion. Also, the placement of PtG units could be restricted by additional variables, e.g.
electric grid limitations or unit size restrictions. Direct air capture has a large footprint,
as a 1 Mt capture unit could require an area of 1.5 km2 [4], so it is more likely to be used
as a small specialized unit in remote locations.

The temporal variation of CO2 production between regions might not be very large,
as was shown in the cases presented in this work. Thus, seasonal transfer over long
distances does not seem viable, but instead focus should be on utilizing local sources.
This would mean that the PtG capacity should be distributed according to the available
low cost CO2. This would also spread the distribution of electrolyser units and electricity
consumption more evenly, reducing the stress on the electric network. On the other hand,
the distribution of the produced synthetic fuels could be more difficult in regions with no
access to natural gas network.

5 Summary

The model developed for this work can be used to assess the circulation of carbon in a
system which relies on large scale production of synthetic fuels. For this study, the model
included basic components such as storage, regional distribution of sources and simplified
transportation. The results given by the model are logical and coherent. There are some
aspects which could be included in the model, for instance cost calculations and more
detailed capture processes.

Transportation of CO2 in large quantities over long distances does not seem feasible.
Instead, focus should be put on intelligent distribution of PtG units according to avail-
able CO2 and minimizing the transport distances. If transport is required over different
counties, pipe transport seems like a good solution for PtG applications due to the high
quantities transferred.

To produce the targeted 30 TWh of methane annually, a total storage capacity of
roughly 1000 kilotons would be required for CO2, which is a moderate amount consider-
ing that 6100 kilotons of CO2 is required annually. However, more realistic assumption
in the CO2 capture process could increase the required storage size. Storage size can be
decreased by increasing the capture capacity, but this presents a optimization problem
between storage size, capture capacity and transport.
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• Modeling tool is presented for comparing carbon capture and utilization strategies.

• The temporal disparity between CO2 production and consumption is identified.

• Key decisions defining a general carbon utilization system are proposed.
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A B S T R A C T

Synthetic hydrocarbons can be produced sustainably with power-to-gas processes, resulting in a net reduction of
greenhouse gas emissions due to the substitution of conventional natural gas and other fossil fuels with carbon-
neutral alternatives. Acquisition of the CO2 for the synthetic fuel production can be implemented in multiple
ways. This work introduces a node-based model to assess different implementation strategies of CO2 utilization
systems, taking into account temporal effects, regional variation, and economies of scale for CO2 capture.
Intermediate storage volumes, capture costs, transport quantities, and other relevant infrastructural aspects of
the CCU system can be estimated with the model. Finland is used as a case study, focusing specifically on the
national and regional scale. CO2 capture costs are significant, being nearly four times larger than the cost of
storage in the baseline scenario (354 M€, 85 M€). CO2 sources with smaller annual emissions increases capture
costs by 14% compared to baseline. This increase in cost is comparable to the cost of transporting over a quarter
of all captured CO2 to off-site processing (varying distance, 100–400 km). Seasonal storage of CO2 is found to be
beneficial for the cost-efficient production of synthetic fuels, owing to the temporal disparity between CO2
emissions and utilization, as well as the overall cost structure of the components. Five key decision categories are
proposed for a carbon utilization system: scale, type, units, location, and technological decisions. These may be
applied to describe any carbon utilization system, helping to form a more comprehensive picture of a future
energy system, where carbon is widely used as a raw material.

1. Introduction

The global share of wind and solar energy of electricity production
in 2050 is predicted to be in the range of 14–50% [1,2]. The operational
flexibility of gas turbines makes them a promising alternative to work
alongside renewable sources in a reliable future energy system [3,4]. If
the natural gas used in these turbines is substituted with sustainable
synthetic natural gas (SNG), climate effects could be decreased even
further. It is also possible to substitute fossil fuels in the transportation
sector with synthetic alternatives. Another benefit is that the produc-
tion peaks of variable renewable electricity can be balanced through

power-to-gas (P2G) processes. This is made possible by the load bal-
ancing of electrolysers, which could convert surplus renewable elec-
tricity into hydrogen. The hydrogen is then combined with CO2 to
produce hydrocarbon products. This P2G pathway offers a carbon-
neutral option for powering various parts of the energy system with
existing infrastructure, while also offering integration benefits with
intermittent renewable energy production. The technology can also be
freely scaled from the small-scale activities of individual communities
all the way to ambitious national targets that have a significant impact
on climate.

In simple terms, two main conditions need to be fulfilled by SNG
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production in order to minimize climate effects: (I) the SNG manu-
facturing process uses biogenic1 or atmospheric carbon, and (II) the
electricity consumed during production does not contribute to climate
change [5]. This study is oriented more toward the first condition, in-
vestigating the various alternatives and issues connected with acquiring
CO2 for P2G processes in large quantities. P2G processes can be applied
to produce a wide range of products and fuels, but in this paper we are
focusing on the production of SNG. However, the applied modeling tool
in this work can also be used for other carbon capture and utilization
(CCU) processes, such as the production of methanol, plastics, en-
chanced oil recovery, refrigerants or even carbonated drinks.

Generally, all CCU processes require CO2 as a raw material. It is thus
beneficial that the best potential CO2 sources are identified and located,
and that a cost-effective way of implementing CCU within the existing
energy system is found. Potential CO2 sources have been investigated in
the literature. For instance Reiter and Lindorfer [7] identified the best
sources of CO2 in Austria, Middleton et al. [8] mapped CO2 sources for
the United States, and Teir et al. [9] analyzed CO2 sources in the Nordic
countries in the context of carbon capture and storage (CCS). Most of
the recent studies have focused on fossil CO2 sources and especially CO2
capture from power plants. However, many industrial processes such as
steel, ethylene, or cement production, which are difficult to make
carbon neutral, could offer higher value for the captured CO2 [10].
Previous studies have also demonstrated that models can be used to
cover various scales [11–13]. Most importantly, this approach helps in
assessing the effects of regional variation in CO2 sources.

Carbon capture, utilization, and storage (CCUS) integration typi-
cally relies on macro scale system optimization, which often uses either
economic or environment values as objective criteria. For instance, von
der Assen et al. [14] introduced an environmental-merit-order curve for
CO2, which they used to rank the various CO2 sources of CCU in Europe.
Hasan et al. [13] presented a minimum-cost supply chain network for
CCUS, focusing on enhanced oil recovery as the available utilization
path of CO2. Han and Lee [12] used a scalable and stochastic infra-
structure model to financially optimize carbon sequestration, utiliza-
tion, storage, and transportation with respect to a specific climate goal
for the eastern part of South Korea. [15,16]. Recently, Lee et al. [17]
introduced a CCS network-optimization tool that incorporates both
economic and environment values, while also taking into account de-
cision-making risk. As can be seen, many studies in this field are con-
cerned with geological sequestration of fossil CO2, which is funda-
mentally different from the idea of recycling the existing carbon in the
natural carbon cycle that this work looks into. The carbon recycling
approach offers a permanent carbon neutral solution, as the CO2 that is
emitted would be later used to produce hydrocarbon products, which
could eliminate the need for introducing additional CO2 from the fossil
reserves into the atmospheric carbon cycle.

CCUS transport networks have also been studied extensively, fo-
cusing on transport method costs [18–20], transport configurations
[21,22], or more broadly on the overall chain [11,23,24]. Variable

uncertainties have been addressed by some studies [17,25,26], while
others account for temporal effects [26–29]. The temporal scale of CCS
studies is typically several years. This time resolution is adequate for
determining when cavern storages become available or unavailable, or
when emissions sources reach the end of their lifetime. However, to
produce CCU-based fuels or products, shorter timespans should also be
considered. These CCU processes include chemical reactions, which are
inherently more sensitive to variations in input flows, and typically
require buffer storage to guarantee a stable production process.

There are many possible configurations of P2G deployment, which
refer to the various ways of placing P2G units within a country and
matching these, temporally and spatially, with potential CO2 sources.
This entails the sizing and placement of individual plants, intermediate
storage volumes, transport quantities, and the overall scale of im-
plementation. These factors are temporally linked, so it is necessary to
investigate these systems using a time resolution that can account for
daily and weekly variations in storage levels. Thus, suitable modeling
tools are required to comprehensively describe the system, and that
have the required flexibility to perform analyses for a wide range of
specifications and with different modeling precision.

This study outlines a large-scale P2G production chain for Finland,
using the developed CARSON-model (CARbon SOurce Nodal network
model). CARSON is developed as a platform for evaluating various CCU
infrastructure configurations, which can be compared using economic
and other quantitative values. The combination of an energy system,
P2G technology, and a high temporal resolution enables a more so-
phisticated investigation of the interactions within the system. The
background for this study is provided by a 100% renewable energy
scenario for Finland in 2050, resulting from the economic optimization
of an energy system using the energyPLAN model [30]. Only biogenic
CO2 sources are considered to maintain the 100% renewable vision. For
simplicity, the effects and limitations of the electric grid are left outside
the scope of this study. Furthermore, this work does not incorporate
mathematical optimization routines in a strict sense, but rather inspects
the outcome of preselected scenarios.

One important aim of this work is to evaluate the CO2 storage vo-
lumes and transport capacities in different capture and utilization sce-
narios. Fundamentally, the issue is about defining the necessities of a
CCU system, which is critical information for a successful im-
plementation of the technology. Investigating the roles and importance
of storage, capture units, and other crucial aspects of the system gives a
basis for the economic evaluation of system costs, which can be utilized
in decision-making.

2. Materials and methods

CARSON is a node-based, scalable material balance tool that can
model the flow of carbon through the energy system and derive costs
for CO2 transportation, capture, and storage. CARSON has been speci-
fically designed for evaluating the implementation strategy and in-
tegration benefits of CCU within the existing energy system. The model
is implemented using the MATLAB programming language, which was
chosen on the grounds of being rapidly adjustable and extendable to
different conditions and research needs. The CARSON model distin-
guishes itself from any other previously introduced CCU models,

Nomenclature

CAPEX Capital Expenditure
CARSON CARbon SOurce Nodal model
CCS Carbon Capture and Storage
CCU Carbon Capture and Utilization
CCUS Carbon Capture, Utilization, and Storage
CHP Combined Heat and Power

DAC Direct Air Capture
HHV Higher Heating Value
LHV Lower Heating Value
OPEX Operating Expense
P2G Power to Gas
RES Renewable Energy Sources
SNG Synthetic Natural Gas

1 Biogenic carbon is defined here as carbon “directly resulting from the combustion,
decomposition, or processing of materials other than fossil fuels, peat, and mineral
sources of carbon through combustion, digestion, fermentation, or decomposition pro-
cesses” [6].
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especially due to its temporal modeling capability. Because the model
can be closely associated to any energy system, it offers a new approach
to hourly balancing of CO2 availability and demand. The model can
easily adapt to different geographical areas, and studies can be scaled
from the level of individual plants all the way to continent-wide studies.
This study represents the first comprehensive application of the
CARSON model with a full description of the model mechanics [31].

2.1. System specifications

As previously mentioned, an energy scenario provides the necessary
background information for the CARSON model. This scenario is used
to estimate the total CO2 emissions produced by the energy sector, as
well as to derive a quantity for CO2 necessary for utilization purposes.
In the energy scenario, roughly 40% of the total produced electricity is
used for P2G. This results in a system that produces roughly 30 TWh of
SNG annually. The SNG is being used by three sectors: industrial heat
and electricity generation (53%), residental use, district heat generation
and cogeneration (40%), and the transportation sector (7%).

Different systems are assumed to produce or consume CO2, which in
this work are categorized into industrial sites, biogas plants, P2G fa-
cilities, or combined heat and power (CHP) plants. A database of CO2
emissions is used to assess the amount of CO2 available from each ca-
tegory. Industrial sites include pulp (68% of total fossil and biogenic
emissions), steel (15%), oil refining (10%), cement, lime and chemicals
(5%), and waste incineration (2%). The CHP category is also assumed
to include facilities that only produce district heat, that is, without the
co-generation of electricity and heat.

Fig. 1 illustrates the quantities of CO2 that are captured and used for
the production of SNG in the baseline scenario of this work. Note that
only a portion of the CO2 is captured and directed to SNG production.
All of the CO2 from biogas is used for SNG production, and equal
amounts of CHP and industrial CO2 are used (4 Mt each). A relatively
larger portion of the available emissions originates from industrial
sources. Naturally, this distribution represents just one potential solu-
tion, which was assumed for this work. The higher fraction of industrial
emissions is based on a view of industrial sites having better suited
annual operational hours, scale of units, and potential integration
benefits with P2G, such as oxygen demand.

Industrial facilities and CHP plants are assumed to be run with two
fuel types: biomass and SNG. CHP gets 60% of the fuel energy from
biomass, and industry 68%. Part of the carbon contained in the fuel
mixture is recycled to produce the SNG. The carbon can originate fully
from biomass, or some of it can be recycled from the used SNG. Fig. 2
illustrates a potential pathway for CHP, where the carbon embedded in
the SNG is being recycled, and biomass is used only to cover the carbon
losses that are assumed to occur during the capture and manufacturing
processes.

2.2. CO2 balance

Fig. 3 depicts the overall flow of the CARSON operation procedure.
The total installed capacity of a system and its distribution to calcula-
tion nodes can be defined separately. Additionally, the operation
strategy of these systems for each time step is required. By combining
this information, a CO2 balance can be calculated for each calculation
node and time step.

A positive balance means that CO2 can be stored for later use,
whereas a negative balance means that CO2 must be extracted from
existing storage. Nodes may also request to transfer CO2 from the sto-
rage of neighboring nodes. Physical location, storage size, and rules
describing the availability of different transport methods can be spe-
cified uniquely for each calculation node.

The overall cost of the system consists of storage, transport, and
capture costs. All investments costs are transformed into annual peri-
odic payments, so that the total costs of different configurations are

comparable. All the costs have been indexed to 2010.

2.3. Spatial distribution

The node-based approach enables the model to be used with dif-
ferent levels of detail. In this work, two levels are used: a national
study, where Finland is divided into eight calculation nodes, as shown
in Fig. 4, and a more detailed study of the southeast region of Finland.
Initial survey of the area reveals 84 facilities, which are reduced to ten
nodes that have an active role in the carbon utilization scheme. The ten
nodes were chosen manually by ruling out smaller heat plants and back-
up plants, which are likely to have a fewer annual full load hours.

In the regional study, each node represents a single site, such as a
power plant or an industrial site. Conversely, in the national study, a
single node represents a group of plants within a given region. This
region is then idealized as a point location, with extensive properties,
such as CO2 storage size.

The total installed capacity of each CO2 source or sink type can be
specified as thermal power (th), electric power (el), or directly as a mass
flow rate of CO2. In the case where the input is electric power, it is first
converted to thermal power by dividing by the electric efficiency of the
process. Then, the nodal distribution is calculated using Eq. (1).=C C c· ,n x x n x, , (1)

where C is the installed capacity of technology x in node n, and c is the
fraction of total capacity present in the investigated node.

The values for total capacity (C) originate from the background
energy scenario, and are introduced in Table 1. These values reflect the
total national capacity in Finland in 2050. The geographical distribu-
tion of CO2 sources (c) for the national model scale has been estimated
using a CO2 emission database, which consists of historical individual
site emissions. Because the emission data apply to the current energy
system, and we require a distribution for 2050, a modified emission
distribution is calculated as a weighed average of two known dis-
tributions, a and b.

= ∑ + ∑c a
a

b
b

0.75 0.25 .n x
n x

n n x

n x

n n x
,

,

,

,

, (2)

The industrial source capacity in 2050 is distributed according to
current emissions, weighting biogenic emissions by 75% (a) and fossil
emissions by 25% (b). This reflects the fact that, in future, it is probable
that industrial sites will not change location, but greater biogenic
emissions will be available from sites that currently produce fossil
emissions. Similarly for CHP, the current biogenic emission distribution
is weighted by 75%, and the estimated population distribution in 2040
is weighted by 25%. This, in turn, reflects the shift of demand in district
heat to more populated regions. The year 2040 is used for the popu-
lation distribution because no reference was found for a later popula-
tion distribution in Finland. These modifications to distributions are
examples of the flexibility of the model in adapting to various condi-
tions that could be envisioned. For instance, the availability of biomass

Fig. 1. Flow ofCO2 from the various sources to SNG production. Unit is millions of tons of
CO2.
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could restrict the increase of CHP distribution in populated regions, or
heat pumps and other power-to-heat solutions could be used. In this
case, these can be reflected in the model by a new choice of parameters.

P2G distribution is an input variable of the model, so the details of
this variable are explained later in Section 3, together with scenario
descriptions. The role of biogas is considered so minor that its dis-
tribution has been accepted without modification. The obtained nodal
distributions of capacity are shown in Table 2.

2.4. Temporal distribution

The temporal distribution is calculated as=C C s· ,n t x n x n t x, , , , , (3)

where t is the time step and s is the operation status, which is defined as
a dimensionless number between zero and one. This describes the
portion of capacity in use during each time step, compared to the total
installed capacity. Fig. 5 shows how the operation status varies for each

system during the year. P2G operation fluctuates heavily on a daily
basis, which causes the erratic behavior observed in the figure. This can
be connected back to the daily fluctuation in solar and wind energy
production. Each node is assumed to have identical operation curves
throughout the year, so there is no geographical variance in operation.

2.4.1. CO2 balance
The quantity of CO2 (Q) produced or consumed during each time

step is calculated as shown in Eq. (4). This step is unnecessary if the
input capacity is given directly as a mass flow rate of CO2, which is
emphasized in the equation by using the term Cth to refer to thermal
capacity, instead of the general capacity C.∑= ⎛⎝⎜ ⎞⎠⎟=Q p C

q
Y t· · ·Δ .n t x

f
f x

n t x

f
f, ,

1

2

,
th, , ,

(4)

The term p refers to the proportion of a particular fuel f, which in
this work is either biomass or SNG. The term q is the lower heating
value of the fuel, and Y corresponds to the yield of CO2 from one
kilogram of fuel (i.e., emission factor). Finally, tΔ is the time step size,
which in this work has been fixed to be one hour. Values for p Y, , and q
are given in Table 1.

To obtain the final available quantity of CO2, the obtained quan-
tities need to be multiplied by the efficiency of the capture system. A
value of 85% is used for all capture devices, regardless of the CO2
source, and a value of 1/75% is used for P2G technology to account for
the CO2 losses in the SNG manufacturing chain. For each node n and
time step t, the CO2 balance can be calculated by taking the sum of all
the CO2 sources and sinks x present in the current node.

2.5. Transport, storage and CO2 capture

Fig. 6 depicts a simplified version of the algorithm used by the
model. Each node has a CO2 storage level, which is updated based on
the calculated CO2 balance during each time step. Next, the model can
either directly advance to the next time step, or alternatively, it can
attempt to transfer CO2 from another node. This happens in the case
where the node’s own storage reaches its minimum level. Exporting
nodes are searched in the order of shortest distance, and a successful
transfer requires that the exporting node has an adequate storage level,
and that transports are allowed between the nodes. If the checks fail,
another node is tried, or ultimately, the production of P2G is decreased
if there is no CO2 available for the process. This procedure is performed
for every time step and calculation node.

CARSON calculates the transportation cost on an annual basis be-
tween each node pair with every available transport method, provided
that the particular node pair can transfer resources between each other.
Then, the transport method with the minimum total cost is chosen for
each node pair. Pipe, truck, and rail transport are the possible options
used in this work. These transport methods are explained briefly in the
following sections.

2.5.1. Pipe transport
Pipe costs are calculated as a function of pipe length L, in kilo-

meters, and pipe diameter D, in nominal pipe size (NPS). The capital
expenditures (CAPEX) for the pipe are calculated as shown in Eq. (5),
which is derived from regression analyses of published natural gas pi-
peline project costs from the United States, as explained by Mccoy and
Rubin [38]. Relevant regression coefficients are listed in Table 3.= + +a a L a Dlog(CAPEX) log log .0 6 7 (5)

The pipe diameter is calculated iteratively, based on the annual
quantity of CO2 transferred and a fixed pressure drop. Relevant para-
meters are given in Table 4. The haversine formula is used to calculate
the pipe length, based on the latitude and longitude coordinates of the
calculation nodes. The calculated costs are converted to euros, and the

Fig. 2. Flow of a hypothetical kilogram of fuel through the CHP system.

Fig. 3. General CARSON calculation procedure.

Fig. 4. Map with the eight regions used in the high-level study, and the southeastern
region of Finland from the in-depth study.
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cost index for pipes, valves, and fittings is used to calculate the costs for
2010 [44,45].

2.5.2. Vehicle transport
Transport costs for truck and rail transport are calculated using the

method described by Han and Lee [12], which considers the costs of
investment, fuel, labor, maintenance, and general expenses. To calcu-
late the costs, the number of required vehicles needs to be known.
Consequently, to calculate the number of vehicles, the total distance
traveled, Ltot, is required. Number of shipments can be calculated by
dividing the total quantity of goods transported, Qtot, by the maximum

load of a single vehicle, Qload, and taking the ceiling of this value.
Multiplying this by the distance between nodes, L, and noting that each
vehicle needs to return after each trip, the total distance is obtained.

= ⎡⎢⎢ ⎤⎥⎥L L Q
Q

2 .tot
tot

load (6)

Next, the total time taken to perform all transports, ttot, is affected by
vehicle speed, v, and loading and unloading time of the vehicle, tload.= + ⎡⎢⎢ ⎤⎥⎥t L

v
Q

Q
t .tot

tot tot

load
load

(7)

Finally, the number of vehicles is obtained by dividing the total time
by the availability hours of a single vehicle, tava. Investment cost is
calculated by multiplying the number of vehicles N by the investment
cost of a single vehicle, and the costs are transformed into annual
payments. The costs are expressed for 2010 [12]. Relevant parameters
used in the calculations are shown in Table 5.=N t

t
.tot

ava (8)

2.6. Storage and capture costs

The CARSON model calculates capture and storage costs using data
from a reference plant, which is derived from existing literature. A
3000 m3 cylindrical tank is used as a reference for the storage costs

Table 1
Model variables and data sources.

Data Type Value Unit Comment Reference

Installed capacity (C) Industry 1.46 GWel [30]
CHP 7.05 GWel [30]
Biogas 63.5 t /hCO2 [32]
P2G 8.4 GWth,SNG Thermal content of produced SNG [30]

Operation status (s) Industry [0…1] – Value corresponds to the proportion of nodal capacity in operation, defined separately
for each time step. All nodes are assumed to have identical operation.

[30]
District heat [0…1] – [30]
Biogas [0…1] – Synthetic data
P2G [0…1] – [30]

Emission factor (Y) Biomass 1.8 kg /kgCO2 Bio Dry [33,34]

SNG 2.7 kg /kgCO2 SNG [33,34]

Heating value (q) Biomass 18 MJ/kg Lower Heating Value (LHV), dry [33,34]
SNG 49 MJ/kg LHV [33,34]
Hydrogen 142 MJ/kg Higher Heating Value (HHV) [33,34]

Share of energy from
biomass (p)

Industry 68 % Remainder is SNG [30]

CHP 60 % Remainder is SNG [30]

Efficiency Carbon capture 85 % kg /kgcaptured processed [9]

Carbon conversion 75 % kg /kgCO2,100%conversion CO2 [35]

Electricity
generation

40 % J /Jel th [36]

P2G 52 % Jth,SNG,LHV / Jel [37]

Transport costs Train See Table 5 [12]
Pipe See Tables 4 and 3 [38]
Truck See Table 5 [12]

Other costs Carbon capture See Table 7 [25]
Storage See Table 6 [39,24]
P2G See Table 7 [40]

Distribution of capacity
(c)

Industry % See Table 2 Database a

CHP % See Table 2 [41], Databasea

Biomass % See Table 2 Databasea

P2G % Model input parameter

a The referred database contains reported emission statistics of existing plants, and was originally compiled from the European Pollutant Release and Transfer Register (E-PRTR) 2007
data. The database has been updated in 2010 [9], and again in 2012 to cover the E-PRTR 2010 statistics [24]. In 2015–2016, the data has been updated by the authors of this paper, using
data from The Finnish Energy Authority [42], as well as [32,43] and other manual additions from companies’ yearly reports or similar sources.

Table 2
The predicted share of Finland’s national installed capacity of the major biogenic CO2
sources in different regions in 2050.

Node CHP Industry Biogas Unit

1 6.5 6.2 8.6 %
2 10.6 13.0 8.8 %
3 12.2 8.7 14.9 %
4 12.6 7.8 14.5 %
5 10.3 34.3 13.4 %
6 26.7 7.5 22.9 %
7 14.7 9.3 13.3 %
8 6.2 13.1 3.6 %

Total 100 100 100 %
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[39]. Cavern-based underground storages have lower costs in larger
scale [24], but built tanks have more freedom in terms of placement.
Thus, undeground storages were not considered in this study. Capture
costs are based on an amine-scrubbing process for all of the considered
CO2 sources [25]. Furthermore, the model uses the six-tenths factor rule
to estimate the effect of unit scale benefits. The rule states that the

increase in cost of storage tanks, compressors, heat exchangers and
other equipment corresponds roughly to the increase in capacity raised
to the power of six-tenths. The value of the exponent can be adjusted for
different industries and equipment, but for this work, the value of 6/10
was considered to give a reasonable approximation [12,46].

The model calculation process is divided into two parts. First, we
calculate the number of units N present in a node n for source type x.
This step is not done for the small-scale model, because in that case,
each node represents a single plant and Nx n, is always equal to one.
Otherwise, the total annual quantity of CO2 in node n obtained from
source type x is divided by the average annual emission quantity of the
corresponding source type, Qave. Furthermore, a minimum of one unit
needs to exist. The average emission quantity, Qave, represents the ty-
pical size of a CO2 source, and varies between scenarios, as discussed
later in Section 3.=N Q Qmax(1, / ).x n x n x, , ave, (9)

Once the number of units present in node n has been determined,
the CAPEX cost is calculated using the six-tenths rule, as shown in Eq.
(10). The term Q is the quantity used to describe the factor that de-
termines the cost of a unit, for example, tons of CO2 that can be stored
or tons of CO2 captured. The subindex “ref” is used to distinguish the
reference unit, the size and cost of which we know beforehand.

⎜ ⎟= ⎛⎝ ⎞⎠N Q
Q

CAPEX CAPEX .n x x n
x n

x
x, ,

,

ref,

0.6

ref,
(10)

Operating expenses (OPEX) are simply calculated either as a per-
centage of CAPEX, or by multiplying of a constant by the cost factor, Q.

O
pe

ra
tio

n 
st

at
us

   

0

0.2

0.4

0.6

0.8

1
P2G

O
pe

ra
tio

n 
st

at
us

   

Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec Jan
0

0.2

0.4

0.6

0.8

1

Industry

Biogas

CO2 Sources

CHP

Fig. 5. Operation status s of each considered system during the year.

Fig. 6. Simplified procedure for transport and storage algorithm.

Table 3
Coefficients used to calculate pipe transport costs.

a0 a6 a7

Material 3.112 0.901 1.59
Labor 4.487 0.82 0.94
Right-of-way 3.95 1.049 0.403
Miscellaneous 4.39 0.783 0.791

Table 4
Additional variables used to calculate pipe transport costs.

Pipe lifetime 30 a
Interest rate 15 %
CO2 density 900 kg/m3

Viscosity 110 μPa·s
Pipe roughness 0.0457 mm
Outlet pressure 10.3 MPa
Inlet pressure 13.8 MPa
Operational expense 3250 US"$" /km·a2004

Table 5
Transport costs for vehicles.

Variable Truck Train Unit

Availability (tava) 6570 4380 h/a
Investment 374,321 487,577 €/unit
Fuel cost 0.57 1.34 €/km
General expense 3788 3157 €/a
Hourly cost 27.55 27.55 €/h
Loading time (tload) 2 12 h/trip
Maintenance 0.133 0.0886 €/km
Capacity (Qload) 22 80 t /tripCO2
Speed (v) 55 45 km/h
Interest rate 10 10 %
Lifetime 10 10 a
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The values used in these calculations are shown in Tables 6 and 7. The
storage costs are indexed from 2008 to 2010 according to the cost index
of heat exchangers and tanks [44,47].

2.7. Levelized cost of production

Levelized cost of SNG production, LCOSNG, is used for a fair
comparison of the results. [48] In this work, it is used to compare
systems producing different quantities of SNG. The cost figure is ana-
logous to levelized cost of electricity, and is calculated as:= +

E
LCOSNG CAPEX OPEX .a

ath,SNG, (11)

CAPEXa is the CAPEX cost of the system, which has been converted
into annual payments. The term E aSNG, is the annual thermal energy of
the produced SNG. The unit of the levelized cost is €/MWh.

3. Scenarios

The main goal set for the system is that 30 TWh of SNG must be
produced annually. According to the energy scenario, this amount
would be enough to completely substitute natural gas in various ap-
plications that would continue using gas in 2050. To achieve this, the
total captured CO2 amount has been set slightly larger than demand in
all of the scenarios. Similarly, the size of storage is determined so that
there is always CO2 available for the P2G process. These choices are
made to guarantee that the desired production goal is met.

Altogether, 12 scenarios are used to illustrate the various possible
configurations. Half of these are used in the national scale model, and
the other half in regional scale. As an output of a scenario, the model
gives financial values corresponding to the total system cost. The de-
scriptions of these scenarios are shown in Table 8, and Fig. 7 shows
graphically how the nodes are distributed in the regional scenarios.

The base scenario distributes the P2G capacity based on available
CO2 emissions, which also happens to favor regions that currently have
natural gas network coverage. This would undoubtedly ease the dis-
tribution of the final product, SNG. In contrast, the west scenario places
the P2G capacity on the western coast, which is also the part of Finland
with the highest wind power potential. This scenario is chosen for two
reasons. First, P2G plants could require or benefit from a connection to
a wind turbine, which could restrict the placement of P2G units in this
region. Second, we want to determine whether it is feasible to transport
CO2 over long distances across regions and on a large scale. This bulk
transport situation is reached because the same CO2 sources are used,
and the location of these sources no longer matches the P2G production
locations.

Two scenarios, large and small, are used to investigate what happens
when the average unit size of CO2 sources change. These scenarios are
used to describe a strategical difference in carbon acquisition, either as
a centralized system with large unit sizes, or as a distributed system
with smaller units. Fig. 9 illustrates the assumed sizes of these units,
given in annual quantities of CO2 produced. The assumed average unit
size used in the base scenario is shown with a solid line and marked
with “Default unit size.” and the lower and upper bounds of the unit
sizes are shown with a dashed line (small and large scenarios). These are
used in the model to derive the cost of CO2 capture, by assuming that all
units are of the same size (Q in Eq. (10)).

4. Results

Table 9 presents the components of the total system costs for the
base scenario. The estimated cost of P2G is clearly higher than that of
storage, capture, or transport. Capture costs are still quite significant,
but the impacts of transfers and storage are quite minor. Similar results
were obtained in the work of Han and Lee [12] and Hasan et al. [13],
but the modeling environments are so different that a detailed

comparison is not worthwhile.

4.1. Scenario costs

Fig. 10 shows the total cost of all of the scenarios. In national scale,
a low system cost is achieved when CO2 is captured mostly from in-
dustry, or when larger unit sizes are used. In both cases, the difference
can be explained by the decreased capture cost.

The lower cost of the IND60 is explained by two factors. First, in-
dustrial units have a larger capacity factor. Industrial sites are assumed
to have about 6411 full load hours during a year, whereas CHP only had
1990. Second, industrial units are assumed to have a lower investment
cost for capture devices (Table 7). The other scenario that reaches a low
total cost is large, where the lower capture cost originates from the six-
tenths rule. The opposite effect can be seen with smaller unit sizes.

Interestingly, the west scenario has approximately the same total
cost as the small scenario. The average cost of capture is 43 €/ton in the
west scenario, which increased to only 49 €/ton in the small scenario.
When the total quantity of CO2 captured is measured in millions of tons,
even relatively small differences in capture prices are significant on a
system scale. These results suggest that the costs of transportation could
potentially be covered by the savings achieved from using cheaper CO2
sources.

4.2. CO2 balance and storage

The largest imbalance between CO2 capture and consumption is
observed in the autumn time, as seen in Fig. 11. The reason for this is
the assumed operation characteristics of the different systems, which
can be traced back to the energy scenario. The amount of energy pro-
duced from wind power reaches its peak in autumn, which is reflected
as a surge in P2G production. Another, slightly less drastic spike is also
observed in the spring. However, all nodes are assumed to have iden-
tical operation curves, which does not take into account regional var-
iations in wind power production, or other related fluctuations.

The storage levels of all calculation nodes in the base scenario are
shown in Fig. 12. A minimum stored amount of 5 kt is set. The total
storage size is observed to be 1.3 Mt, whereas the total captured CO2
quantity is 8.2 Mt. Storage size is affected by the capacity factor of the
CO2 sources, as can be expected. Another factor that can affect to the
storage size is the location of the P2G units. The west scenario storages
were about 20% larger than in the base scenario, which is caused by the
mismatch between the location of CO2 sources and P2G facilities.

Decreasing the storage capacity from the current level eventually
leads to reduced SNG production, as CO2 is not available for the pro-
cess. For the base scenario, the levelized cost of SNG production is
111.5 €/MWh, which line with other studies [48]. When the CO2 sto-
rage capacity is decreased by 1 Mt, the levelized cost of production
changes to 124.6 €/MWh. Even though the absolute costs of storages
decreases by 62 M€ on an annual level, the CAPEX cost of P2G and CO2
capture remain unchanged. Thus, when the annual amount of SNG
produced decreases by 3.67 TWh, due to the smaller CO2 storage, the
levelized cost of the produced SNG increases (see Eq. (11)). Under these
conditions, having a larger CO2 storage is more economical. One way of
maintaining the same SNG production level with lower storage capacity
is to increase CO2 capture. However, this also results in an larger

Table 6
Parameters for storage cost calculations [24,39].

Reference size 3000 m3

CO2 density 1100 kg/m3

CAPEX 2.94 M€
OPEX 1 % of CAPEX
Lifetime 30 a
Rate 7 %
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levelized cost than in the base scenario. In our approach, we assumed
that the P2G production is not flexible, but rather it has to be operated
at designated times, or not at all. The reasoning for this is the avail-
ability of hydrogen, which, in turn, is driven by the purchase price and
availability of renewable intermittent electricity. The storage of hy-
drogen is considered to be more complex than the storage of CO2, which
could limit the available hydrogen buffer for operational flexibility.

4.3. Transport

As can be seen from Table 10, pipe transport is the dominant form of
transfer in the regional scenarios. The larger the annual quantity of
transfers is, the more economical pipe transport becomes. Thus, sce-
narios with a centralized structure, such as rlarge1P2G, are able to have
lower total costs. Smaller CO2 sources caused the transfers to shift to
truck and rail transport, because these methods are preferable if the
annual transfer quantities remain low. In the west scenario, train is the
dominant form of transfer. This is caused by the longer transport dis-
tance, because the annual quantity of transfer would need to be higher
for pipe transfer to be economical. Using optimally constructed trunk
lines could increase the competitiveness of pipe transport [22].

Transport costs decrease with larger CO2 capture units. One reason
for this is that with larger unit sizes, the transfers are concentrated
among a smaller number of nodes. This enables economical pipe and
rail transport methods, because the transferred quantities are higher on
a node-to-node basis. Another reason has to do with P2G placement.
P2G units are assumed to be placed beside the largest CO2 sources,

which results in an absolute lower quantity of transfers required. The
same principles can be used to explain the lower transport costs when
there are fewer P2G facilities.

On a national scale, only transfers across region boundaries are
studied. Each region can also have internal resource transfers, as we
showed for one particular regional area. The quantity of transfers is
expected to vary between regions, depending on factors such as the
availability of suitable rail connections, the number and size of CO2
sources, and the physical placement of units.

5. Discussion

Previously, Middleton and Bielicki [11] identified seven key deci-
sions that should be considered simultaneously by a comprehensive
CCS infrastructure model: “(1) how much CO2 to capture (2) at which
sources; (3) where to construct pipelines and (4) of what size; (5) which
reservoirs should store CO2 and (6) how much to inject; and (7) how to
distribute CO2 from the dispersed sources through the network to the
reservoirs.” However, these decisions are not adequate to cover a CCU
system comprehensively, owing to the larger number of components
and options available.

Here, an alternative classification is given, where the CCU system is
divided into four system components, namely supply, demand, storage,
and transport. For each of these components, there are five decision
categories: scale, type, units, location, and technology. As an example, the
scale category includes the total quantity of CO2 captured for the supply
component of the system. A matrix of the decisions and components is
given in Table 11, including examples.

The presented matrix form, in conjunction with the data obtained in
this work, shows that the decisions are interconnected, both within
each component and across components. For example, power plants
and industrial sites generally produce larger quantities of CO2 than
biogas sources, which links the type and units categories. Furthermore,
the operation mode of these CO2 sources affects the size of the required
intermediate storage, which becomes apparent when baseload units are
compared to peaking plants, for instance. This represents the inter-
connectivity between supply and storage, which in this case also happens
to be time-dependent.

Clearly, to make any decisions considering transport and temporary

Table 7
Parameters for calculating system capture costs [25].

Industry CHP Biogas P2G

CAPEX 24.3 123.4 13.3 M€/unit
CAPEX 1400 €/ kWel
OPEX 0.94 1 4.6 € snt/ kgCO2
OPEX 5 % of CAPEX
Lifetime 30 30 30 20 a
Rate 14.8 14.8 14.8 5 %
Reference size 100 400 100 n/a kt /aCO2

Table 8
Scenario descriptions.

Name Origin Description Unit size ktCO2 / a Number of P2G
units

Industry CHP

National scenarios
Base Roughly equal amount of CO2 captured from CHP and industry, and minor quantities from biogas. No CO2

transport, because P2G capacity is distributed according to captured emissions
800 548 8

West Base P2G capacity is shifted to western coast of Finland, which means that CO2 needs to be transported across
regions. Same CO2 sources are used as in base scenario. See Fig. 8

800 548 8

IND60 Base The share of CO2 captured from industry is increased to 60% 800 548 8
CHP60 Base The share of CO2 captured from CHP is increased to 60% 800 548 8
Large Base Units used to capture CO2 are assumed to be larger. See Fig. 9 1600 1100 8
Small Base Units used to capture CO2 are assumed to be smaller. See Fig. 9 400 270 8

Regional scenariosa

rBase (Base) CO2 is captured from three industrial and two CHP plants. Each plant has its own P2G plant beside the CO2
source. Unit sizes are based on current historical plant emissions. The quantity of P2G production is based on
national base scenario

504 356 5

rBase1P2G rBase A single P2G unit is used, and CO2 is transported from nearby sites to satisfy its CO2 demand 504 356 1
rLarge rBase CO2 is captured from two large plants: one industrial and one CHP plant. The plants are based on real

facilities, but the emissions have been scaled up
1522 716 5

rLarge1P2G rLarge A single P2G unit is used. The unit is placed in the same location as the industrial site. A single CHP unit
captures and transports additional CO2 to satisfy the demand

1522 716 1

rSmall rBase Unit sizes are smaller. Five industrial units and four CHP units are used to capture CO2 305 179 5
rSmall1P2G rSmall One P2G unit is used. It is placed beside the largest available industrial site. Transport is required from other

CO2 sources
504 356 1

a The unit sizes for regional scenarios are calculated averages. Each site actually has a unique unit size.
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storage, temporal information should be available. Thus, modeling
tools should also include a temporal aspect, especially when the mod-
eling accuracy increases, and details about individual sites are included.
On the other hand, more general macro-scale models have a clear role
in devising rougher drafts of the system specifications with little input
data.

To make any kind of scenarios or predictions of future CCUS sys-
tems, some of these decisions presented in Table 11 need to be fixed.
Based on the cost figures presented in this paper, P2G production, or
demand, is the component associated with the highest cost. This is re-
flected in this work by stating a fixed production goal for SNG. In
reality, this choice would most likely be driven by climate goals, which
would mean that funds and relevant policies could be directed to enable
this approach, offsetting the relatively high costs of P2G production.
The second highest cost component is associated with supply, which is
reflected here by fixing the quantity of CO2 captured to be as low as
possible. An ultimate configuration of the CCU system is difficult to
determine owing to the many uncertainties, but identifying the most
critical decisions can direct our focus toward potential pathways. In-
dividual investigations can then be used to observe effects in detail.

The effects of having different capture technologies was not con-
sidered in this work. There is a wide range of emerging CO2 capture
technologies (see e.g. [49]), which could potentially deliver CO2 at
lower energy penalties and costs than the amine absorption that was
considered in this work. Selected average capture costs for a single
technology were seen sufficient for the present study, since there is a
large deviation in the reported capture costs mainly due to lack of large-
scale demonstration plants. It can be hypothesized that the influence on
capture cost would be even more prominent with different

rbase rbase1P2G rlarge rlarge1P2G rsmall rsmall1P2G

Biogas
CHP
Industry

P2G

Fig. 7. Calculation nodes of the regional scenarios. Top row shows the location and relative size of CO2 sources, and bottom row shows the same information for P2G facilities, which act
as CO2 sinks. Each column represents a scenario.

(a) west (b) base

Fig. 8. The distribution of P2G capacity in the west and base scenarios. The shown values
represent the fraction of total P2G capacity in each investigated region.
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used average unit sizes in various scenarios.

Table 9
System costs for base scenario.

System costs Total (M€) CAPEX (M€) OPEX (M€) €/ton

Storage 84.9 75.5 9.4 10.3a

Capture 354.2 263.5 90.7 43.1b

P2Gc 2959.7 1823.5 1136.2

a Calculated by dividing the total annualized cost of storage by the total quantity of
CO2 captured during a year.

b Calculated by dividing the total annualized cost of capture by the total quantity of
CO2 captured during a year.

c The presented numbers are only a crude approximation [40].
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technologies, than when considering only different unit sizes, as we did
here. In particular, the price difference between direct air capture and
conventional capture technologies could be rather high, which could
mean that transporting raw CO2 to a production site could be an eco-
nomical solution. However, this also implies that the placement of P2G
production sites would be restricted, for instance, by the proximity of a
wind turbine, an existing transport infrastructure, or local consumption
of the final product. At this point, it is still unclear how such restrictions
would be applied in reality. Much of this uncertainty originates from
policy, which is still developing for carbon footprint handling and
electricity taxation in the context of CCU.

6. Conclusion

This work introduced a new modeling tool, called CARSON, which
was used to compare various CCU infrastructure configurations in
Finland, as a case study. The model includes costs for CO2 capture,
transport, and storage, while also accounting for economies of scale.
The unique feature of this model is the temporal production and con-
sumption of CO2, enabling the estimation of intermediate storage vo-
lumes and transport quantities. Additionally, a link between capture
units and CCU facilities is formed, which together forms the basis for
the economic evaluation of systems, while also providing valuable in-
sights into decision-making processes.

Based on the results presented in this paper, large CO2 capture units
with relatively stable production during the year proved to be an eco-
nomical solution for CCU. The cost of capture plays a large role in total
system costs, and the efficient utilization of storage and transport can
have a beneficial impact on total system costs. The required capacity of
CO2 storage is dictated by the imbalance between supply and demand,
which can be affected by the choice of CO2 sources.

Five key decision categories were proposed for a general CCU
system, which can be used to identify high-level implementation stra-
tegies. These strategies can be combined with a modeling tool, such as
CARSON, to perform regional case evaluations under various condi-
tions. CCU systems are associated with many uncertainties, which
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Table 10
Transportation costs and methods.

Scenario Quantity MtCO2 Average cost
€/tCO2

Truck % Rail % Pipe %

west 2.13 14 0.01 78 22
rbase1P2G 1.41 4.4 0 17 83
rlarge 1.12 5.2 0 37 63
rlarge1P2G 0.51 5.9 0 0 100
rsmall 0.68 7.8 19 35 46
rsmall1P2G 1.52 6.4 0 33 67

Table 11
Key decisions for a CCU system.

Supply Demand Storage Transport

Scale What is the total quantity of CO2
captured? (t/a)

What is the total quantity of CO2
utilized?

What is the total storage volume? What is the quantity transferred?

Type What type of CO2 source is used?
(biogas, industry, atmosphere)

What type of utilization? (SNG,
polymers)

What type of storages are used?
(caverns, tanks)

Which transport method is used? (pipe,
tanker)

Units What is the capacity of a single unit? (t
CO2 /a)

What is the capacity of a single
unit?

What is the volume of a single
storage?

What is the capacity between points (number
of tanks, pipe diameter)

Location Where are these units located? Where are these units located? Where are these units located? Between which points do these transports
occur?

Technology What capture technology is used?
(sorption, membranes)

Which production process is used?
(biological, catalytic)

Storage conditions? (temperature,
pressure)

Transport conditions? (temperature,
pressure)
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makes it necessary for the modeling tools to be highly adaptable and
flexible. After an initial investigation, more comprehensive decisions
could be considered, for instance, by including the consumption and
delivery of the final product, or by including additional technological
options for the system.
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H I G H L I G H T S

• Optimization tool is developed for dimensioning Power-to-Gas components.

• Detailed Power-to-Gas cost analyses are made for different operational environments.

• 6–17% reduction in gas production costs was achieved via component dimensioning.

• Sensitivity analyses show impacts of key parameters on plant operation.

• Optimal configurations are highly dependent on the electricity source being used.

A R T I C L E I N F O
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Cost reduction
Operation strategy

A B S T R A C T

Power-to-Gas technologies offer a promising approach for converting renewable electricity into a molecular form
(fuel) to serve the energy demands of non-electric energy applications in all end-use sectors. The technologies
have been broadly developed and are at the edge of a mass roll-out. The barriers that Power-to-Gas faces are no
longer technical, but are, foremost, regulatory, and economic. This study focuses on a Power-to-Gas pathway,
where electricity is first converted in a water electrolyzer into hydrogen, which is then synthetized with carbon
dioxide to produce synthetic natural gas. A key aspect of this pathway is that an intermittent electricity supply
could be used, which could reduce the amount of electricity curtailment from renewable energy generation.
Interim storages would then be necessary to decouple the synthesized part from hydrogen production, to enable
(I) longer continuous operation cycles for the methanation reactor, and (II) increased annual full-load hours,
leading to an overall reduction in gas production costs. This work optimizes a Power-to-Gas plant configuration
with respect to the cost benefits using a Monte Carlo-based simulation tool. The results indicate potential cost
reductions of up to 17% in synthetic natural gas production by implementing well-balanced components and
interim storages. This study also evaluates three different power sources which differ greatly in their optimal
system configuration. Results from time-resolved simulations and sensitivity analyses for different plant designs
and electricity sources are discussed with respect to technical and economic implications, so as to facilitate a
plant design process for decision makers.

1. Introduction

In the context of a transition towards a sustainable energy system,
the European Council [1] has proclaimed that the share of renewable
energy is steadily increasing. However, the Intergovernmental Panel on
Climate Change (IPCC) report [2] states that carbon dioxide (CO2)

emissions will only decrease with near-term mitigation efforts. Strong
local positive and negative residual loads will occur, owing to the
fluctuations of renewable energy sources (RES) such as photovoltaics
(PV) or wind power. Today, such discrepancies between supply and
demand are compensated for by shifting the loads of electricity pro-
ducers and consumers (demand side management).
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To avoid renewable energy curtailments it is essential to increase
flexibility in all parts of the energy system. Different approaches for
providing flexibility possess significant technical and economic poten-
tial [3]. One technology for the flexible use of renewable electricity and
ancillary services is Power-to-Gas (PtG). PtG uses electrical energy to
produce hydrogen (H2) by water (H2O) electrolysis. The H2 molecules
can further be converted into methane (CH4) via the Sabatier process by
adding CO2. The product gas (synthetic natural gas, SNG) can be fed
into natural gas grids, as it has almost the same physical properties as
natural gas itself. The gas grids can be used for seasonal energy storage
taking advantage of the large underground storage capacities existing in
Europe [4]. By synergetic integration of the PtG process chains, the
inter-sectoral coupling of energy, industry, mobility, domestic and
commercial sectors can become reality [5].

Breyer et al. [6] states that PtG can be profitable in the case of a
flexible operation mode offering electricity grid services. Götz et al. [7]
and van Leeuwen and Zauner [8] noted the high investment costs, low
full-load operating hours, and high electricity costs. Nevertheless, costs
can change rapidly when implementing new support mechanisms and
may trigger learning curve effects for storage options on a rapid time
scale.

Another possibility for reducing gas production costs (GPC) is the
optimization of the system concept and the operation. Different dy-
namics of the electrolysis and methanation processes can be exploited
[9]. Whereas electrolysis reacts to changes in the electrical input energy
within seconds, methanation takes several minutes to adjust the pro-
duction rate while maintaining the SNG quality [10]. H2 and CO2

storages are mostly used to provide sufficient suction volume in front of
compressors and to avoid the transmission of pulsation after the com-
pressor. If the storage tanks are designed to be larger, methanation can
be conducted independently of electrolysis. In Audi's PtG plant [10], a
hydrogen storage tank was designed for half an hour of independent
operation. By optimizing the methanation capacity and the size of the
hydrogen storage, the investment costs, and therefore the methane
production costs can be reduced.

To make full use of the available electricity, the PtG plant must be
prepared for power peaks and load changes by design. This study ex-
amines the potential of reducing methane production costs by de-
termining optimal capacities of intermediate hydrogen storage and
methanation for three electricity supplies.

2. Power-to-Gas

PtG is a term for technologies for converting electrical energy into a
gaseous chemical energy carrier. In the following, PtG refers only to the
process of using (excess) electrical energy from predominantly renew-
able sources to produce synthetic CH4 via the intermediate product H2

from water electrolysis and CO2. The PtG products serve as fuels for
non-electric energy markets or seasonal energy storage, and are sub-
stitute for their fossil-based analogue with an aim of decarbonization.
Fig. 1 shows the main components of a PtG plant in a block flow

diagram. The first production step is always electrolysis of water using
(excess) electrical energy. In the case of methanation plants, the second
stage converts the H2 into CH4 and H2O via the Sabatier reaction, by
adding CO2. The heat released from the exothermic reaction can be
used within the process or externally. The produced gas needs to meet
the gas quality requirements for the natural gas grid. In methanation
the chemical efficiency is directly connected to the conversion starting
with 100% at 0% conversion and 78% (83%) at 100% conversion,
based on the upper (lower) calorific value [11]. Higher conversion help
to keep effort for upgrding small.

2.1. Applications for Power-to-Gas plants

PtG can play several roles in a future energy system. The literature
reviews by Lewandowska-Bernat and Desideri [12] and Mazza et al.
[13] discuss four main fields of application:

– Large-scale and long-term storage of renewable energy
– Services to balance the loads in electricity networks
– A considerable source of clean fuel for heating or transportation
– Contribution to emission reduction targets

Luo et al. [14] provides an overview of the current application po-
tential of PtG and other storage technologies in power system opera-
tion. A PtG plant can basically be operated in two ways. In input-or-
iented operation, the CH4 production is determined by the availability
of the reactants (mainly electrical energy, and where necessary, CO2

and H2O). In contrast, in output-oriented operation, CH4 needs to be
produced according to a defined production volume. This study ana-
lyzes input-oriented operation.

PtG can have advantages for electricity grid operation if the PtG
system runs in the input-oriented mode and absorbs excess renewable
electricity from solar power [15] or wind [16]. Guandalini et al. [17]
investigated additional management principles for a gas turbine and a
PtG plant balancing the system. All three papers concluded, that cur-
tailments of fluctuating RES can be reduced by absorbing surplus en-
ergy with operating PtG plants. The German Bundesnetzagentur [18]
declared curtailments of 5,518 GWh of renewable energy production in
2017, owing to overloads in the electricity grid. The excess electricity
could have been used by flexible consumers, such as in PtG processes.
The integration of PtG into an energy system reduces the overall carbon
footprint [19,20]. Qadrdan et al. [21] showed that an overall energy
system cost can be reduced by the use of PtG.

Another input-oriented operation of PtG is in direct coupling with
RES, and without connections to the public electricity grid. Feasibility
studies were performed by [22,23], and [24]. Norway [25], Scotland
[26], and Spain [27] tested direct coupling in demonstration projects.
One advantage of direct coupling is that there is no need to pay network
usage fees, and thus operating costs can be reduced. However, the re-
sulting lower number of operating hours is a disadvantage.

A PtG system can be designed to offer control reserve. Control

Fig. 1. Power-to-Gas (PtG) plant layout as implemented for the simulations.
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reserve is used to compensate for mismatches between production and
consumption in the electricity grid that lead to deviations in the grid
frequency. The aim of control reserve is to keep the frequency within
certain a tolerance range (approximately 50 Hz), and to eliminate
possible regional deviations of the power balance from its target value.
Dynamic producers and consumers are necessary to provide control
reserve. The control reserve is divided into primary, secondary, and
tertiary control reserve according to dynamic and temporal require-
ments. Guinot et al. [28] investigated a case where the electrolysis
process provided primary reserve to a French TSO. The authors as-
sumed that an electrolyzer operator would not benefit from partici-
pating in the frequency regulation market, given the technical and
economic assumptions made. Simulations show that a theoretical ben-
efit, in that bidding on the secondary control reserve (SCR) market can
obtain low hydrogen production costs of 1.1 €/kg [29].

2.2. Dynamic operation and optimization of Power-to-Gas plants

One technical challenge of input-oriented PtG operation is coping
with the different load dynamics of the electrolyzer and methanation
sub-systems. Methanation may not be able to process the produced
hydrogen instantly while maintaining the product gas quality. If PtG
systems face a highly fluctuating load profile, the two sub-systems must
be decoupled and operated separately. Independent sub-system opera-
tion leads to more continuous production, which in turn can positively
influence the CH4 yield. Furthermore, the maximum hydrogen proces-
sing rate of the methanation reactor can be lower than the maximum
production rate of the electrolysis. The hydrogen storage can help to
maintain a load interval and load change rates that maintain the gas
quality. The size of the interim hydrogen storage needs to be optimized
for the operation strategies on a case-by-case basis [30].

2.2.1. Dynamic characteristics of water electrolysis technologies
Today, three water electrolysis technologies are on the market for

medium- to large-scale projects: alkaline electrolysis (AEL), polymer
electrolyte membrane electrolysis (PEM), and solid oxide electrolysis
(SOEL). Buttler and Spliethoff [31] identified twenty manufacturers of
AEL and twelve manufacturers of PEM. The SOEL technology is only
represented by one supplier. According to the manufacturer's specifi-
cations, PEM electrolysis by Siemens can vary between 0% and 100% of
the nominal load, and requires less than 10 s from cold standby to the
nominal load [32]. The AEL specifications for load flexibility are be-
tween 20% and 100% of the nominal load and a start-up time between
1 and 5min. The Falkenhagen project [33] showed that a start-up time
of 1–2min is possible with current-controlled AEL. In general, a load
change rate of at least 20%/min can be assumed for alkaline electro-
lyzers. This corresponds to the minimum requirement for the provision
of SCR in Germany [34]. According to the tender documents of the
national grid company Swissgrid in Switzerland, the SCR is activated
and deactivated with a power change of 0.5% of the nominal power per
second. In a case of primary control power, complete power is called up
in 30 s (ca. 3.3%/s) and after a further 30 s the power must be within a
tolerance limit of± 2.5% of the nominal power [35].

The suitability of PtG for auxiliary services has been proven in
practice. The Audi PtG plant in Werlte has successfully completed the
qualifications for offering SCR using AEL [10]. The same qualification
was obtained by the PEM electrolysis system in Energiepark Mainz
[36].

The Thüga Group's demonstration plant in Frankfurt qualified for
primary control reserve with an PEM electrolysis system [37].

To react smoothly to time-variable dynamics the application of a
model predictive control approach was tested in [38]. It iwas shown
that the controls of the electrolyzer and hydrogen storage are capable of
optimizing operation with respect to time-variable electricity prices,
while operating within the limitations of the gas and electricity net-
works.

2.2.2. Dynamic characteristics of methanation technologies
Methanation shows undesirable changes in product gas composition

when process conditions are affected. Rapid adaption of the input flow
rates can lead to pressure fluctuations and temperature changes.
Moderate adaption is necessary to keep the gas quality constant. The
exothermic methanation reaction produces temperature gradients
during start-up, which can cause mechanical stress or changes in the
active centers of the catalyst, that deactivate the catalyst [39] in fixed
bed reactors. Tests from the Zentrum für Sonnenenergie- und Was-
serstoff-Forschung Baden-Württemberg (ZSW) [40] have shown that
the product gas quality of plate and tube bundle reactors can be kept
constant for load changes between 100% and 70%, with a load change
rate of± 3%/min (see Fig. 20 in the Appendix A). It was shown that the
temperatures in the reaction equilibrium and in the gas composition of
the product gas remained almost constant during 900 cycles [41]. Al-
though thermal deactivation cannot be generally excluded, the results
indicate an expected lifetime of 10 years.

Biological methanation takes place in liquid phase at operation
temperatures between 40 and 70 °C [42]. Lecker et al. [43] gives an
overview of biological reactor designs and enhancement concepts. The
minimum load of a biological methanation is not limited on biology
[42]. However, the minimum load should clearly exceed the energy
consumption of the stirrer [7]. Inkeri et al. [44] studied dynamic op-
eration by analysis of the effects of load change, shut-down, and start-
up. The reactor performed well in response to these changes in oper-
ating conditions, but control logics or buffer storage solutions were
necessary to keep the CH4 content above 95 vol% within the product
gas stream.

2.2.3. Optimization of Power-to-Gas systems
Hydrogen storage systems are used to decouple electrolysis and

methanation, as these sub-systems differ in dynamic behavior [9]. In
the first commercial chemical methanation plant in an industrial en-
vironment, a medium-pressure hydrogen storage between electrolysis
and methanation was expanded after commissioning, to further de-
couple the methanation from the electrolysis [10].

A suitable size of the hydrogen storage depends on the profile of the
electrical input of the electrolyzer and the methanation capacity. As a
result, the optimal storage size must be evaluated individually for each
PtG plant. Well-balanced hydrogen storage and methanation capacities
increase the annual full-load hours, and decrease CH4 production cost.

3. System description

Fig. 1 shows the four system components studied in this work
(green): power source, electrolysis, hydrogen storage and methanation.
All remaining units are summarized as the Balance of Plant (BoP). The
technical and economical parameters considered for the calculation of
the SNG production costs are based on expectations for 2030. The
economical parameters are the capital expenditures (CAPEX) and op-
erational expenses (OPEX), for electrolysis, hydrogen storage, metha-
nation, and the BoP. Approaches for validating the GPC include cal-
culations of the present value of the total costs or the levelized costs of
energy (LCOE) [45], also called the levelized costs of storage (LCOS) for
energy storage applications [46]. In this publication the approach of
LCOE is adopted for calculating the GPC of SNG (see Eq. (1) and Table 1
based on [45]) for the first year of operation. The CAPEX term uses a
capital recovery factor to convert the total investment into periodic
payments. The SNG term is simply the amount of SNG produced during
the first operation year. The resulting GPC is about 5% larger than with
the LCOE method. Furthermore, there is no energy cost in the basic
calculations, only in Fig. 13. The GPC allow a cost comparison of dif-
ferent system configurations and modes of operation for producing
SNG. A sensitivity analysis dedicated to the electricity cost is included
in the work.
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3.1. Power source

Three data sources are used to derive the load curves for the elec-
trolysis:

• Measurement data from a PV plant located in Switzerland, hereafter
referred to as PV.

• SCR market data from Swissgrid in Switzerland, hereafter referred
to as Control.

• Measurement data from a wind farm located in Northern Germany,
hereafter referred to as Wind.

The load curve characteristics are listed in Table 2.
The PV profile was generated using 2016 solar radiation data from

the city of Zurich, which were normalized to a peak power of 10MW.
The red dashed line in Fig. 2 shows the characteristic PV profile dis-
playing a zero-production at least 50% of the time.

The installed capacity of the Wind power data was normalized to
10MW as well. For wind farms, fluctuations of up to 25%/min are
typical [47]. Compared to PV and Control, the Wind profile studied
herein exhibits the highest dynamic requirements, with load change
rates between −8.3 and +7.7%/min.

The load curve for Control is obtained from the Swissgrid for the
year 2015 [48]. To simulate a case for SCR, calls from the control zones
in Switzerland were accumulated and normalized to an output of 10
MWel. It is assumed that 5MW of positive and 5MW of negative SCR
are offered. Therefore, the PtG plant has to operate at a nominal ca-
pacity of 5 MWel. Owing to this operation strategy, the Control profile
provides the highest full-load hours (4459 h) as compared to PV and
Wind.

3.2. Electrolysis

For the modeling of the PtG plant, an alkaline electrolyzer with a
power input of 10 MWAC and 30 bar operation pressure is assumed as a
fixed input size for all cases. Smolinka et al. [49] predict the efficiency
of a complete electrolyzer system for 2020–2030 to be in the range of
4.3–5.7 kWh/m3 (62–82%), and Buttler and Spliethoff [31] predict
78.7%. This study presumes an overall efficiency of 75% (PAC/HHVH2),
including cooling and BoP over the entire operating range. With a size
of 10 MWel, most of the time the electrolyzer works far from the

nominal operating conditions with the assumed power sources. This
affects the efficiency, but for simplification, a constant efficiency is
assumed. The electrolyzer can operate between 0 and 100% load [50],
and a maximum load change rate of 20%/min (Table 3) is assumed.
With this load change rate, the plant is able to follow the three pre-
viously-defined input power profiles. The lifetime of the electrolysis
stack is up to 10 [51] years, or between 55,000 and/or 90,000 [49] and
120,000 [50] operation hours. The entire system has a lifetime between
20 [7] and 50 years, as stated for stationary operated AEL [31].

The produced hydrogen is fed into the storage, and is subsequently
fed to the methanation process. If the electrolysis produces excess hy-
drogen, i.e., more than can fit in the storage, it is flared. Dismissing
hydrogen should be the last option to fulfil a contract with an electricity
supplier or ancillary services. In the simulations, it is assumed that H2 is
always produced if electricity is available. The parameters of the elec-
trolyzer for the year 2030 are based on literature and own calculations
(Table 3). An economy of scale affects the CAPEX of an electrolyzer.
The capital expenditure (CAPEX) is calculated based on the public re-
sults of the STORE&GO deliverable D7.7 [52].

3.3. Hydrogen storage

Hydrogen can be stored in gaseous, liquid or hydride form. To this
day, only gaseous storages at various pressure levels are used in large-
scale PtG plants. Some electrolyzers can provide hydrogen at pressures
between 10 and 30 bar [50]. The hydrogen can thus be stored directly
in pressure vessels by limiting the operation of storages to that pressure
range. The upstream pressure for a methanation unit is assumed to be
10 bar.

Hydrogen can also be stored at higher pressures using additional
compressors. High compression is preferred for applications where
volume is sparse, such as in the mobility sector [8]. As it is more ex-
pensive, this study focuses on medium pressure storages, i.e., up to
30 bar. These reservoirs are highly standardized. According to internal

Table 1
Variables for the calculation of the gas production costs (GPC).

CAPEX Capital expenditure
OPEX Operation and maintenance expenditure for one year
E Electricity and heat costs for one year
SNG Amount of SNG produced in one year
r Interest rate
n Component lifetime
i Component index (for instance, electrolyzer, methanation unit)

Table 2
Comparison of the three investigated load profiles.

Unit PV Wind Control

Annual Production GWh 10.1 15.9 44.6
Full-Load Hours h/a 1012 1592 4459
Data time interval min 15 10 15
Max. pos. load change %/min +5.9 +7.7 +3.5
Max. neg. load change %/min −4.7 −8.3 −3.3
Idle time h/a 4315 2056 0

Fig. 2. Annual load duration curves for the electricity supply systems.

Table 3
Parameters for a 10 MWel electrolyzer based on the reported literature and
assumed in the present study.

Unit Value Based on

Capacity MWel,AC 10 fixed input-
Efficiency % (HHVH2/PAC) 75 [8,53,54]
Load % 0–100 [55]
Load change rate %/min 20 own assumption
Pressure bar 30 own assumption
Lifetime a 20 [31,56], assumption
CAPEX €/kWel 650 [52]
Annual fixed OPEX % of CAPEX 2.75 own calculation
Discount rate %p.a. 7 own calculation
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offers from manufacturers, the prices vary between 375 €/kg (50 bar;
33 €/m3 1) and 490 €/kg (200 bar; 44 €/m3 1). Van Leeuwen and
Mulder [57] cite a cost range of 20–100 €/m31, with no indication of
maximum operating pressure. No operational constraints have been set
for the dynamic operation of storages, i.e. any loading and unloading
tasks are completed instantly and fully. As the chosen methodology in
this work is based on a Monte Carlo optimization, it is necessary to
define a range of valid hydrogen storage capacities from which samples
are drawn. A range between 100 kg and 3000 kg was deemed practic-
able. Table 4 summarizes the parameters assumed for the hydrogen
storage.

3.4. Methanation

Chemical-catalytic methanation in a cooled fixed-bed reactor is
chosen for this publication. The theoretical energy efficiency with
complete conversion of the reactants is 77.9%, based on the higher
heating value (HHV) of the hydrogen and SNG [11]. Owing to ther-
modynamic limitations, pressure, and temperature dependency, the
conversion is incomplete, and a CH4 content of 80–93 vol% is achieved
in the dried product gas [58]. The CH4 content can be increased to>
96 vol% by additional membrane treatment. This work assumes a
conversion rate of 100% of H2 in the methanation reactor. The power
consumption of the BoP, such as pumps and compressor, reduces the
theoretical overall efficiency of 79% at 100% conversion to 69%.

SNG production can be interrupted by bringing the reactor to hot
standby mode, where the reactor is held at a set temperature and ty-
pically flushed with hydrogen to prevent carbon deposits on the catalyst
surface. In this work, whenever the methanation reactor is set in hot
standby and restarted, the flushed hydrogen and the SNG out of the
specification limits are considered to be flared, and have no value. Both
the flushing and restarting stage are conservatively assumed to require
10min. In the Audi plant, approximately 1/12 of the hydrogen re-
quirement for a full-load operating hour is rejected by a start-up and
shut-down cycle [41].

In the simulations, the pressure in the hydrogen storage controls the
start and the load of the methanation. Between a pressure of 10 bar and
the maximum pressure of 30 bar, the load varies linearly between 40%
and 100%. The methanation reactor is implemented to enter hot
standby mode if the hydrogen storage pressure drops below 10 bar. A
minimum load of 40% is set for the methanation because of the in-
creasing inaccuracy of measurement equipment with low flow rates.
The maximum load change rate is set at 3%/min to keep the gas quality
constant. The reactor starts only once the storage level rises above
18 bar, to prevent frequent on-off-cycles. A sensitivity analysis is per-
formed to assess the importance of the duration until reaching the re-
quired gas quality, as well as the storage pressure level before restarting
the methanation.

The capacity of methanation is one of the optimization variables.
The smallest theoretical methanation capacity is defined so that the
reactor can completely process the annual hydrogen produced in the
specific electricity profile, when operating the methanation at full load
at all times. A capacity smaller than this would result in an annual H2

overproduction. The theoretical maximum capacity for the reactor is
achieved when the maximum rate of hydrogen production does not
exceed the maximum rate of hydrogen conversion in the methanation
reactor – even if the electrolysis operates at full load. In this study, the
electrolyzer was always fixed to a capacity of 10 MWel and 75% effi-
ciency, so the resulting maximum capacity of methanation is always
5.75 MWth,SNG (100% conversion rate, 55.66MJ/kg). To find the
minimum of the GPC, simulations were carried out with a range larger
than this, from 0.1 to 7.5 MWth,SNG (HHV). The lifetime of a metha-
nation reactor is assumed for 2030 from ENEA [59] with 20 years,

whereas Moeller et al. [60] expect 30 years. For this work, a lifetime of
20 years is assumed. The cost estimates for 2030 are based on [8] and
[55], and on our own calculations. The illustrated cost values include
the cost of peripheral devices such as heat exchangers and
compressors.Table 5 summarizes the relevant parameters used in si-
mulations.

3.5. CO2 capture and balance of plant

The CO2 required for CH4 synthesis can originate from various
sources, such as raw biogas, industrial point sources or ambient air.
This study focuses on the separation of CO2 from industrial point
sources by means of amine scrubbing. After capture, the CO2 is assumed
to be compressed to 10 bar. The capture capacity is set to exceed the
annual demand by approximately 23%, to guarantee sufficient CO2

availability at all times. No buffer storage for CO2 was modeled, as it
would have introduced a new optimization parameter, and CO2 was not
considered as a focal point of this study. CO2 storage is less cost-in-
tensive because four times less CO2 is needed as compared to H2, and
ther are fewer material requirements.

It is expected that the operation costs of CO2 capture from industrial
waste gases will range from 25 to 135 €/tCO2 [61]. The exact costs
depend on the size of the plant and the composition of the exhaust
gases. In this work, the chosen parameters result in an average capture
cost of approximately 50 €/tCO2. The same average price per ton of CO2

is achieved for all scenarios by adjusting the capital expense. A fixed
price is chosen, because CO2 capture is assumed to obtain electricity
from the grid.

4. Simulation specification

The objective of the Monte Carlo simulation was to find optimal
capacities for the H2 storage size and methanation that lead to the
lowest possible levelized production cost for SNG. Monte Carlo methods
allow detailed sensitivity analyses and deliver robust results, as instead
of straight-forwardly searching for an optimum value, a larger range of
plausible input parameter values can be mapped. For instance, situa-
tions where different input configurations result in identical outcomes
are readily observed. Monte Carlo simulations are especially useful
when input values exhibit uncertainties, which often applies to as-
sumptions for capital and operational expenses [62].

A MATLAB script from a previous work was utilized for performing
the simulations [63]. Computations were performed in parallel, and
over 2 million cases were simulated in total. Samples for the metha-
nation capacity and storage size were drawn from a uniform distribu-
tion, where the lower and upper limits were set to represent practicable
limits using a trial-and-error approach. For instance, it was found that
increasing the hydrogen storage beyond 3 tons did not bring any sig-
nificant benefits for the system. Likewise, the methanation capacity
range can be fixed based on the theoretical investigation, as discussed
in detail in Section 3.4. In practice, the performance of the system is
evaluated at every imaginable condition between the lower and upper
limit, and the economical optimum is identified. Naturally, the op-
timum is only valid for the current set of parameters and assumptions.
For instance, variations in electricity profiles or cost parameters would

Table 4
Assumed H2 storage parameters.

Unit Value Based on

Capacity t 0.01–3 own calculation
Pressure bar 10–30 operation condition
Lifetime a 20 own assumption
CAPEX €/kg 490 [57], own assumption
Annual OPEX fixed % of CAPEX 1 own assumption
Discount rate %p.a. 7 own assumption

1 The unit m3 refers to a standard cubic meter
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lead to a new optimum.
The simulation process was divided into two phases. In the first

phase, the hydrogen mass balance was tracked as it progressed through
the PtG system. Hydrogen production was dependent on electricity
profiles, and the consumption rate in methanation was calculated de-
pending on the H2 storage level at each time step. In the second stage,
the costs of the system were calculated based on the input values and
data obtained during the dynamic simulation phase.

4.1. Operation concepts

Three power sources (Wind, PV and Control) were selected to illus-
trate the optimization of the hydrogen storage size and the methanation
capacity suitable for a 10 MWel,AC electrolysis. In addition, two separate
system schemes were distinguished: Standard and Full concept. The Full
concept mandates that all produced H2 must be converted into SNG,
whereas the Standard concept allows some H2 to be discarded.

For the Standard case, a Fixed variant was also analyzed. Here, the
methanation capacity was fixed instead of treating it as an optimization
variable. The numerical limit for the methanation capacity is 5.75MW,
as derived in Section 3.4. As the chosen capacity limit is at the theo-
retical maximum, the Fixed variant actually also fulfills the Full cri-
terion, but most likely with a different configuration (see Table 6).

4.2. Sensitivity analysis

A sensitivity analysis was performed to estimate the importance of
various input values. Specifically, the following input variables were
investigated:

1. CAPEX of electrolyzer
2. CAPEX of hydrogen storage
3. CAPEX of methanation
4. STANDBY COST – Additional cost for maintaining the methanation

reactor in standby mode
5. RESTART LEVEL – The storage level which triggers the methanation

reactor to restart its production after a shutdown
6. RESTART TIME – The time it takes to reach the desired product

quality after the methanation has been restarted – all SNG produced
before the quality is met will be discarded

The sensitivity analysis focused on the results of Standard concept

simulations using the Wind power source.

5. Results and discussion

In this section, the results for the Standard, Fixed and Full concept
are presented using the Wind electricity supply profile. Subsequently,
the results are compared to other power supply modes, and finally the
sensitivity analysis is presented.

5.1. Standard concept

Fig. 3 shows the SNG production costs as a function of the two
optimization parameters. The figure presents the parameter pairs which
were found to be, at most, 5 €/MWh more expensive than the lowest
cost case. A broad interval was observed for the variation of feasible
hydrogen storage and methanation capacities. The yellow area high-
lights all parameter pairs that allow for production costs between 128.1
and 128.9 €/MWh, ranging from approximately 3.0–4.3MW for me-
thanation capacity, and from 370 to 1180 kg for hydrogen storage.

Fig. 4 illustrates how the costs of the system are distributed between
the different components. With the assumptions used in this work, the
majority of the cost results from the capital expenditures of the elec-
trolyzer, composing over 78% of the total costs. The operational ex-
penditure (OPEX) is calculated without electricity costs.

The annual quantity of SNG produced depends on the storage and
methanation capacity. Fig. 5 shows increasing gas production with in-
creasing methanation and hydrogen storage capacities. With increasing
storage capacity, less hydrogen is discarded, because the hydrogen
storage reaches the maximum pressure less frequently.

Table 5
Assumed methanation parameters.

Unit Value Based on

Capacity MWth,SNG 0.1–7.5 own calculation
Load change rate %/min 3 own assumption
Conversion rate of CO2 to CH4 % 100 own assumption
Efficiency % 69 [11]
Lifetime a 20 own assumption
CAPEX €/kWth,SNG 450 [8,55], own calculation
Annual fixed OPEX % of CAPEX 3 own assumption
Discount rate %p.a. 7 own assumption

Table 6
The terms in bold refer to the shortened concept titles used in this paper.

Standard plant concept The electrolysis capacity is fixed at 10 MWel,AC and the electrolysis strictly follows the profile of electrical energy. Hydrogen can be discarded when
the hydrogen storage reaches maximum pressure and the electrolysis produces more hydrogen than is consumed by the methanation unit.
Optimal values are found for the methanation capacity and H2 storage size.

Fixed methanation capacity Methanation capacity is fixed at 5.75 MWth,SNG.
Optimal value is found for the H2 storage size.

Full use of H2 All produced hydrogen must be converted into SNG, i.e. the hydrogen must be temporarily stored and subsequently fed to the methanation plant in
full. Hydrogen storage and methanation must be designed accordingly. Direct flaring of H2 is not permitted, but SNG may still be flared during
reactor start-up process.

Fig. 3. Synthetic natural gas (SNG) production cost for a wind-powered stan-
dard scenario depending on methanation capacity and hydrogen storage ca-
pacity. The data point highlighted with a circular marker indicates the lowest
SNG production costs. For a 10MW wind farm, the optimal SNG plant config-
uration was found at approximately 3.7MW methanation and approximately
640 kg H2 storage.
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Increasing the hydrogen storage while decreasing the methanation
capazity may lead to the same gas production cost. However, from an
operational perspective, there might be drastic differences between
different configurations. The plants differ in the number of shutdowns
and operation principles. Fig. 6 shows the number of shutdowns the

methanation reactor experienced in a year using the different config-
urations. A smaller H2 storage size and larger methanation capacity
clearly increased the number of shutdowns of methanation, and led to
an intermittent production of CH4.

Standard concept with fixed methanation capacity
In the Fixed variant of the Standard scenario, the methanation has a

fixed capacity of 5.75 MWth,SNG, and the hydrogen storage is the only
optimized parameter. The result depicted in Fig. 7 shows a minimum of
the SNG production cost curve at 136 €/MWh. The sensitivity for
smaller storages is noticeably stronger than for oversized storages as
indicated by the gradients of the curves. However, in a range of± 45%
oversized and undersized H2 storage, less than a 1% increase of the SNG
production cost is observed. With very small storages, the penalty in-
curred from frequent restarts significantly hinders production, as a
larger portion of H2 is lost in flushing the reactor. The lowest produc-
tion cost identified in the Fixed configuration was approximately 6%
higher than in the Standard case, whereas SNG production increased by
approximately 5%. However, a portion of the increased yield was also
lost in the restart cycles, resulting in a net yield increase of nearly 4%.
Thus, the increase in SNG yield could not compensate for the rising
investment cost of the PtG system as compared to the Standard case.

5.2. Full concept

The Full concept can be considered a restricted version of the stan-
dard configuration, as it enforces the additional constraint of manda-
tory complete use of H2 for SNG production. In practice, this was
achieved by implementing larger H2 storage and methanation capa-
cities. The optimum for the Full conversion concept was found a at 5%
larger SNG yield, but also a 6% higher production cost, owing to the
larger methanation capacity and storage size. It was preferable in this
case to radically increase the methanation capacity (+55% compared
to standard), as opposed to increasing the storage size to very high
levels. However, the storage size still increased moderately (by 20%) as
compared to Standard. A larger methanation reactor allows the PtG
system to more flexibly adjust to intermittent renewable electricity
input.

The SNG production costs for various configurations in the Full
concept are shown in Fig. 8. Alternative optimal configurations (having
approximately the same production cost) can be found by simulta-
neously scaling the methanation up and the hydrogen storage down, or
vice versa.

Even though hydrogen is typically considered a valuable feedstock,
the results indicate that it can be acceptable and even favorable not to

Fig. 4. Wind standard scenario cost distribution divided into system compo-
nents as well as capital and operational expenditures.

Fig. 5. Annual SNG production for the wind-powered standard scenario. White
background regions are outside the presented range of SNG production costs.
The data point highlighted with a circular marker indicates the SNG production
with the lowest SNG production costs.

Fig. 6. Number of shutdowns per year for the same parameters and conditions
as in Figs. 3 and 5. The data point highlighted with a circular marker indicates
the lowest SNG production costs.

Fig. 7. Resulting SNG production cost as a function of hydrogen storage ca-
pacity for the Fixed variant of the Standard scenario and Wind. The minimum of
136 €/MWh was found at 800 kg storage capacity. For a range of± 45% over-
and undersized H2 storage, less than a 1% increase of SNG production cost was
observed.
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blindly use all potentially available hydrogen if it is produced by a
direct link to a variable electricity source. Design of the plant should
focus on decent operation under normal conditions, whereas in rare
situations suboptimal performance can be accepted. Such situations
occur, for instance, when the methanation reactor is running at full
capacity and the H2 storage is full, additional wind energy would still
be available for producing H2. The extra investment required to adapt
to such situations would exceed the potential gains from increased
production.

5.3. Comparison of costs and viable configurations

Fig. 9 shows the calculated levelized SNG production costs for all
three electricity supply scenarios as well as the three different opera-
tional concepts. The results are based on the most cost-efficient result
for each simulation. The production costs do not include the cost of
electricity. Instead, the effect of including electricity costs is shown
separately, in Fig. 13.

The lowest GPC were achieved for all power sources with the
Standard case, where no constraint was applied concerning the per-
centage of H2 to be converted. Therefore, storage size and methanation
capacity could be designed smaller. Owing to the lower investment
costs, a decrease in GPC was observed as compared to the Fixed con-
cept: −6% (Wind) and−17% (PV). At the same time, the net SNG yield
for the case changed by −3.7% (Wind) and +3.5%(PV). These

variations are attributed to the amount of hydrogen wasted, in terms of
either flared or flushed hydrogen or poor-quality SNG flared during the
reactor startup.

The Control electricity profile realized, GPC of 47 €/MWh. This was
the lowest gas production cost among all studied cases. Even if Control
is the most favorable case, PtG systems are rarely used for grid services.
The reason for this is that the GPC is highly dependent on the operation
hours and the electricity price. The electricity prices have been ex-
cluded here to give the opportunity to include specific electricity costs.
Gorre et al. [64], illustrates that the operating time of the PtG system
depends on the availability of an electricity price which the operator is
willing to pay for. The higher the number of operating hours of the
electrolyzer, the higher the (average) electricity price on the electricity
market.

The GPC are linked to the full-load hours of the PtG plant. Within
the Standard concept and the Control electricity supply, the full-load
hours were 7764 h for the methanation and 4459 h for the electrolyzer,
respectively. The optimal hydrogen storage capacity varied between
0.1 t (or 0.5 h at full load) and 1.6 t (8.4 h).

The amount of H2 lost in different scenarios is shown in Fig. 10.
Restart losses include the hydrogen required for the reactor cleaning
before each start-up/shutdown, as well as the flaring of the low-quality
SNG at the beginning of a new operation cycle. Thus, there is a direct
correlation between the number of start-ups/shutdowns and the
amount of unused hydrogen. For Standard, there is additional unused
hydrogen from situations in which the hydrogen storage is full and the
methanation reactor cannot accept additional hydrogen. In such a case,
hydrogen is flared and is not converted into SNG.

For the PV and Control power inputs, the observed optimal metha-
nation capacity was much closer to the theoretical minimum bound
defined in Section 3.4. Conversely, the Wind power input resulted in
optimal methanation capacities closer to the higher bound. This is at-
tributed to the high dynamic fluctuation of the Wind power supply
(Table 2): as the input profile is more chaotic, a larger methanation
capacity is favorable so that it can more efficiently process sudden
spikes in production (see Fig. 11).

Fig. 12 shows how the optimal storage and methanation capacities
are distributed in the scenarios. The methanation capacity was quite
small for the PV electricity supply, but it also had the largest storage to
cope with the regular long time intervals that lack the PV power supply.
The day and night cycle makes storages more cost-effective for a PV-
powered PtG system than one without H2 storage.

The methanation capacity was almost doubled between the
Standard and the Full concepts for the Wind power supply. The capa-
cities were also larger for the other power supply modes, but less drastic
in difference. Again this difference can be attributed to the character-
istics of the wind generation profile. There were a handful of high
season periods, where the electrolyzer ran at a high load level for
multiple hours, quickly filling the H2 storage up to its maximum level.

Fig. 8. Full concept results using direct connection of PtG with a 10MW wind
power source. Configurations inside the gray colored region would not convert
all potential H2 and thus are not valid configurations for the full concept.

Fig. 9. SNG Production cost based on the best individual result for each sce-
nario and plant configuration.

Fig. 10. H2 losses for the optimal case of each scenario and power source.
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To prevent flaring of H2, the methanation capacity was increased, as an
investment in a larger methanation capacity was more cost effective
than adjusting the hydrogen storage size. The optimal storage capacity
for the Fixed variant scenarios is shown in the Appendix A.

Previously, GPC were calculated without electricity costs. In Fig. 13,
the GPC for the Standard and Full cases are correlated to those of the
Fixed scenario. Optimization of the methanation capacity reduces costs,
especially when electricity prices are low.

When electricity costs are not accounted for, the GPC were ap-
proximately 6% (Wind) and 17% (PV) lower with an optimal system, as
compared to the corresponding Fixed case. When the price of electricity
was set at 50 €/MWh, savings of 2% (Wind) and 9% (PV) were still
achieved.

As the price of electricity increases, the relative cost reduction de-
creases. One explanation for this can be derived from the quantity of
hydrogen which remains unused in the scenarios. For instance, the cost
difference between Standard and Fixed using Wind power diminishes, as
the total costs of the system are allocated to a lower quantity of the
product in the Standard case (or equivalently, a higher quantity of lost
hydrogen, as in Fig. 10). Another explanation is a declining price dif-
ference in the PV Fixed case, where fewer hydrogen losses are occuring.

5.3.1. Duration of operation cycle
To minimize hydrogen discard during start-up and shutdown and to

avoid costly standby losses of the methanation subsystem, the metha-
nation should have the highest possible number of continuous oper-
ating hours. The size of the hydrogen storage and the methanation
capacity are crucial parameters in this regard. As the Standard case

achieved the lowest production cost regardless of the power supply
mode, we focus on the Standard case in this section.

The Wind power profile most often led to short periods of hydrogen
production, with an annual median of only approximately 0.5 h.
However, very long individual cycles of 20–200 h were also observed.
When coupled with a hydrogen buffer storage, the methanation reactor
would typically operate in longer cycles, with an annual median of over
6 h. Interestingly, the methanation had a fewer number of very long
operation cycles, and was most likely affected by the restriction of
maintaining a minimum of 40% load with the reactor when in opera-
tion. No such restriction applied for the electrolyzer, and this aspect can
slightly distort the statistics. A monthly summary of the operation cy-
cles is shown in Fig. 14. As typical for wind energy, the longest pro-
duction peaks occurred during the winter months. The total annual
number of shutdowns was 297 for the methanation reactor, and 1559
for electrolyzer.

With PV as the source of electricity, there is a clear seasonal var-
iation in cycle lengths, as seen in Fig. 15. The methanation reactor is
clearly decoupled from the electrolyzer, as the methanation cycles are
typically 2–10 (or more) times longer than the corresponding electro-
lyzer cycle. The annual medians are slightly above 12 and 20 h for
electrolysis and methanation, respectively. The annual number of
shutdowns was 365 for electrolysis, and 122 for methanation. The
strong increase in the methanation cycle length can be attributed to the
regular daily pattern of PV production, which is better suited for short
term storage than the long and rare production spikes with a wind

Fig. 11. Boxes represent the optimal capacity adhering to scenario-specific
limitations, whereas the circular markers are the minimum and maximum
limits, as defined in Section 3.4.

Fig. 12. Optimal configurations for the standard and full concepts. Only a limited region of the optimal is presented to avoid overlap.

Fig. 13. Relative cost reduction of the cases Standard and Full in comparison to
Fixed with the three investigated power supply modes while including elec-
tricity costs.
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power supply.
For the Control power supply, there are no shutdowns for the elec-

trolyzer, and only one for methanation, lasting 1.5 h.

5.4. Sensitivity analysis

A sensitivity analysis was performed for the Standard concept, using
Wind as the electricity source. The PtG plant parameters (methanation
capacity, storage capacity), CAPEX parameters (hydrogen storage,
electrolysis, and methanation), OPEX parameters (standby costs of
methanation), and operating parameters (restart level, shutdown time)
were varied.

Fig. 16 shows how the system behaves when the electrolyzer or
methanation CAPEX is changed. If the costs of electrolysis drops from
650 €/kW to 300 €/kW (−54%), the gas production cost decreases by
40%. This is partly caused by the lower electrolysis CAPEX, and partly
because the plant layout changes the capacity of the hydrogen storage
and the methanation are reduced (−38% and −22%, respectively).
This means that methanation is more frequently shut down (+12%)
and more hydrogen is discarded (+120%), as the H2 storage more often
reaches its minimum and maximum pressures. A lower electrolyzer
CAPEX implies a lower average price for hydrogen, making it worth-
while to decrease fixed equipment costs despite the simultaneous loss
caused by using less hydrogen.

If the methanation CAPEX is instead reduced (−55%), it is bene-
ficial to have a larger methanation (+19%), which decreases the
amount of hydrogen not converted to SNG (−56%) and thus results in a
lower production cost (−10%). The electrolysis accounts for the ma-
jority of the system costs with the current assumptions (50–70%, de-
pending on the case), which explains why the SNG production cost is
more sensitive to the electrolyzer CAPEX, compared to the methanation
CAPEX.

The effect of varying the H2 storage cost is shown in Fig. 17. De-
creasing the CAPEX of the hydrogen storage tank from the default value
of 490 €/kg by −60% leads to the choice of a larger storage tank
(+168%), thus reducing the number of shutdown processes (−59%).
This also reduced the amount of hydrogen discarded (−21%).

Consequently, GPC were reduced by only 3%. Thus, the system was to
some extent capable of maintaining a constant production cost by in-
ternally adapting to the external triggers.

Increasing the restart time of the system (Fig. 18a) resulted in a
modest change in SNG cost (+2.4%), which can be explained by the
system adjusting its hydrogen storage to be larger (+84%) to prevent
shutdowns. The effect is strengthened by a parallel decrease in the
methanation capacity (−11%).

The changes in restart level (Fig. 18b) were offset by methanation
and storage capacities, so that there was no clear change in GPC.

When a standby cost was linked to the idle time of the methanation
(Fig. 18c), the system compensated by using a smaller methanation
reactor (−10% at 20€/h), which decreased the number of idle hours.
To offset the reduced capability of the plant to produce SNG during a
high season, the hydrogen storage capacity was slightly increased
(+27%). Regardless, the SNG production decreased on an annual level
(−16%).

6. Conclusion/Outlook

In this work, a hydrogen storage size and methanation reactor ca-
pacity were economically optimized for a 10 MWel,AC electrolyzer. The
synthetic natural gas production costs were calculated for three power
sources (Wind, PV and Control). In addition, two separate system
schemes were distinguished, i.e., Standard and Full concepts.

The supply profile of electricity affects the optimal capacity. The
methanation capacity for PV-coupling is very small (1.72 MWth,SNG)
and the storage is rather large (1250 t), which works well in combi-
nation with the daily cycle of the PV. Wind power exhibits significantly
longer and more chaotic periods of production, so a larger methanation
reactor (3.68 MWth,SNG) with a smaller hydrogen storage tank (635 t)
was favored. If complete utilization of the hydrogen is necessary, the
methanation reactor (5.70 MWth,SNG) and the hydrogen storage (770 t)
would be even larger, resulting in a 5% increase in unit price. Higher
capital expenditures were thus dominant over the increased product
yield in this case. This result may not always hold true, because it is
susceptible to changes in input parameters.

Fig. 14. Durations of continuous operation cycles in the wind standard scenario for each month. The vertical axis has been split into two sections as indicated by the
horizontal solid line. The filled bars represent the values caught between the 25th and 75th percentiles, the dotted vertical line shows the range of minimum and
maximum values, and the solid square marker is the median value.

Fig. 15. Monthly distributed durations of continuous operation cycles in the PV standard scenario. The vertical axis has been split into two sections as indicated by
the horizontal solid line. The filled bars represent the values caught between the 25th and 75th percentiles, the dotted vertical line shows the range of minimum and
maximum values, and the solid square marker is the median value.
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The analysis shows that synthetic natural gas production costs may
be reduced in some situations by as much as 17% if the hydrogen sto-
rage size and the methanation capacity are optimized. One critical
factor in this is the methanation capacity, which can be designed to be
smaller than the electrolyzer output. The cost reduction benefit in this
case arises mainly from the reduction in capital expenditures. For in-
stance, a 5.75 MWth,SNG methanation reactor (which roughly corre-
sponds to the peak power of the electrolyzer) was reduced to
3.68 MWth,SNG in the least cost case using wind power, reducing capital
costs by 36%. The disadvantage of a smaller methanation plant is the
potential need for a larger intermediate hydrogen storage tank. Cost
optimization has shown that a tight design of the storage and metha-
nation leads to lower gas production cost. The drawback of this opti-
mization is the potential inability to utilize production spikes (excess
electricity), which translated into a 5% net loss in the final product
yield in the same case. The yield loss would otherwise be even higher,
but it is compensated for by the more efficient use of hydrogen storage
and the reduced hydrogen losses owing to fewer shutdowns cycles
(−22%). Radically different downtimes and operational strategies are
to be expected with different electricity supply modes. PV has pre-
dictable downtimes with short cycles and thus benefits from a hydrogen
storage, whereas wind is more chaotic in nature and operates in longer
cycles which impairs the use of hydrogen buffers. With secondary
control reserve, there are hardly any downtimes, but the average price

for electricity would probably also be higher.
The optimization of the H2 storage and the subsequent methanation

show high potentials for the reduction of gas production cost. The re-
sults support the claim that interim H2 storages are best suited primarily
for short-term storage, owing to their high specific cost of 490 €/kg. For
instance, it was found to be economically beneficial to purposely avoid
using all potentially-available hydrogen, as it would have required
significant investments (either in methanation capacity or storage
sizes).

As the production of H2 is linked to the availability of electricity, the
chosen electricity supply profile critically affects the importance of H2

storage. In the case of direct coupling of the electrolysis to a PV field,
the hydrogen storage should be designed so it can compensate for the
day/night inequality. When the Power-to-Gas plant is directly coupled
to a wind farm, the H2 storage can be designed to be smaller, as the
fluctuations are distributed over the entire day. If a balancing service
such as symmetric secondary control reserve is offered, the H2 storage
may be dimensioned very small because the storage only has to com-
pensate for short-term load peaks or load undercoverages.

It was shown that the use of an interim H2 storage increases the
flexibility of the electrolyzer and makes long and constant operation
phases of the methanation reactor possible. When designing new plants,
it is recommended to analyze the electricity supply characteristics on a
case-by-case basis and preferably over a longer period of time, to

Fig. 16. Sensitivity analysis for the capital expenditure of electrolyzer and methanation, using the wind standard scenario. Default parameter values are highlighted
with an asterisk.

Fig. 17. Sensitivity analysis for the H2 storage cost (€/kgH2) in the wind standard scenario. Default values highlighted with an asterisk.

J. Gorre, et al. Applied Energy 257 (2020) 113967

11



Fig. 18. Variation in SNG production cost for three parameters. Default parameter value is shown with an asterisk.

Fig. 19. Optimal storage size defined for the fixed variant of standard with all studied power sources for PtG operation. The optimal found storage sizes are 211 kgH2
(Control), 500 kgH2 (PV) and 790 kgH2 (Wind). Red dotsThe circular data markers highlighted in red colour mark the position of the cost optimum for each casea.

Fig. 20. Gas composition and flow during start-up, shut-down and load change with the tube bundle reactor of the 250 kWel P2G® plant of the ZSW as a function of
educt gas flow (T= 200–600 °C, p=7 bara, SV= 1365 leduct/(lcat h) [40].
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consider annual fluctuations and to obtain a more accurate input data
for the optimization of the gas production cost. The production can
have a high season for some time of the year, which should be ac-
knowledged in plant design. Plant design should also consider the type
of renewable energy to be used.

The smaller the number of full-load hours of the electrolyzer gets,
the greater the influence of the reduction in investment costs becomes.
The optimization of Power-to-Gas plants according to the expected
electricity supply is crucial. Cost savings can be expected with low
electricity prices. As the ratio of hydrogen production cost to total
system cost decreases, so does the potential opportunity cost of unused
seasonal resources. This work shows that there is no single optimal
plant configuration, but a range in which capacities can be varied
without significantly affecting the synthetic natural gas production

cost. The robust results allow project developers and decision makers to
choose plant configurations within certain ranges that lead to equiva-
lent marginal costs. The optimal configuration should be designed
based on typical conditions, and not the extremes.
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a b s t r a c t

Power-to-gas (PtG) is one option to integrate more renewable electricity production to the energy sys-
tem, by offering flexible load, seasonal energy storage and low-GWP (Global Warming Potential)
methane. The first step of the PtG process, hydrogen production by water electrolysis, requires electricity
with low specific CO2 emissions. Therefore, the operation of electrolyser is most likely variating ac-
cording to the intermittency of renewable electricity production.

The downstream processes of PtG should be capable to follow the dynamics and utilize the produced
hydrogen, avoiding curtailment. This could be done with a very dynamic reactor system, or with aid of
buffer storages for feed gases.

This paper studies the effect of dynamic properties of methanation reactor, hydrogen buffer storage
and electrolyser full load hours on PtG system efficiency. The operation of electrolyser is following
intermittent renewable electricity production and electricity markets, leading to varying full load hours
(FLH) with different characteristics.

Enhancement of single parameters related to thermal dynamics of the reactor could improve the
system efficiency more than parameters related to the loading of the reactor. Coupled threshold were
found for FLH and H2 storage size, after which average efficiencies became nearly similar as in steady-
state operation.

© 2020 Elsevier Ltd. All rights reserved.

1. Introduction

As the intermittent renewable electricity will contributemore to
the future energy sector [1], power-to-gas (PtG) systems might
have an important role in it. PtG can provide long-term energy
storage and flexible load by producing methane (CH4) that could be
utilized instead of natural gas [2]. The existing natural gas infra-
structure can be used to store, transport and utilize produced CH4.
The core processes of PtG are production of hydrogen (H2) from
water with electrolysis and conversion of hydrogen and carbon
dioxide (CO2) to methane (CH4) [3e5]. Also the source, capture and
pretreatment of the required CO2 are critical points in a PtG system
[2].

As an energy storage option, PtG has an advantage of high ca-
pacity long-term storage, compared for example to batteries, which
are better for short-term storage [6]. The key point of PtG is to
utilize excess low-emission electricity, as otherwise the CO2

emissions of the produced CH4 tend to become too high compared
to natural gas and biogas [7]. Vo et al. [8] stated that PtG from
biogas can be sustainable only with electricity mix that has mini-
mum 85% of low-emission production, as renewables. Part of the
hydrogen could be also obtained from biogenic sources by gasifi-
cation of biomass, as proposed by Anghilante et al. [9].

As contradiction to short periods of excess renewable electricity,
high full load hours are often preferred for PtG economically, as the
investment cost is high [7,10,11]. Vandewalle et al. [12] calculated
that minimum 2000e2500 full load hours would be needed for
feasible operation, if the electricity is free. In the study of Parra et al.
[13], the optimum capacity factor for the hydrogen production was
found to be about 0.55e0.60, which translates to full load hours of
4800e5300 h. In addition to CH4 as the only product, various other
sources for revenues and benefits are considered to make a prof-
itable business case: CO2 certificates, grid balancing services, heat,
mobility fuel, oxygen and limiting of grid expansion demand
[14e17].

The real environment in which PtG system operates can be very
dynamic at many scales, depending on integrated processes and* Corresponding author.
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industries. By providing grid balancing services with electrolyser,
power consumption of H2 production can vary megawatts in sec-
onds [18]. Wind and solar driven system has to operate with large
capacity from few hours to several days, depending the weather
conditions [19]. In addition, the CO2 production can vary depending
on source and available heat for CO2 capture. In industrial point
sources, there is usually some base production and unpredictable
variation on top of that as wells as planned and unplanned shut-
downs. Seasonal CO2 storages and transport of CO2 from distributed
sources can also be options, as studied by Karjunen et al. [20]. If PtG
is integrated with residential heating, the heat demand is deter-
mined by large seasonal change, especially further from the equator
[21]. In this study the CO2 source is assumed continuous and effect
of CO2 storages have not been considered.

Many recent studies [12,17,22e24] concerning long-time
dynamical operation of PtG plants consider variable load and
standby for the methanation reactor, but with instantaneous
change from one operation point to another. Restrictions in
ramping the load or temperature have not been considered. Also
the limitations of the minimum part load have been neglected. To
the knowledge of the authors, the study by Frank et al. [25] is the
only one that has load and thermal ramp limitations (10%/h and
50 �C/h) in PtG-plant modeling study. In an optimization study,
Gorre et al. [26] utilized a load ramp of 180%/h.

Gorre et al. [26] optimized economically the size of H2 storage
and methanation capacity for a 10 MWe electrolyser. Proper sizing
was identified to be important, in order to have good performance
in typical operating conditions. The profile of H2 production had a
major impact on the results. However, the full load hours of H2
production were fixed and the reactor was assumed to be in
operation temperature all the time.

There are some more detailed studies focusing on the dynamic
restrictions of the methanation reactor. Matthischke et al. [27]
modeled partial load operation and warm startup for adiabatic and
cooled methanation reactor, observing warm startup times of
2e7 min and acceptable partial loads of 10e40%. Matthischke et al.
[28] studied experimentally several load change rates for lab-scale
fixed-bed methanation reactor, and found out that load changes of
44e550%/h do not have a large influence for the behavior of the
reactor. Fache et al. [29] modeled a packed bedmethanation reactor
dynamics during startup. Reactor was first heated to operational
temperature in 20 min, then reaching nominal operation in 1 h.

An alternative to chemical methanation is biological methana-
tion, which has different restrictions. As the biological methanation
operates at low temperatures (<80 �C) in liquid phase, thermal
stresses are significantly lower, but the main limiting step is given
by gas-liquid mass transfer rate. Dynamical model for biological
methanation was earlier presented by Inkeri et al. [30].

A straightforward method to overcome dynamical restrictions
of the reactor would be to use buffer storages for feed gases (H2 and
CO2). With large enough buffer storages, the feed to the reactor
could be kept constant. However, large gas storages might not be
economically or technically feasible. Therefore, some optimization
or estimation for feasible buffer storage size would be needed if the
reactor is not capable to tolerate dynamical conditions.

Several studies foresee demand for buffer storages for H2 and
CO2, but calculations and data are limited. McKenna et al. [31]
discuss that H2 buffer storage could enable themethanation reactor
to operate in more dynamic environment, as the gradient for load
change is limited (10%/h) and start-up time can be relatively long
(1e24 h). Frank et al. [25] propose a H2 storage as an option to
operate methanation and electrolyser separately, which could in-
crease possibilities for system optimization. O’Shea at al. [32]
estimated the PtG potential for current CO2 sources in Ireland and
proposed that bothH2 and CO2 storages should be included into PtG

plant configurations, if methanation is not operated continuously.
McDonagh et al. [33] consider the size of hydrogen storage to be
very important for the operation and the economics of a PtG plant,
as it has a large effect to CAPEX and costs from shutdowns. Van Dael
et al. [34] did a techno-economic assessment for biological PtG
plant with CO2 source from biogas plant, and assumed a 24 h buffer
storage for CO2. Leonzio [35] designed a PtG plant which included a
hydrogen storage, with 600 h accumulation time.

In order to study the required dynamics of the methanation step
of a PtG plant, it is assumed in this study that the H2 production
cannot be curtailed. Therefore, the system can be controlled only
with buffer storages and the methanation reactor itself. There are
two ultimate options: First is to decouple methanation from the H2
sourcewith a buffer storage. This enables operation of methanation
with a constant load, and requires either large enough buffer
storages for hydrogen, or shutdown of the reactor when there is no
H2 available. Second options is to operate methanation very flex-
ibly, responding quickly to changes in H2 production, so that there
is need only for minimal buffer storage. Shutdown of the reactor is
still needed, if there is no H2 production.

However, there are technical challenges and cost issues for both
options. Therefore, the optimal design is most likely a combination,
including shutdowns, load changes, standby and buffer storages.
The results of this paper presents various combinations of flexibility
and buffering that enable efficient methane production. In future
research with up-to-date cost estimates for different ramping rates
and H2 storage sizes, the results from this study can be used as a
basis for techno-economic analysis.

The main objective of this study is to estimate the importance of
reactor dynamics at different combinations of annual H2 produc-
tion profiles and H2 buffer storage sizes. The dynamical constraints
of the methanation step are described with five variables: the
minimum part load, the maximum load ramp, the maximum
thermal ramp, cooling rate and the maximum standby time. Three
different types of boundary conditions are used for H2 production:
the first one is derived from the hourly spot price of the electricity
market, second from wind power and third from solar power. All
boundary conditions represent Nordic Europe, and three different
years are simulated (2016e2018). A comprehensive scenario anal-
ysis is conducted, in which all the combinations of the parameter
values are simulated, for whole range of FLH and H2 storage size.

The aim of this work is to propose a method to identify general
requirements for reactor dynamics, which enable enough flexibility
to a PtG system for a feasible operationwith different combinations
of intermittent H2 production and H2 buffer storage size. The sig-
nificance of each parameter on the system efficiency is detected
and compared to other parameters. Model sensitivity for each
parameter is presented in form of variation of efficiency, as how the
single parameter can affect the model efficiency regardless the
other parameters. In addition, the average number and duration of
the operational cycles of methanation are calculated for each type
of boundary condition. Also the energy consumed by the com-
pressors in the system is estimated with realized pressure levels
and mass flows in hourly manner, which gives better estimation
than simple fixed energy consumption. The results will also
emphasize the role of predictive control methods for the PtG sys-
tem to minimize buffer storage demand, number of startups and
required startup time. A dynamic model for mass and energy bal-
ance is developed in Matlab to calculate annual operation of PtG
system with realistic boundary conditions and 1-h time step.

2. Studied system

The studied PtG system consists of 3.0 MWalkaline electrolyser,
balance of plant (BoP) for the electrolyser, H2 compressor, H2 buffer
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storage, fixed bed chemical methanation reactor, carbon capture,
CO2 compressor and CH4 compressor. The representation of the
model is presented in Fig. 1. Main values for the system are pre-
sented in Table 1. The maximum feed of H2 to the methanation
equals the maximum H2 production capacity of the electrolyser.

Mass and energy balances are calculated with 1-h time step.
Produced mass flow rate of hydrogen qm,H2 is based on electrical
power PAEL provided to alkaline electrolyser, efficiency of the
electrolyser hAEL and the lower heating value of hydrogen LHVH2
(119.95 MJ/kg) as given in equation (1). Modern alkaline electro-
lysers (AEL) can achieve 0e100% load change in few minutes [42],
which is nearly negligible delay compared to the 1 h time step of
the model. The power PAEL delivered to electrolyser is defined by
boundary conditions, which are presented in section 3.1.

Buttler and Spliethoff [36] presented an overview about com-
mercial electrolysis systems. From their data, efficiency (LHV) is
65e79% for alkaline electrolysers with maximum pressure at least
30 bar and nominal power at least 1.0 MW. In this study, a con-
servative value of 65% is used for the electrolyser efficiency. The
outlet pressure for the hydrogen is assumed to be 30 bar
throughout the study. Electrolyser produces also oxygen, but it is
not considered further in this study.

qm;H2 ¼
PAEL,hAEL
LHVH2

(1)

As in the studies of Hannula [43] and Tsupari et al. [17], it is
assumed that the conversion of the input gases is perfect in the
methanation reactor and methane production is calculated from
the Sabatier reaction (2) with stoichiometric feed of CO2 and H2
gases. Based on lower heating values of the hydrogen andmethane,
the efficiency of the reaction is 83%.

The reactor is simplified as a fully mixed fixed bed reactor with
an average temperature of 350 �C. At high temperatures the con-
version is limited by the thermodynamics and at low temperatures
the reaction rate will decrease, thus most of the fixed bed reactor
concepts utilize several reactors that operate at different temper-
atures. Reactor is operated at 10 bar pressure and temperature
<300 �C is required to achieve high, over 98% CH4 content in at the
output gas [44]. The water produced in the reaction must be
removed before CH4 compression by cooling. The energy con-
sumption of water removal is neglected.

CO2 þ 4H2 4 CH4 þ 2H2O (2)

Required CO2 is assumed to be captured from an unlimited
source of biogas with amine absorption. Biogas is recognized as one

of the cheapest CO2 source, but limited in capacity compared to flue
gases frompower plants [45]. Capturing CO2with amine absorption
requires power to run the system and heat to regenerate the sol-
vent. In this study, it assumed that the required heat is provided
with electricity, as this approach is not tied to system configuration.
An optionwould be to provide at least part of the heat by the waste
heat from methanation, which would increase the system
efficiency.

Bauer et al. [41] presented the energy and heat consumption for
biogas upgrading (amine absorption) as 0.13 kWh/Nm3

biogas of
electricity and 0.55 kWh/Nm3

biogas of heat. The CO2 content of
biogas is assumed 40%, resulting electricity and heat consumption
for CO2 are 0.12 kWh/kgCO2 and 0.52 kWh/kgCO2, respectively. Total
energy consumption is therefore 0.64 kWh/kgCO2.

The intermediate buffer storage for hydrogen is implemented
with pressurized tank. Type III tank is assumed for H2, which allows
maximum 350 bar pressure [38]. The size of the tank is determined
by the maximum duration of nominal mass flow rate to metha-
nation reactor. If buffer storage gets full while the reactor is not yet
at operating conditions, produced H2 is flared. The size of the H2
storage is one of the main studied parameters, and it is varied from
2 to 12 h in each analysis.

In order to simplify the calculations and maintain focus, it is
assumed that the CO2 source is not limited, and the process for CO2
capture can be operated very dynamically. Therefore, no buffer
storage is needed for CO2, as stoichiometric amount of CO2 can be
always obtained and captured from the source. It is also assumed
that the CO2 is captured at atmospheric pressure, thus compression
is needed before feeding CO2 to the methanation reactor.

Energy is needed to compress H2 to the buffer storage, CO2 to the
methanation reactor and CH4 to the gas grid. The required
compression power is calculated by mass flow rate and enthalpy
increase with equation (3). The outlet temperature is calculated by
pressure ratio and polytropic compression with equation (4). All
gases are treated as ideal gases. The values for polytropic effi-
ciencies are specified separately for each gas H2, CO2 and CH4, and
presented in Table 1. It is assumed that hydrogen compression has
improved from the time of the study of Onda et al. [37], therefore
60% polytropic efficiency is used. For other compressors, 85% effi-
ciency is used [40].

In order to reduce compression energy, four-stage compression
with even pressure ratios and intercooling is assumed. Intercooling
decreases the gas temperature to 40 �C. The produced CH4 is fed to
gas grid. In this paper, the grid pressure of 50 bar is used. The
pressure levels vary from 1 to 70 bar in Europe, according to CEER
report [46].

Pcomp ¼ qmcp;1�2ðT2 � T1Þ (3)

Fig. 1. Process model of the studied system.

Table 1
Input data.

Variable Value Unit Reference

Electrolyser efficiency (LHV) 65 % [36]
Pressure of electrolyser H2 outlet 30 bar [36]
Polytropic efficiency of H2 compression 60 % [37]
Max. pressure of H2 storage 350 bar [38]
Pressure of gas grid 50 bar [39]
Polytropic efficiency of CO2 compression 85 % [40]
Polytropic efficiency of CH4 compression 85 % [40]
Nominal power of electrolyser 3 MW This paper
Pressure of methanation reactor 10 bar [3]
Temperature of methanation reactor 350 �C [3]
Energy consumption for CO2 source 0.64 kWh/kgCO2 [41]
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T2 ¼ T1

�
p2
p1

� R
cphp

(4)

The total efficiency of the PtG system hPtG is calculated by
dividing the chemical energy based on LHV in produced methane
with the total energy consumption, as in equation (5). The energy
content of produced methane mCH4 is defined with lower heating
value LHVCH4 of 50.0 MJ/kg. EAEL, Ecomp, ECC and EBoP are the annual
electricity consumptions of electrolyser, all compressors, carbon
capture and balance of plant, respectively. Qreactor and QCC are the
annual heat consumptions of reactor heating and carbon capture.

hPtG ¼
mCH4LHVCH4

EAEL þ Ecomp þ ECC þ Qreactor þ QCC þ EBoP
(5)

2.1. Reactor parameters

One of the main research questions in this paper is the signifi-
cance of the reactor dynamics to the performance of the PtG plant
with different combinations of FLH and H2 storage size. In order to
study this, the dynamical restrictions of the methanation reactor
were set with five parameters. Two of them are limiting the reactor
loading: the maximum load ramp and the minimum part load.
Three parameters describe the thermal restrictions: the maximum
thermal ramp, the maximum standby time and cooling rate of the
reactor. In addition, three different years were studied
(2016e2018), as the boundary conditions varied from year to
another.

All parameters describing the loading and thermal dynamics of
the system have three values, low, medium and high, which are
presented in Table 2 and named as group A, B and C. The values
were selected partly by literature and partly by choosing repre-
sentative values within clear intervals. Mainly conservative values
are used, in order to highlight the importance of these parameters.

Even if enough H2 would be available, production of CH4 cannot
be started immediately if the reactor must be heated from low/
ambient temperature. R€onsch et al. [47] modeled that if the oper-
ation of the reactor was interrupted for over 4 h, problems as for-
mation of nickel carbonyl or inhibition of methane formationmight
occur during next startup, as the temperature decreased below
550 K and 503 K. The temperature before interruption was not
mentioned.

In addition, the heating rate of the methanation reactor is
limited due to thermal stress. Frank et al. [25] proposed amaximum
thermal ramp of 50 �C/h. In this paper, values of 25, 50 and 300 �C/h
were used. The medium value, 50 �C/h, is similar to one used in
study of Frank et al. [25]. The high value, 300 �C/h was chosen so
that it virtually does not limit the dynamics of the reactor. The low
value, 25 �C/h was an ad hoc estimation and chosen so that it made
a clear difference to the medium value.

Other option is to keep the reactor in the operation temperature
(standby), when there is no CH4 production. The range for energy

consumption during standby is wide in literature, from 0.76 kW for
30 kWCH4 (2.5%) [48] to 387 kW for ~600 kWCH4 (65%) [25]. In this
study, the value of 2.5% was used and electrical heating was
assumed. During the reactor startup, when the temperature of the
reactor is not maintained but increased, it was assumed that the
heating demand was doubled from the standby demand.

The value for the maximum standby time would not be a
physical property, but an optimization task between insulation and
heat loss. The optimization task is out the scope of this paper.
Similarly, the cooling rate of the reactor during shutdown is
resulting from ambient conditions, insulation and mass of the
reactor. In addition, no representative values could be found from
the literature related to PtG or similar reactors. Therefore, repre-
sentative ad hoc values were chosen for both cooling rate and the
maximum standby time: 1, 5 and 10 �C/h for the cooling rate and 2,
12, and 72 h for the maximum standby time. The ambient tem-
perature was 20 �C in this study.

It is assumed that there are no significant restrictions in load
ramp of electrolyser, as it is stated that 0e100% load can be reached
in less than a minute [18]. Unlike electrolyser, the methanation
reactor is not so flexible, but there is a limit for rate of change for
gas feed. For the maximum load ramp, Frank et al. [25] propose
10%/h, Gorre et al. [26] 180%/h and Matthischke et al. [28]
44e550%/h. Due to large variation, values of 20, 50 and 80%/h were
used to cover the main range within the time step of 1 h.

There is a certain limit how low the gas feed to the methanation
can be set, and still get grid quality CH4 as an output. This limit is
denoted as minimum part load. During startup, while the gas feed
is lower than the minimum, it is assumed that the produced gas
quality is not good enough, thus gas must be flared. Lowest value
for the minimum part load (20%) was chosen by the simulation
results (10e40%) of Matthischke et al. [27]. The high value, 80%,
describes traditional large-scale chemical production plant that is
mainly operated in steady state. The medium value, 50%, is selected
from the middle between high and low value.

2.2. System control

The startup heating of the reactor was started when the H2
storage pressure was increased to reactor pressure. It is assumed
that the gas feed to the methanation could be started when the
temperature reached the operational temperature. The logics of the
startup is described with a flow chart in Fig. 2. The gas feed was
increased so that the maximum load ramp was not exceeded.
Before the minimum part was reached, the product gas was
assumed to be not good enough for gas grid, thus it was flared. If the
pressure of the H2 buffer storage decreased below reactor pressure,
gas feed was stopped, and standby heating was started. Standby
heating was carried until the maximum standby time was reached.
After that, the reactor started to cool down towards ambient tem-
perature (20 �C).

If the production of H2 started during the standby mode, a hot
start could be done. During hot start, the gas feed could be started
immediately, as the reactor was already at the operation
temperature.

There would be room for more detailed control method that
could predict the development of the pressure in H2 storage, so that
the heating of the methanation could be done in advance. Thus, the
reactor would be immediately available for gas feed. However, the
objective of this paper is more to highlight the need for predictive
control rather than develop them.

The control of the H2 feed to the reactor was done as a function
of H2 storage level. The minimum part load of the methanationwas
used, when the storage is within the lowest 5% of the working
storage capacity. At the minimum level, storage pressure equals

Table 2
Studied values for the key parameters. All combinations of parameters were simu-
lated for each case and combination of FLH and H2 storage size.

Type Parameter Group A Group B Group C Unit

Load Minimum part load 20 50 80 %
Maximum load ramp 20 50 80 %/h

Thermal Thermal ramp 25 50 300 �C/h
Maximum standby time 2 12 72 h
Cooling rate 1 5 10 �C/h

General Year 2016 2017 2018 e
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reactor pressure. Therefore, the H2 mass at the minimum level for
operation is changed, if the reactor pressure or storage size are
changed.

From 5% to 95% of the working capacity of the storage, the load
of methanation is increasing from the minimum load towards to
the nominal load. Nominal load is achieved when 95% of the
working capacity is reached. In order to keep the storage level high,
the load is increased slower until 80% of the working capacity is
reached. An example of a control curve is presented in Fig. 3, where
the minimum part load of methanation is 40%.

3. Method for analysis

The main method of this study is scenario analysis. The two
main parameters were full load hours (FLH) of the H2 production
and the size of the H2 buffer storage. Three different cases (Spot,
Wind and Solar) were studied in order to have different annual
distribution for H2 production. Each of the cases had a certain range
for FLH, as described in section 3.1. Same range of values were used
for the size of the H2 buffer storage in all cases, from 2.0 to 10.0 h,
determined as duration of nominal H2 feed to the methanation
reactor. All the combinations of FLH and H2 storage size were
simulated for each case. In addition to ranges of FLH and H2 storage
size, all combinations of parameters and years from Table 2 were
simulated. As there are n ¼ 36 ¼ 729 combinations in Table 2, three
cases together with the different studied values for FLH and H2
storage size, total number of simulation were about 800 000.

3.1. Source for H2 production

The focus of this study is in the dynamics of the methanation
synthesis and buffer storage demand. Therefore, the production of
H2, in this case the operation of the electrolyser, was directly
following certain boundary condition. All intermittency in the H2
feed had to be handled by H2 buffer storage and dynamics of the
methanation reactor. This method was chosen to emphasize the

flexibility requirements for the downstream system.
Three different boundary conditions were selected to model

different type of intermittency. For these three cases, the inter-
mittency of H2 production was caused by variations in weather
conditions (wind or solar) and hourly electricity market price, all
representing conditions in Nordic Europe. Full load hours (FLH) of
H2 production was used as a parameter to describe the intermit-
tency, and for enabling the comparison of the cases. The upper limit
for studied FLHwas set to 6000 h, as the overall efficiency of the PtG
system approached steady state performancewith higher values. In
order to present the results from the meaningful FLH range more
clearly, a lower limit of 300 h was set for FLH when analyzing the
results. Boundary conditions represent Northern Europe, with large
seasonal variation due to cold winter and variation in daylight
hours.

First case, called Spot, is based on an hourly spot price of Nord
Pool market for Finland. Data was obtained from the Nord Pool AS
website [49]. A fixed price threshold was utilized to control the
operation of electrolyser. Electrolyser operates at the nominal po-
wer when the electricity price is lower than the price threshold. 23
thresholds from 5 to 60 V/MWh were utilized to obtain a
comprehensive range of FLH up to 6000 h. An example threshold of
40 V/MWh and hourly electricity spot price for 2018 are presented
in Fig. 4.

The second and third cases are called Wind and Solar. In both
cases, the electrolyser was operated by modeled excess electricity.
It was assumed that the studied PtG plant has the priority to utilize
the excess electricity up to the nominal power of the electrolyser.

Historical hourly data was used as a basis for modeling of excess
electricity production. As the current power system does not pro-
duce large amounts of excess electricity, it is modeled by scaling up
historical electricity production from solar or wind power. In order
to cover an appropriate range of FLH, several scaling factors were
used. The utilized scaling factors were 1e101 for solar and 1e10 for
wind power.

The scaled electricity production was added on top of the base
electricity production in Finland. The excess electricity production
was then calculated from the difference of total electricity pro-
duction and consumption. The resulting operation of the electro-
lyser is presented in Fig. 5.

The data for base electricity production, electricity consumption
and wind power were downloaded from the open data service of
the operator (Fingrid Oyj) [50]. Because the data for solar power
production in Finland was limited, data from Sweden was used

Fig. 2. Simplified flow chart of the model.

Fig. 3. An example for a control curve of methanation based on the level of H2 storage.
In this example, the minimum part load is 40%.
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instead. The data for solar power was obtained from the open data
service of Svenska kraftn€at [51]. As a neighbor country, the char-
acteristics of the solar power production are assumed to be rather
similar to Finland.

The average duration of the H2 production cycles over the whole
year were different for different full load hours: 3.7e53.0 h in case
Spot, 2.4e30.3 h in caseWind and 2.7e8.2 h in case Solar. Similarly,
the number of electrolyser operational cycles during the year var-
ied: 8e117 in case Spot, 1e200 in case Wind and 1e240 in case
Solar. All values are averages from the three studied years.

4. Results

4.1. Share of energy consumption

In order to present the results conveniently from the high
number of studied parameter combinations (n¼ 36 ¼ 729, Table 2),
certain averaging was done. All the results for a specific value and
case were stored in a three-dimensional matrix. Example illustra-
tions of the result matrixes are presented in Fig. 6. Similar structure

was used also for other values.
Axis i is for the obtained full load hours (FLH), and axis j is for H2

storage size, which was an input parameter. Axis k describes the
unique combinations of studied parameter values from Table 2.

The distribution of average energy consumption of all the sce-
narios were calculated by equation (6), and presented for each case

Fig. 4. left figure: An hourly electricity spot price for Finland (2018) is presented with an example price threshold (40 V/MWh) for H2 production. In middle and right figures,
examples of modeled (scaled-up) wind and solar power production are presented at the top of other power production, without import. Scaling factors for wind and solar power are
5 and 40, respectively.

Fig. 5. An example operation of electrolyser for each case and the resulting full load hours (FLH).

Fig. 6. The indexes of the result matrix for each case are: i for obtained electrolyser full load hours (FLH), j for H2 storage size and k for a unique combination of parameters from
Table 2. Values of a and b are dependent on the boundary condition of H2 production and H2 storage size.

Table 3
Share of energy consumption of different components, calculated by equation (6).

variable Share of energy consumption [%]

Spot Wind Solar

Electrolyser 84.8 85.1 85.1
Reactor heating 1.7 1.2 1.7
Carbon capture, heat 6.9 6.9 7.0
Carbon capture, electricity 1.6 1.6 1.6
H2 compression 2.0 2.1 1.6
CO2 compression 0.6 0.6 0.6
CH4 compression 0.3 0.3 0.3
BoP 2.2 2.1 2.1
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in Table 3. Variables a and b denote the number of studied values
for electrolyser full load hours (FLH) and H2 storage size. The values
for awere 23, 19 and 21 in cases Spot, Wind and Solar, respectively.
The value of b, 33, was same in all cases. The variable c is the
number of studied parameter combinations, 729 in all cases.

These results indicate the most probable performance within
the utilized boundary conditions and assumptions. Therewere only
negligible differences between the cases, as the largest deviations
was only 0.5% point in the energy consumption of H2 compression.

The most dominant energy consumer was the electrolyser.
Carbon capture was the second largest, consuming about 8.5% of
the total energy. A major part of this was heat, which could be
provided at least partly from the waste heat from the reactor. It
could be one of the easiest way to improve PtG efficiency, if the
methanation and carbon capture operated at the same time.
However, this was out of the scope of this paper. The third largest
energy consumer was the compressors combined.

variablecase;avg ¼

Pa
i¼1

Pb
j¼1

Pc
k¼1

variablecase;i;j;k

abc
(6)

4.2. Total efficiency and operational cycles

For each scenario, the overall PtG efficiency was calculated with
equation (5). Then for each case, an average efficiency was calcu-
lated as a function of full load hours (FLH) and H2 storage size by
equation (7), where the value of c is 729 in all cases. The formation
of the data set is described in Fig. 6. The resulting average efficiency
of all parameter combinations (from Table 2) is presented in Fig. 7.

hcase;avg;i;j ¼

Pc
k¼1

hcase;i;j;k

c
(7)

There were no large differences in the maximum efficiencies, as
all cases reached almost steady-state operation with the highest
FLH and largest H2 storage. With a nearly steady-state operation,
the differences from dynamics vanished, and the maximum effi-
ciency was about 46% in all cases.

However, there was large deviation between the cases in how
often high efficiencies were obtained. In case Spot, over half of the
combinations of FLH and H2 storage size yielded to the efficiency
over 46%, but in case Wind, the share is clearly lower. The most
obvious difference between the case Solar and other cases is the
low FLH, which was only about 2000 h at the maximum. It is due to
the nature of solar power, which is available mainly during the
summer and daytime in northern Europe.

The benefit from adding larger H2 storage varies from case to
another. In case Spot, the benefit is rapidly decreasing with higher
FLH. Already at FLH of 3000 h, there is no need for larger than 4 h

storage, as steady-state efficiency (46%) is reached. However, in
case Wind over 8 h storage was required for similar performance
with the same FLH. In case Solar, larger than 5 h storage was not
increasing the efficiency at any FLH.

The number and duration of operation cycles of methanation
was affected by the FLH of electrolyser and H2 storage size. The
median values in respect the axis k are presented in Fig. 8. Large H2
storage with high FLH enabled longer cycles in cases Spot and
Wind, which decreased themedian number of cycles. Case Spot had
the largest number of cycles, which occurred when FLH was
4000e5000 h and H2 storage size was 2 h. In case Wind, the main
shape of the figure was the same as in case Spot, but the number of
cycles were smaller. Case Solar was significantly different from the
other cases, as the H2 production occurred mainly during summer,
and not during the night. This led to low FLH compared to other
cases. Increase of the size of H2 storage did not have significant
effect to the number of cycles for case Solar, but the duration of the
cycles was still increased.

4.3. Significance of the reactor parameters

The significance of each reactor parameter to the system effi-
ciency is studied in this section. Analysis was done by calculating
the potential of efficiency improvement for each parameter, while
the effect of other parameters was eliminated.

An individual analysis was carried out for each parameter (and
year) listed in Table 2. All the simulated scenarios were divided into
three groups based on the value of the parameter of interest. Group
A consist all scenarios inwhich the parameter had the lowest value.
Consequently, scenarios with medium value for the parameter are
selected into group B, and the rest for group C, with the highest
parameter value. An example groups for the analysis is presented in
Fig. 9.

In the analysis, the variation of efficiency is calculated along axis
k, which gives the result as a function of FLH and H2 storage size.
The variation of the efficiency is defined as the difference between
the maximum and the minimum efficiency for a combination of
FLH and H2 storage size, as presented in equation (8). As the
number or resulting figures was high, they are presented in
Appendix 1.

Dhcase;group;variation;i;j ¼max
n
hcase;group;i;j;1; :::; hcase;group;i;j;k

o

�min
n
hcase;group;i;j;1; :::; hcase;group;i;j;k

o

(8)

The variation of efficiency reveals how much a value of a single
parameter could affect to the efficiency, despite the values of other
parameters. It can be interpreted also as the potential to improve
the efficiency.

In order to compare the potential of efficiency increase of each
parameter, an average value was calculated for each parameter and

Fig. 7. Average efficiency of the PtG-system for all the scenarios.
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case, by equation (9). The type of source data, available in Appendix
1, is illustrated in Fig. 10. Three different values, low, medium and
high were used for each parameter. The resulting average values
were compared with each other as a bar chart in Fig. 11.

hcase;group;variation;avg ¼

Pa
i

Pb
j
Dhcase;group;i;j

ab
(9)

An average variation of the PtG efficiency for each parameter
and case is presented in Fig. 11. Three values were used for each
parameter, and together they form a range. The length of the bar
equals to the resulting potential of efficiency improvement.

Case Spot had clearly the lowest level of average efficiency
variation for all parameters. The ranges for every parameter were
between 1.1 %-point and 3.0 %-point. There was no large differences
between the parameters, which makes parameters equally impor-
tant for the system behavior. The simulation year created even less

variation to the results. The average potential of efficiency
improvement (bar length) was 1.1e1.7 %-point for all parameters
except for year (0.3 %-point).

Fig. 8. The median number of operational cycles of methanation and the median cycle duration varies with electrolyser FLH and H2 storage size.

Fig. 9. An example illustration of formation of groups for case Spot. Each group consists of all scenarios in which the parameter of interest had corresponding value from Table 2.

Fig. 10. Formation of the data set that was used to compute the average and maximum efficiency variation.

Fig. 11. The range for the obtained average sensitivity of PtG efficiency is presented for
each studied parameter.
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In case Wind, the upper end of the average values for efficiency
variation were 5.7e6.2 %-point for all parameters. The average
values could not be decreased below 4 %-point by improving the
maximum load ramp or the minimum part load. However, with
more favorable values for the three parameters considering ther-
mal restrictions, the average variation was decreased to 1.3e2.5
%-point. The lowest value, 1.3 %-point, was reached with the
maximum thermal ramp of 300 �C/h. Still, the lowest values for the
average efficiency variation were higher than in case Spot. The
potential for efficiency improvement (bar length) was high in case
Wind: 3.7e4.5 %-point for the parameters regarding thermal re-
strictions. Less potential was found for parameters regarding load
ramp and part load: 1.6 and 2.2 %-point.

Case Solar had the largest and highest range for the average
efficiency variation. As in other cases, the upper end of the range
was nearly similar within all the parameters. The main level was
higher than other cases, as the average efficiency variation reached
7 %-point with all parameters. Parameters for both loading and
thermal dynamics had a good potential to improve the efficiency:
from 3.2 to 5.3 %-point.

In order to study the greatest effect of the studied parameters,
the range for maximum efficiency variation is presented in Fig. 12.
As seen in Appendix 1, the largest efficiency variations were usually
obtained with the lowest electrolyser full load hours (300 h) and
smallest H2 storage (2 h). Same regions have the possibility for the
largest efficiency improvements.

Case Spot and case Solar had the lowest and highest levels of the
maximum efficiency variation, respectively. In case Spot, the range
(efficiency increase potential) for all parameters was rather similar,
4.1e6.7 %-point. The maximum thermal ramp resulted clearly
lower level of efficiency variation than other parameters, also in
case Wind. In cases Wind and Solar, the potentials for efficiency
improvements were 3.0e8.5 and 7.0e14.3 %-point (year not
included). In general, there were lot of potential to improve PtG
efficiency with the studied parameters, if the electrolyser full load
hours were low and H2 storage is small. Parameters regarding
thermal restrictions have higher potential than reactor loading
parameters. When comparing cases, parameter values were most
significant in case Solar.

5. Discussion

In this study, the significance of the dynamical constraints of the
methanation reactor were studied with different boundary condi-
tions for H2 production. The boundary conditions consisted of a

large range of electrolyser full load hours (FLH), three different
sources for the excess electricity for the electrolyser, and a broad
range for H2 buffer storage.

The dynamical constraints for the reactor were divided into two
categories, first two parameters dealing with reactor loading (input
gas feed) and last three for thermal restrictions. All parameters
were given three values to describe a broad range of flexibility. In
addition, three different years were studied. All combinations of
values and years were simulated as a scenario analysis.

The results suggested that with high enough FLH and large
enough H2 storage, the effect of reactor parameters vanished. For
example in cases Spot and Wind, H2 storages of 4 and 8 h were
required with a FLH of 3000 h. Above these limits, the system
operated essentially at the steady state, and the losses from start-
ups were negligible compared to the produced methane. In case
Solar, themaximum FLHwas limited to about 2200 h due to the low
yearly availability of solar power, and about 5 h H2 storage was
enough to decouple system efficiency from the reactor parameters.
Above these limits, there would not have been a large error if the
system had been modeled as quasi-steady, without any restrictions
for operation transition from time step to next.

However, within those combinations of FLH and H2 storage size
that the model experienced variation of efficiency, the values of the
reactor parameters matter. The lower the FLH and H2 storage size,
the more significant the parameters were. Quasi-steady model
would create distortion to the results, as the losses from dynamical
restrictions would not be captured.

For all parameters, results of case Solar were strictly related to
the H2 storage size, as high FLH could not decrease the sensitivity
with small storages. In cases Spot and Wind, efficiency could be
increased significantly by increasing just FLH, even with the
smallest H2 storage. With simultaneous increase of H2 storage size,
lower FLH was required for same efficiency increasement.

Among the studied dynamical parameters, the maximum
standby time, the maximum thermal ramp and cooling rate had the
strongest effect to the model in casesWind and Solar. By improving
the values of these thermal parameters, the losses of the system
could be reduced more compared to the loading parameters, the
maximum load ramp and the minimum part load. In case Spot, the
difference between loading and thermal parameters was seen only
in the maximum efficiency variation with the maximum thermal
ramp.

Design of a commercial (PtG) system is a balancing act between
appreciating operational flexibility and buffering, both of which
have a direct link to product yield and overall cost. This study
provides information about potential PtG system efficiency gains
achievable through different technological solutions. When proper
cost information is available, the results will support techno-
economic analysis, by suggesting best available combinations of
reactor flexibility and buffering under given circumstances.

Additional contribution of this study was the energy con-
sumption of gas compression: the average energy consumptionwas
0.89, 0.93 and 0.77 kWh/kgCH4 for cases Spot, Wind and Solar,
respectively. This could be improved by introducing separate low
and high pressure storages, instead of the single tank with high
pressure. Low pressure storage could handle the shorter fluctua-
tions, and high pressure storage would be utilized only if needed.

In a real case, there could be some forecasting of electricity
prices and more sophisticated control system to produce hydrogen
based on control feedback from the other components. It would be

Fig. 12. The range for the obtained maximum sensitivity of PtG efficiency is presented
for each studied parameter.
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finally an optimization task to choose whether to produce
hydrogen or not at certain electricity price, based on amount of gas
in the buffer storage, current operational status of the methanation
reactor, other sinks for hydrogen and forecasted electricity prices
for near future. There might be also a fixed target quantity for the
weekly/monthly/yearly produced CH4, which affects to the control
scheme of the whole system.

The obtained overall efficiency could be improved significantly
by utilizing the produced heat. Heat could be used within the plant,
replacing heat demands in CO2 capture and reactor heating during
standby and startups. Heat could be also sold outside of the plant, if
some third party requires it. In the modeling study by Frank et al.
[25], the efficiency of the PtG plant was increased from 54.3% to
85.9%, when excess heat utilization was increased from zero to
comprehensive.

6. Conclusions

This paper studied the required dynamics of PtG system that is
fed with intermittent H2 production, derived by price variations of
electricity market, or modeled excess wind and solar power gen-
eration. The dynamic capabilities were introduced with either H2
buffer storage, or dynamic operation of methanation reactor, or
both. It were assumed that the variation of the H2 production
cannot be controlled, thus all the intermittency had to be dealt with
the rest of the system.

Several parameters related to reactor dynamics were studied
with a scenario analysis, and their effect on the PtG efficiency was
evaluated with different combinations of full load hours of the
electrolyser (FLH) and the size of H2 storage. The individual po-
tential to improve system efficiency was calculated for each
parameter. Putting cases Spot, Wind and Solar in order, in case Spot
the parameters had the least impact on the system performance,
and the largest impact was obtained in case Solar.

The potential of parameters to improve system efficiency was
split to the average and maximumvalues within cases. In case Spot,
the potential of all parameters were rather similar: 1.1e1.7 %-point
in average and 4.1e6.7 %-point at the maximum. In case Wind, the
maximum thermal ramp had the largest potential: 4.5 %-point on
average and 8.5 %-point at the maximum. Largest potentials were
obtained for the maximum standby time in case Solar: 5.2 %-point
on average and 14.3% at the maximum. Generally, in cases Wind
and Solar, parameters regarding thermal dynamics had greater ef-
fect to system performance than parameters regarding reactor
loading.

With high enough FLH and large H2 storage, the effect of studied
parameters could be eliminated, so that the losses due to dynamical
restrictions became negligible. For example, for a FLH of 3000 h, H2
storage of 4 h and 8 h were enough for cases Spot and Wind to
achieve average efficiency that is nearly similar as in steady-state
operation. In case Solar, a H2 storage of 3 h was required with the
highest FLH, and 5 h with the lowest FLH.

The results can be used as a basis for techno-economic analysis
by supplying required combinations of buffering and reactor flex-
ibility for efficient methane production. Future research should
obtain similar constraints related to intermittency of CO2 sources
and the dynamics of CO2 capture systems related to methanation
dynamics and variation of H2 production. In addition, the utiliza-
tion of the waste heat from the reactor should be studied for effi-

ciency improvement.
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Symbols and abbreviations

Abbreviations and indices
AEL Alkaline electrolysis
a Number of different full load hours
b Number of H2 storage sizes
c Number of parameter combinations
case Studied cases: Spot, Wind, Solar
CAPEX Capital expenditures
CC CO2 capture
comp compressor
FLH Full load hours (of electrolysis)
group Parameter groups: A, B, C
LHV Lower heating value
PEM Proton Exchange Membrane
PtG Power-to-gas

Symbols
cp Specific heat (J/kgK)
E Energy (J)
m Mass (kg)
P Power (W)
p Pressure (Pa)
Q Heat (J)
qm Mass flow rate (kg/s)
R Gas specific constant (J/kgK)
T Temperature (K)
h Efficiency (�)
hp polytropic efficiency of compressor (�)

Appendix A. Supplementary data

Supplementary data to this article can be found online at
https://doi.org/10.1016/j.renene.2020.09.029.
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Fig. 13. The maximum variation of PtG efficiency among all the scenarios for each studied value of the maximum load ramp.

Fig. 14. The maximum variation of PtG efficiency among all the scenarios for each studied value of the minimum part load.
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Fig. 15. The maximum variation of PtG efficiency among all the scenarios for each studied value of the maximum standby time.

Fig. 16. The maximum variation of PtG efficiency among all the scenarios for each studied value of the maximum thermal ramp.
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Fig. 17. The maximum variation of PtG efficiency among all the scenarios for each studied value of the cooling rate.

Fig. 18. The maximum variation of PtG efficiency among all the scenarios for each studied year.
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Abstract: Hydrogen is a versatile feedstock for various chemical and industrial processes, as well
as an energy carrier. Dedicated hydrogen infrastructure is envisioned to conceptualize in hydrogen
valleys, which link together the suppliers and consumers of hydrogen, heat, oxygen, and electricity.
One potential hydrogen valley is the Bay of Bothnia, located in the northern part of the Baltic
Sea between Finland and Sweden. The region is characterized as having excellent wind power
potential, a strong forest cluster with numerous pulp and paper mills, and significant iron ore and
steel production. The study investigates the hydrogen-related opportunities in the region, focusing
on infrastructural requirements, flexibility, and co-operation of different sectors. The study found
that local wind power capacity is rapidly increasing and will eventually enable the decarbonization
of the steel sector in the area, along with moderate Power-to-X implementation. In such case, the
heat obtained as a by-product from the electrolysis of hydrogen would greatly exceed the combined
district heat demand of the major cities in the area. To completely fulfil its district heat demand, the
city of Oulu was simulated to require 0.5–1.2 GW of electrolyser capacity, supported by heat pumps
and optionally with heat storages.

Keywords: hydrogen; electrolysis; steel; Power-to-X; wind power; thermal energy storages

1. Introduction

Industrial clusters are locations where various companies perform their individual
activities, while also co-operating and sharing risks and resources between each other, thus
increasing the operation efficiency and profitability. Decarbonization of these industrial
clusters leads to a host of new technological challenges, but also a broad field of oppor-
tunities for renewable power generation, widespread use of hydrogen (H2), Power-to-X
products, intelligent heating, and electrification.

Hydrogen initiatives have recently been gathering interest. The global hydrogen
valley platform currently lists 36 distinct hydrogen valley projects [1], including the Basque
Hydrogen Corridor (BH2C) project that aims to invest 2.9 BEUR between 2020 and 2030 to
create a hydrogen ecosystem in the Basque Country in Spain [2]. Another 1 BEUR H2 in-
vestment project is envisioned for the Zuid-Holland/Rotterdam region in the Netherlands.
The Rotterdam port has also been associated with carbon capture use and storage (CCUS)
projects [3]. Yet, another Netherlandic project, NortH2, aims to produce 4 GW of offshore
wind power by 2030 that would be used for producing green hydrogen, and upscaling that
to 10 GW by 2040 [4].

The Bay of Bothnia is another interesting industrial cluster location with a strong
presence from the pulp and paper industry and steel, cement, and traditional power and
heat production. The majority of industrial sectors and population centres from the region
are concentrated on the coastal regions as illustrated in Figure 1. The initial motivation for
this research was inspired by the interest of local industrial actors in the area, which is also
reflected in the ongoing activities.
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The available volume of biogenic CO2 emissions from the pulp and paper sector sets
the region apart from other similar industrial clusters. Thus, the application of BECCUS
(bioenergy with carbon capture and utilization/storage) would offer tremendous oppor-
tunities for decreasing emission levels. Moreover, pulp mills also consume a variety of
chemicals, which could be linked with Power-to-X. With the steel industry working as
another driver for Power-to-X implementation, the Bothnian Bay could have a major role
in pioneering upcoming technologies and cross-industry cooperation.

Recently, the BotH2nia initiative was set in motion, facilitating communication and
cooperation with different actors and projects in the area [5]. Additionally, the current
status and plans related to hydrogen activities were mapped in a questionnaire study
which included 37 companies from the Bothnian Bay area [6]. According to the study,
hydrogen adoption is still considered to be in a very early stage, although some first
concrete actions are planned for demonstration plants related to steel production and
synthetic fuel manufacturing. The availability of hydrogen and its high cost is considered
to be a major obstacle according to potential users.

The cost gap between fossil and electrolytic hydrogen could partly be narrowed by a
reduction in electrolyser capital expenditures, which is expected to occur in phases, with
increased deployment of the technology and more efficient manufacturing techniques.
Still, low-cost electricity remains an essential ingredient [7]. During the last decade, solar
and wind power generation costs have decreased to a level where they can outperform
fossil generation [8]. In the Bothnian Bay region, low-cost wind power could become the
dominant power production method in a relatively short timeframe.

The cost-competitiveness of electrolytic hydrogen can be improved even further by
efficiently utilizing the by-products of electrolysers [9,10]. For instance, the integration of
electrolysis with low-grade heat utilization has been demonstrated in small pilot projects
in Germany and Denmark [11]. On a more theoretical scale, Böhm et al. [12] analysed
the sector coupling potential of hydrogen generation and district heating by performing
a survey on the technological status and development of electrolysers and district heat
systems. Additionally, the study summarized the findings from an expert survey into a
SWOT (strengths, weaknesses, opportunities and threats) analysis. One conclusion of the
paper was that there are many potential synergies with coupling district heat and hydrogen
generation, but the application of electrolysers as a heat source is not typically taken into
account by the district heat industry. The study also highlighted the need for developing
effective planning tools for mapping the demand for hydrogen, heat, and oxygen–which
coincides exceptionally well with the topic of this work.

A related but different heat integration concept is to utilize high-temperature elec-
trolysers (i.e., solid oxide electrolyser cells) that have been proposed to be linked with an
external heat source, which provides heat at 700–900 ◦C and thus increases the efficiency of
the electrolyser [13–15].
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For synthesis products beyond hydrogen, Ikäheimo et al. [16] performed a simulation
of the power and district heat system of Northern European countries, concluding that
excess heat from power-to-ammonia systems could significantly contribute to district heat
generation. Residual heat from electrolysers was not investigated, although its potential
in future low-temperature district heat networks (i.e., 4th generation networks [17]) was
acknowledged. Regional imbalance was also noted to exist between the district heat
demand and potential locations of ammonia production plants. In other studies, the
operation principle and optimal application of hydrogen and CO2 storages have also been
found to be important for profitability of Power-to-X [18,19].

Electrolysers also produce oxygen as a by-product, which is widely used in the
pulp and paper industry [20] and in healthcare applications [21]. Saxe and Alvfors [22]
already evaluated the link between pulp and paper mills and electrolysers back in 2007
and concluded that oxygen utilization could potentially have an even bigger effect for
profitability than mere heat utilization.

GIS (geographic information system) framework has been widely used before in
energy-related research topics [23], such as mapping and identification of district heat
grid expansion sites [24,25]. Further examples include utilization of CO2 emission data
to identify industrial excess heat sources [26]. Welder et al. [27] combined GIS tools with
mixed integer linear programming to optimize hydrogen-based energy infrastructure con-
taining cavern storages, wind turbines and hydrogen pipelines. Different implementation
strategies for CO2-related transport infrastructure have also been studied [28].

Although the potential for coupling hydrogen production with district heat has been
acknowledged in previous studies, few have delved into energy balance investigations
and regional matching of electricity production capacity, CO2 resources, and hydrogen
demand. Intelligent placement of electrolysers could therefore have an impact on the
cost-efficiency of hydrogen production. Pilot projects and demonstrations in promising
sites are an essential element of commercializing sustainable hydrogen production.

The aim of the work is to perform a regional decarbonization assessment on the
Bothnian Bay area, highlighting the key industries at the core of the transition. Specifically,
the focus is on the conceptualization of hydrogen supply and demand, as well as its
potential links to the heating sector. The study includes two detail levels: a high-level
overview of the area, which focuses on electricity generation and its use, and a more
detailed region-specific study concentrating on the heat sector. Three configurations are
presented for integrating electrolyser systems within the existing energy infrastructure.
This study illustrates the massive scale of transition that is about to take place in wind
power generation and local consumption of electricity for the decarbonization of steel
and implementation of Power-to-X. Proper understanding of the links and scales between
these resources, demands, and potentials is a vital first step for their implementation.
Moreover, the methodology developed for this analysis will also serve in future studies in
other regions.

2. Materials and Methods

This study’s methodology combines various databases and statistics, GIS tools, and
computer simulations. The details are outlined in the following sections, which have been
categorized into hydrogen-related aspects, power generation, and heat systems.

2.1. Hydrogen Production and Use

In this work, the electricity demand of electrolysis is assumed to be 53 MWhel per ton
of hydrogen, which corresponds to about 62% efficiency when defined for lower heating
value of hydrogen. Two primary uses for hydrogen are included in the analysis: steel
industry and Power-to-X. Although Power-to-X could be used to produce a variety of
different products, this work uses a simplified approach and considers e-methanol as
the only final product. Methanol (MeOH) could be used directly as a fuel, but also as a
feedstock in numerous products, such as olefins, resins, or gasoline [29].
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2.1.1. Steel Industry

Decarbonization of steel manufacturing can be achieved with the commercial HYBRIT-
process, which utilizes direct hydrogen reduction instead of coal as the reducing agent.
Total electricity demand of the process is estimated to be 3.5 MWh for one tonne of steel,
with hydrogen production being responsible for about 75% of the total demand [30]. Two
alternative values are presented for the total electricity demand of steel. Low demand is
associated with converting existing steel mills into decarbonized processes, whereas the
high demand scenario assumes that all iron ore obtained from the Kiruna mine in Sweden
is processed to sponge iron.

Currently, the studied region has active steel mills in Tornio, Luleå, and Raahe. Ad-
ditionally, a new steel mill is being planned for Boden. The Tornio mill uses an electric
arc furnace and requires about 3.5 TWh of electricity annually [31], whereas the other
existing mills are traditional blast furnace mills. Conversion of the Raahe mill to the
HYBRIT process is expected to require about 9 TWh of electricity, and Luleå about 8 TWh,
based on their respective crude steel production capacities [32]. Together, the low demand
scenario amounts to about 21 TWh of annual electricity demand, consisting of the demand
of existing facilities.

The regional electricity demand would be much higher if all of the iron ore mined in
Kiruna were to be refined into sponge iron. The Swedish government-owned mining com-
pany LKAB has estimated that 55 TWh of renewable electricity would be required annually
once the six planned sponge iron refining sites are online in 2045. Existing iron ore pelleti-
zation capacity would be dismantled in phase with the deployment of the new sponge iron
processing facilities, the first of which is scheduled to be in operation already in 2030 [33,34].
The planned actions would radically increase the electricity consumption of the region,
requiring significant investments in power production and transmission capacity.

2.1.2. Power-to-X and Carbon Sources

Power-to-X can produce fuels, products, and chemicals. Thus, the decarbonization of
aviation, road transport, and numerous manufacturing sectors could be possible by using
Power-to-X. One strong product candidate for Power-to-X is methanol, which is currently
used widely in chemical manufacturing.

Two estimates are presented for the possible extent of e-methanol production in this
work, both of which are based on the availability of CO2 from industrial point sources
the region. The available CO2 quantities from the region are identified from the European
pollutant release and transfer register [35], which has been complemented by manual
additions based on recent news and company press releases. Figure 2 shows the projected
CO2 emissions from various sectors in the region. Facilities close to each other have been
aggregated into a single symbol in the illustration.

The viable sectors for CO2 capture were assumed to be the pulp and paper sector,
and the cement industry. These sectors were considered to be relatively stable in the
foreseeable future, preserving their current CO2 volumes. The power sector, which also
includes combined heat and power, was excluded as a potential CO2 source because it was
assumed to have lower full load utilization hours compared to industrial units, thus being
less desirable for CO2 capture.

The high estimate for e-methanol potential is simply based on capturing all current
emissions from the accepted sectors, whereas the lower potential assumes that only about
35% of the available emissions would be captured. For reference, the low e-methanol
potential approximately corresponds to capturing the flue gas emissions from the largest
pulp mill in the area. Alternatively, the same CO2 quantity could also be obtained from
about four mid-sized pulp mills from the region. By contrast, the high estimate for methanol
production is unlikely to be realized completely, as it would require equipping all local
pulp and paper sites with CO2 capture devices. Furthermore, the emissions from pulp mills
are typically divided into different process sections, e.g., the power boiler, bark recovery
boiler, and lime kiln.
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This work uses stoichiometric ratios to estimate the product yield and required inputs
for e-methanol production. The methanol synthesis input mass ratio of hydrogen to carbon
dioxide is assumed to be 0.137, and methanol yield is estimated as 0.728 kgMeOH/kgCO2.
CO2 capture is used to obtain carbon for the methanol synthesis with an assumed CO2
capture efficiency of 90%. The process requires heat, about 3.0–6.5 MJ/kgCO2 [36,37]. In
this paper, an optimistic value of 3.6 MJ/kgCO2 is used. Auxiliary electricity consumption
for CO2 capture is assumed to be 250 kWh/tCO2 [37]. Methanol synthesis is assumed
to generate 430 kWh/tMeOH of additional heat, while also requiring 170 kWh/tMeOH
electricity input [38,39].

2.2. Wind Power Generation Potential

In practice, the availability of electricity is another likely bottleneck for hydrogen and
e-methanol production. For this reason, the regional potential of wind energy is identified
by investigating the declared wind park power capacities from the Finnish [40] and the
Swedish [41] perspective. Only onshore wind projects were included in the investigation,
although the area has potential for offshore deployment.

The wind production data is geographically tracked in the most accurate GADM
(Database of Global Administrative Areas) level available, corresponding to municipal
accuracy for Sweden (GADM 2) and Finland (GADM 4). The municipalities in the studied
region were allocated into twelve different groups, as illustrated in Figure 3.

The annual production of wind turbines is estimated by assuming 2600 annual full
load hours, equivalent to a capacity factor of 29.7%. In reality, both the local wind conditions
and the specifications of the wind turbine affect the capacity factor.

This work presents the wind data projections in three different time frames:

1. Current active turbines that have already been commissioned;
2. Short-term capacity additions (occurring roughly during the next 5 years);
3. Long-term capacity (coming online over the next 5–15 years).

The original wind power data from Finland is classified into six different groups:
already commissioned wind turbines (class 6), but also projections about future wind power
capacity based on turbines that are under construction, permitted sites, sites currently in
various permitting and planning phases (classes 1–5), and identified projects that are in the
early development phase (class 0). In this work, class 6 was classified into current capacity,
classes 1–5 to short-term capacity, and class 6 into long-term capacity.
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For Sweden, the original data is similarly divided into different classes. Commissioned
turbines were included in current capacity, whereas short-term capacity included projects
which were classified either as already permitted and approved, or as having an ongoing
permitting process. The long-term capacity was assumed to include the class which was
defined as “postponed or cancelled”. Although not all postponed sites are guaranteed
to realize exactly as envisioned, the data serves as an initial estimate for the long-term
capacity. The data for Sweden also contains projects which have been denied a permit,
or which have an ongoing appeal process, but these were not included in the analysis of
this work.

The long-term capacity will likely also include sites which have not yet been identified.
Furthermore, the production of existing sites could also be increased by adding new
turbines or upgrading them. Thus, the long-term capacity was increased by extrapolating
the cumulative capacity of existing and short-term cases. The amount of extrapolation was
estimated using a parameter termed in this work as the wind power density (WPD). It is
calculated by dividing the installed wind power capacity in kilowatts and the total area in
square kilometres. Denmark can be calculated to have a WPD value of about 144 kW/km2,
and Germany reaches 175 kW/km2. A recent report on the Finnish energy system presents
a maximum wind power potential of 54 GW in Finland [42], corresponding to a WPD
value of 160 kW/km2. The long-term scenario was assumed to have a conservative WPD
of 100 kW/km2 for the whole Bothnian Bay region. The long-term capacity of all nodes
was increased stepwise by a fixed amount until one of the two conditions is fulfilled:

• The wind power density of an individual node exceeds 150 kW/km2, after which the
node is excluded from further capacity additions;

• The total wind power generation in the region reaches 39 GW, which corresponds to
average WPD of 100 kW/km2 for the whole studied domain.

Overall, the extrapolation procedure was responsible for about 87% of the additional
capacity, with the remaining 13% coming from data of already identified and potential
wind projects. The resulting capacity estimates are highly dependent on the two WPD
limits assumed. The WPD value of node 7 already exceeds 500 in the short-term case, so
the local limit of WPD could potentially be adjusted much higher than what was assumed
in this work. The current methodology does not account for differences in wind condi-
tions between the regions, while also neglecting other land use such as farming, housing,
recreational use, or reindeer herding. The methodology also favours regions which are
less saturated due to the relatively low WPD limit. These aspects could lead to signifi-
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cant deviations between the predicted and actual capacity distributions. A more realistic
estimate would require customization of local WPD limits for each region individually.
Additionally, the estimate for the total wind power capacity in the region should also be
verified by alternative methods.

2.3. Heat Supply and Demand

The Bothnian Bay area is located partially inside the Artic Circle, so considerable
heating is required during the winter, while there is less demand during the summer.
As there is significant variation in heat demand over the year, it is investigated how the
potential heat production by electrolysis matches to the district heat demand in the area.
Methanol synthesis also results in the generation of additional heat, while CO2 capture
systems require heat. These systems are studied on an annual level, but not with the hourly
accuracy as with electrolysis heat.

As in [43], it is assumed that all losses of electrolysis are converted to heat, and that
the electrolyser is cooled with a water stream which reaches an outlet temperature of 50 ◦C.
This residual heat is then primed to higher temperatures by using a heat pump.

As an example configuration, district heat demand of the city of Oulu in Finland
is studied. Oulu is one of the most populous cities in the region, which makes it highly
interesting for district heat coupling with electrolysers. The overall annual heat demand,
1541 GWh, is obtained from the data of the local district heat companies [44]. The supply
temperature of district heat is obtained from [45] as a function ambient temperature, as
presented in Figure 4.
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Figure 4. Supply temperature of district heat varies as a function of ambient temperature. Reproduced
from [45].

The required heat power is also assumed to be a function of ambient temperature. The
duration curve in Figure 5 is simplified from [46], and it is distributed on an hourly basis
by the ambient temperature. The basic form of the duration curve is fixed by setting the
6000-h heat power to 10% of the maximum, the 700 h mark to 70%, and assuming linear
increase between the fixed points. The peak power is then iteratively adjusted to match the
annual heat energy demand.
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Waste heat from electrolysis is used as a heat source for heat pump, which produces
district heat. The coefficient of performance (COP) of the heat pump is defined by first
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calculating the idealized Carnot heat pump COP (COPCarnot) from the condensing (Tcond)
and evaporation (Tevap) temperatures of the heat pump

COPCarnot =
Tcond

TCond − Tevap
, (1)

which is then multiplied by a constant efficiency factor η to obtain the real COP

COP = ηCOPHP,Carnot. (2)

This simplified approach is chosen as detailed mass flow rate and inlet temperature
for return flow of the district heat are not available, but the model is still capable to consider
variations of ambient and district heat temperatures. The duration curve of air temperature
is presented in Figure 6. An efficiency factor (η) of 50% is used, as it has been shown
accessible in large scale [47].
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As the heat demand varies heavily in time, there might be a demand for thermal
energy storage (TES) to balance heat production from the electrolyser and heat pump,
depending on the system configuration. TES is modelled with charge and discharge
efficiencies of 90%, and an hourly heat loss that is proportional to stored energy. The value
of the heat loss, 0.005%, is selected such that the annual efficiency of TES is approximately
80%, which is comparable to values in the review by [49]. The required TES capacity is
obtained as a result of the simulation.

Although the Oulu region was in focus in this work, an estimate for the total district
heat demand for all the major cities is also obtained by using the per capita district heat
demand from Oulu as a benchmark (7.4 MWh/capita). The population centres that were
included in the analysis are presented Figure 7.

System Configurations

Several scenarios are used to distinguish the different possible heating system
design principles.

1. ElVar: Electrolyser and heat pump capacity at Oulu is matched with peak thermal
power demand, so that district heat demand can be fulfilled solely with an electrolyser
and a heat pump. Electrolyser operation is adjusted down during low heat demand.
TES is not needed.

2. ElFix: Annual heat demand is to be met by electrolyser and a TES. The electrolyser
operates at its nominal power at all times, and excess heat is delivered to TES. During
high heat demand, TES is discharged.

3. ElWind: Annual heat demand is to be met by electrolyser and a TES. The electrolyser
runs on wind power, and excess heat is delivered to TES.

This is not an exhaustive list covering all options. Rather, it illustrates some of the
ultimate options for how to operate the electrolyser and provide heat, and also the upper
and lower end of required TES. A block diagram of the simulation procedure is presented
in Figure 8.
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3. Results

The study first evaluates the renewable electricity generation potential in the region,
which is then reflected against the demand side. Lastly, the heat-related investigations
are presented.

3.1. Wind Power Generation Potential

The amount of renewable electricity available in the region is related to the maximum
potential for Power-to-X. Estimation of the total cumulative installed capacity and annual
production is given in Table 1, whereas the regional distribution of the capacity is shown
in Figure 9. The estimated growth in wind power potential is vast, with capacity tripling
in the short term and sextupling in the long term. From a statistical perspective, the long-
term capacity could be even higher, but practical reasons could also limit the potential to
lower amounts.
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Table 1. Estimated wind power capacities in the Bothnian Bay region.

Time Frame Cumulative Capacity (GW) Annual Production (TWh)

Current 6 16
Short term 19 50
Long term 39 102
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3.2. Electricity Demand Development

The electricity demand for steel decarbonization in the low and high estimates are
presented in Figure 10a, whereas the projected electricity demand for methanol production
in the high estimate is visible in Figure 10b. As there are numerous viable configurations
for reaching the low estimate for methanol production, it is not illustrated here. The low
estimate for Power-to-Methanol would essentially require selecting some sites in Figure 10b
so that the total amounts to 30 TWh.

Energies 2021, 14, x FOR PEER REVIEW 11 of 17 
 

 

  
(a) (b) 

Figure 10. (a) Steel electricity demand (TWh); (b) Power-to-Methanol electricity demand (TWh) if 
all selected carbon sources were utilized. 

The resulting electricity and heat balances for the whole Bothnian Bay region are 
shown in Table 2. The estimated electricity production in the long-term scenario would 
not be enough for both high steel and high Power-to-X demand, but other combinations 
would be possible (e.g., high steel demand with low Power-to-X demand, or vice versa). 
The resulting excess heat would greatly exceed its demand in all examined cases. The 
additional electricity consumption required for application of heat pumps would be quite 
modest compared to overall electricity demand for hydrogen generation.  

Table 2. Summary of electricity and heat balances in the Bothnian Bay area. 

Electricity Demand Scenario High  Low 
Electricity Production Scenario Long Term Short Term 
Electricity   

Regional wind power generation (TWh) 102 50 
Steel electricity demand (TWh) 55 21 
e-Methanol electricity demand (TWh) 85 30 
Heat pump compressor demand (TWh) 7 3 
CO2 capture demand (TWh) 3 1 
Synthesis demand (TWh) 1 0.4 
Electricity balance (TWh) −50 −5 

Heat   
Heat from heat pumps (TWh) 54 20 
Heat from methanol synthesis (TWh) 3 1 
CO2 capture heat demand (TWh) 11 4 
Regional district heat demand (TWh) 5 5 
Heat balance (TWh) +41 +12 

  

Figure 10. (a) Steel electricity demand (TWh); (b) Power-to-Methanol electricity demand (TWh) if all
selected carbon sources were utilized.



Energies 2021, 14, 8518 11 of 16

The resulting electricity and heat balances for the whole Bothnian Bay region are
shown in Table 2. The estimated electricity production in the long-term scenario would
not be enough for both high steel and high Power-to-X demand, but other combinations
would be possible (e.g., high steel demand with low Power-to-X demand, or vice versa).
The resulting excess heat would greatly exceed its demand in all examined cases. The
additional electricity consumption required for application of heat pumps would be quite
modest compared to overall electricity demand for hydrogen generation.

Table 2. Summary of electricity and heat balances in the Bothnian Bay area.

Electricity Demand Scenario High Low
Electricity Production Scenario Long Term Short Term

Electricity
Regional wind power generation (TWh) 102 50
Steel electricity demand (TWh) 55 21
e-Methanol electricity demand (TWh) 85 30
Heat pump compressor demand (TWh) 7 3
C O2 capture demand (TWh) 3 1
Synthesis demand (TWh) 1 0.4

Electricity balance (TWh) −50 −5
Heat

Heat from heat pumps (TWh) 54 20
Heat from methanol synthesis (TWh) 3 1
CO2 capture heat demand (TWh) 11 4
Regional district heat demand (TWh) 5 5

Heat balance (TWh) +41 +12

If the total district heat demand of the major cities in the region were to be cov-
ered completely by electrolysers supported by heat pumps, about 11.5 TWh of electricity
would be converted into hydrogen. This represents roughly half of the steel industry’s
low demand.

3.3. Regional Insights

Regional results focus on the city of Oulu in Finland. The necessary capacities of
electrolysers, heat pumps and thermal energy storages are listed in Table 3. These config-
urations could completely and independently fulfil the local district heat demand of the
region. Even though electrolysers would not likely be practical as the only source of heat, it
illustrates the requirements and performance of the configuration. The obtained results are
based on simulations for one year, and different weather conditions could lead to slightly
different outcomes.

Table 3. Required capacities for producing district heat for Oulu.

Case Electrolyser Capacity Compressor Size Max. Charge Max. Discharge TES Capacity
(MW) (MW) (MW) (MW) (GWh)

ElVar 1078 162 - - -
ElFix 494 76 127 352 446

ElWind 1232 128 386 595 291

In contrast to electrolyser capacity, the highest capacity for the heat pump compressor
is required in ElVar, 162 MW. Even though the maximum electrolyser capacity is higher in
ElWind, a compressor capacity of 128 MW is already adequate. This might be due to better
COP when the wind power production is peaking, during which heat is stored to TES.
With the fixed electrolyser operation in ElVar, compressor capacity of 76 MW is needed.
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The charging and discharging behaviour of ElFix and ElWind differ clearly, as ElWind
requires higher charging and discharging rates, 386 MW and 595 MW at the maximum,
respectively, while ElFix can manage with 127 MW and 352 MW, respectively.

In the case of ElVar, no TES is needed. ElWind requires 291 GWh of storage to supply
heat throughout the year. ElFix needs 53% larger TES, 446 GWh. The capacity of the storage
is fivefold to the world’s largest water-based TES planned to Vantaa, which will have a
capacity of 90 GWh [50].

The main values regarding the annual performance of the system are presented in
Table 4. With the current assumptions for charge and discharge efficiency, and heat loss,
the annual efficiency of TES is 79.0% and 82.2% for cases ElFix and ElWind. TES share
describes the amount of heat delivered to the district heat network via TES. The rest is
supplied directly with the heat pump. TES share is the highest in ElWind, 35.8%, and 29.5%
for ElFix.

Table 4. Annual performance of the heating system.

Case TES Efficiency TES Share H2 Production Average COP Electricity Demand
(%) (%) (TWh) (-) (TWh)

ElVar - - 2.30 7.4 3.98
ElFix 79.0 29.5 2.68 7.4 4.60

ElWind 82.2 35.8 2.72 7.4 4.66

The annual production of hydrogen is smallest in ElVar, 2.30 TWh. In ElFix and
ElWind, 2.68 TWh and 2.72 TWh is produced, respectively. The difference between cases
is probably due to heat losses of TES, which requires higher total heat generation by heat
pump and electrolyser, which increases the required electrolyser power and consequently
hydrogen production. The 18% difference in hydrogen production between ElVar and
ElWind can be considered significant. However, the total H2 production quantities are still
quite modest compared to the demand of the Raahe steel mill, for instance. Raahe mill
would require about 6.75 TWh electricity for hydrogen production or about 4.2 TWh of
hydrogen if the estimations presented in this work are correct. Thus, the demand of H2
could greatly exceed the production in these heat-coupled electrolyser scenarios.

Another important aspect is to compare the local electricity consumption to the avail-
able wind power in Oulu region. As seen in Table 5, the current annual production of
2.2 TWh is not sufficient, but the short-term estimate is already over double the demand,
also leaving room for other electricity uses. For the local wind power potential estima-
tion, node 9 and the neighbouring node 10 were both included (cf. Figure 3). The local
growth of wind power potential in Oulu region is greater than the average for the whole
Bothnian Bay.

Table 5. Estimated wind power capacities in the Oulu region.

Time Cumulative Capacity (GW) Annual Production (TWh)

Current 0.9 2.2
Short term 4.2 11.0
Long term 8.2 21.2

To summarize, matching the local heat demand with hydrogen production results in
small and insufficient supply of hydrogen for other sectors. Conversely, if the hydrogen
production is dimensioned according to available CO2 for e-methanol production, an
oversupply of 2 TWh of heat occurs. Similarly, using all projected wind electricity would
result in 5–7 TWh of excess heat in Oulu.

The dynamical behaviour of TES is presented in Figure 11 for ElFiX and ElWind. Due
to variation of both ambient temperature and wind production, there is more variation
from charge to discharge in case ElWind. In addition, there seems to be more wind during
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the winter than during the summer, as the demand for seasonal storage is smaller than in
ElFix. In ElFix, the strong seasonal variation is much clearer, and there are less occasions
when TES operation is switched from charge to discharge or the other way round.
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4. Discussion

Wind capacity is growing strongly in the short term in the Bothnian Bay region:
ongoing projects in various stages of development could increase the cumulative capacity
to 19 GW from the current capacity of 6 GW. Long-term wind capacity could in turn
increase to nearly 40 GW, but the results should be verified and amended in future studies
by using more sophisticated evaluation methodologies. The drastic increase in wind power
is likely reflected in development needs for energy storage and transmission infrastructure,
which would need to be developed and extended for electricity, hydrogen, or both.

Steel appears to be an important driver for implementing electrolytic hydrogen gener-
ation in the region. Nearly 55 TWh of renewable electricity would be required annually
if all locally mined iron ore is processed to sponge iron according to existing company
visions. Obtaining such amounts of electricity would necessitate harnessing a large portion
of future wind power potential for hydrogen production. Sweden is, on a global scale, a
minor player in iron mining or steel production, and yet hydrogen demand from the steel
industry plays a dominant role in this regional study. Thus, it seems probable that a large
portion of future global steel-related hydrogen production cannot be reliably linked with
heat utilization, simply because there is not enough local demand for heat.

The potential volume for applying BECCUS in the region is vast, but CO2 utilization
aspects are likely limited by available electricity—particularly in the upper end of utilization
visions. Biogenic CO2 emissions from the pulp and paper sector currently amount to 10 Mt
annually, which would require about 85 TWh of electricity if all were to be converted to
methanol. In practice, it is not likely that all available capacities would be implemented.
As both steel decarbonization and Power-to-X systems compete for the same electricity
resources, some local compromises in implementation scale and timeline are likely. The
availability of electricity and local wind power resources can therefore be considered a
bottleneck, especially since the demand for electricity also increases in other applications,
such as electric vehicles. The market demand for Power-to-X products was not evaluated
in depth in this work, but it is likely not a limiting factor for manufacturing. For instance,
the estimated methanol production potential in the Bothnian Bay area corresponds to
100–200% of the combined biofuel use in Sweden and Finland when compared in terms
of thermal energy content of the liquids. As the potential customer sectors for methanol
and other Power-to-X products would not be limited only to blending in road transport,
market uptake can be expected to be much larger.

Ideally, hydrogen production should be integrated with district heat or similar uses
for maximal energy efficiency. However, local heat demand can be satisfied already with
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a moderately sized electrolyser, which would then not be adequate for producing the
necessary hydrogen volumes for decarbonizing other sectors. As a case example, if the
district heat demand of the city of Oulu was produced by heat pump and electrolyser,
the hydrogen production would cover only roughly a third of the demand of Raahe steel
mill if it were converted to the carbon neutral HYBRIT process. From another perspective,
decentralizing hydrogen production to the major cities in the region would enable all of
those cities to meet their district heat demand primarily on electrolyser residual heat which
would otherwise have no apparent use. Excess heat would likely be formed eventually as
the hydrogen production volumes increase, but the first crucial pilots could be implemented
with heat integration, increasing system efficiency and profitability. Another important
aspect is the utilization of the oxygen that is formed as a by-product.

One open question is how well the operation profile of the electrolyser compares to
wind power, heat demand and hydrogen demand. Heat demand and wind power vary
significantly, while the demand for hydrogen might be rather stable. Therefore, some
storage or balance mechanism is likely required for either hydrogen or heat, or both. In this
study, the modelled heat scenarios are somewhat ultimate examples, as no other production
methods for heat or hydrogen were considered. Hydrogen pipe network could balance the
feed even though some of the electrolysers were to operate flexibly according to the heat
demand. Similarly, some other stable heat sources would likely be available, which would
decrease the required TES capacity.

Future studies should therefore focus on a more holistic overview of the dynamic
performance of the system, including aspects of both electricity and heat availability and
demand. It is likely this would require a more detailed analysis of the existing and future
energy infrastructure, which is also related to energy transmission between neighbouring
countries. The determination of oxygen market volumes could also be worthwhile, given
the large number of pulp and paper mills in the area.
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