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This thesis investigates the integration of biological methanation into an existing anaerobic 
digestion facility to produce renewable synthetic methane (e-methane) via a power-to-
methane system. The study combines an extensive literature review with a techno-economic 
case analysis of a brownfield integration project, where two process configurations are 
evaluated: one utilizing an upgraded CO2-rich stream (Scenario A), and the other employing 
raw biogas directly (Scenario B). 

A mass and energy balance model, developed specifically for this case study, was used to 
assess process performance. This was combined with a financial evaluation incorporating 
capital expenditures (CAPEX), operational expenditures (OPEX), and the levelized cost of 
energy (LCOE). Scenario B demonstrated more favourable economic results, with a lower 
total CAPEX (86.6 MEUR vs. 91.6 MEUR in Scenario A) and a reduced LCOE (302 vs. 
311 EUR/MWh, HHV). Sensitivity analyses revealed that electricity sourcing costs and plant 
availability exert the strongest influence on economic performance, while investment 
support schemes had a more limited impact. 

Key challenges in the case study include limited access to stable renewable electricity and 
location-specific constraints such as land availability, the absence of a gas grid connection, 
and limited storage capacity for liquefied methane. Project viability can be enhanced through 
several technical and strategic opportunities, such as the use of waste heat from electrolyzers 
and biological methanation to improve energy efficiency. The system could accommodate 
hourly and daily variability in renewable electricity without compromising core process 
stability. A modular design with defined unit sizes enables scalable deployment and phased 
investment. Engagement with compliance-based carbon markets is essential for project 
feasibility, as it provides revenue and ensures alignment with climate policy obligations 
related to the distribution of renewable fuels. The thesis provides a strong foundation for the 
development of similar e-methane projects in other locations.  
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Tässä diplomityössä tutkitaan biologisen metanoinnin integrointia olemassa olevaan 
mädätyslaitokseen uusiutuvan synteettisen metaanin (e-metaani) tuottamiseksi power-to-
methane-prosessin avulla. Työssä yhdistetään kirjallisuuskatsaus ja teknistaloudellinen 
analyysi Brownfield-integraatiosta, jossa biologisen metanoinnin syötteenä käytetään joko 
puhdistettua CO2-rikasta virtaa (Skenaario A) tai raakabiokaasua (Skenaario B). 

Prosessin suorituskykyä arvioitiin tätä tapausta varten kehitetyn aine- ja energiatasemallin 
avulla. Taloudellinen arviointi sisältää laitoksen investointikustannukset (CAPEX), 
käyttökustannukset (OPEX) sekä tasoitetun tuotantokustannuksen (LCOE). Skenaario B 
osoittautui taloudellisesti edullisemmaksi, sen kokonaisinvestointikustannuksen ollessa 
matalampi (86.6 vs. 91.6 MEUR Skenaariossa A) ja LCOE:n ollessa alhaisempi (302 vs. 
311 EUR/MWh, HHV). Herkkyysanalyysit osoittivat, että sähköhankinnan kustannukset ja 
laitoksen käyttöaste vaikuttavat eniten tuotantokustannustehokkuuteen, investointitukien 
vaikutuksen ollessa rajallisempi. 

Tutkitussa tapauksessa tunnistetut keskeiset haasteet liittyvät rajalliseen vakaan uusiutuvan 
sähkön saatavuuteen sekä sijaintikohtaisiin rajoitteisiin, kuten tontin saatavuuteen, kaasun 
siirtoverkon puuttumiseen ja nesteytetyn metaanin varastointikapasiteetin rajallisuuteen. 
Projektin toteutettavuutta voitaisiin parantaa teknisstrategisilla keinoilla, kuten elektrolyysin 
ja biologisen metanoinnin hukkalämmön hyödyntämisellä. Järjestelmä kykenee 
hyödyntämään uusiutuvaa sähköä, vaikka sen saatavuus vaihtelisi tunneittain tai päivittäin, 
ilman että ydinprosessien vakaus vaarantuu. Moduuleista koostuva järjestelmä mahdollistaa 
skaalautuvan toteutuksen ja vaiheittaisen investoinnin. Osallistuminen sääntelyperusteisille 
hiilimarkkinoille on toteutettavuuden kannalta keskeistä, sillä se tarjoaa tulovirtaa ja tukee 
uusiutuvia polttoaineita koskevien ilmastosääntelyjen täyttämistä. Työ tarjoaa vahvan 
perustan vastaavien e-metaanihankkeiden kehittämiselle myös muissa sijainneissa. 



   

ACKNOWLEDGEMENTS 

 

I would like to express my sincere gratitude to the examiners of this thesis: Associate 

Professor Kristian Melin, Emma Laasonen D.Sc. (Tech.), and Ilkka Malinen D.Sc. (Tech.). 

Your valuable time, insightful feedback, and critical review have significantly contributed 

to the development and refinement of this work.  

I am also very grateful to my employer for the comprehensive support, which made it 

possible for me to undertake and complete this thesis. I would also like to thank all my 

colleagues for their valuable insights and the many pleasant conversations that made the 

work both enriching and enjoyable. 

Finally, I am especially thankful to my family. Your support, patience, and encouragement 

made this journey possible. You have not only stood by me throughout this process but have 

also been the reason and inspiration for undertaking this work in the first place. For that, I 

am deeply grateful. 

 

 

  



   

ABBREVIATIONS  

AD Anaerobic digestion 

AEC Alkaline electrolyzer cell 

AEM Anion exchange membrane 

AS Amine scrubbing 

ATEX Atmosphères explosibles (explosive atmospheres) 

BCR Bubble column reactor 

BUP Biomethane upgrading plant 

CAPEX Capital expenditures 

CBG Compressed biogas 

CCS Carbon capture and storage 

CCU Carbon capture and utilization 

CI Carbon intensity 

COD Chemical oxygen demand 

CS Cryogenic separation 

CSTR Continuous stirred tank reactor 

DFM Dual-functional material 

EDI Electrodeionization 

EGSB  Expanded granular sludge bed (reactor) 

EIA Environmental impact assessment 

EoL End-of-life 

e-LNG Electro-liquified natural gas 

e-SNG Electro-synthetic natural gas 

ESP Emergency shut-down procedure 

GWP Global warming potential 

GoO Guarantee of origin 



   

HHV Higher heating value 

HMB Heat and mass balance 

HPWS  High-pressure water scrubbing 

HSEQ Health, safety, environment, quality 

ICCU Integrated carbon capture and utilization 

IRR Internal rate of return 

KPI Key performance indicator 

LBG Liquefied biogas 

LCA Life-cycle assessment 

LCF Low-carbon fuel 

LCFS Low carbon fuel standards  

LCOE Levelized cost of energy 

LEL Lower explosive level 

LHV Lower heating value 

MEA  Membrane electrode assembly 

MC Membrane contactor 

MP Membrane permeation 

MR Membrane reactor 

MVR Mechanical vapor recompression 

NPV Net present value 

NWC Net working capital 

OPEX Operational expenditures 
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PLC Programmable logic controller 



   

PPA Power purchase agreement 

PSA Pressure swing adsorption 

PtG Power-to-Gas 

PtL Power-to-Liquid 

RCF Recycled carbon fuel 

RFNBO Renewable fuel of non-biological origin 

RH Relative humidity 

RO Reverse osmosis 

SNG Synthetic natural gas 
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SPE Solid polymer electrolyte 

TBR Trickle bed reactor 

TEA Techno-economic assessment 

TIC Total installed cost 

TMP Thermo-mechanical pulp 
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1  Introduction 

The global transition to renewable energy is essential to combating climate change and 

achieving the commitments of the Paris Agreement, which aims to limit global warming to 

well below 2 °C, with efforts to stay below 1.5 °C (UNFCCC, 2015). Reaching net-zero 

emissions by 2050 requires a fundamental shift from fossil fuels to sustainable energy 

sources such as solar, wind, and hydropower. However, the intermittent nature of these 

energy sources poses challenges for reliability and large-scale deployment. To address this, 

Power-to-X (PtX) technologies – which convert renewable electricity into synthetic fuels – 

are emerging as critical solutions, particularly in transportation and industry. 

Renewable fuels, particularly synthetic fuels (e-fuels), play a crucial role in decarbonizing 

hard-to-electrify sectors. Maritime, aviation, and long-haul road transport require high-

energy-density fuels that cannot easily be replaced by direct electrification. E-methane 

presents a viable alternative for maritime and road transport, whereas aviation relies 

primarily on Power-to-Liquid (PtL) fuels to produce synthetic jet fuels. 

The feasibility of renewable fuels, however, is not solely dependent on technological 

advancements – political and legislative support is a critical enabler. In Europe, several key 

policy frameworks are driving the adoption of renewable fuels across transport sectors: 

 RED III (Renewable Energy Directive III) sets binding targets for renewable 

energy in road transport, supporting advanced biofuels and e-fuels (European 

Commission, 2025a). 

 ReFuelEU Maritime mandates the increased use of renewable fuels in shipping to 

curb emissions from the maritime sector (European Commission, 2025c).  

 ReFuelEU Aviation aims to scale sustainable aviation fuels (SAFs) to reduce 

aviation-related emissions (European Commission, 2025c). 

These regulatory frameworks not only establish incentives and compliance mandates but 

also shape the market for e-fuels, ensuring that electricity – the backbone of synthetic fuel 
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production – is utilized effectively and sustainably (Cleary Gottlieb Steen & Hamilton LLP, 

2024). 

Among emerging PtX solutions, e-methane has gained particular interest in biogas plants, 

where it can be produced by combining biogenic CO2 from anaerobic digestion (AD) – 

which would otherwise be released into the atmosphere – with renewable hydrogen. By 

integrating methanation, biogas plant can increase methane yield by up to 65%. For example, 

a 100 GWh/a AD plant could potentially produce around 165 GWh/a of methane. (Rönsch 

et al., 2016)  

While numerous AD-based methanation projects have been conducted, large-scale 

deployment has so far been limited due to an immature e-methane market, a lack of economic 

incentives, and insufficient regulatory support for commercialization (Bailera et al., 2017). 

However, recent legislative mandates and evolving policy frameworks are transforming the 

market landscape, creating demand-driven incentives that significantly enhance the 

feasibility of e-methane production. 

By integrating power-to-gas (PtG) systems with existing biogas infrastructure, e-methane 

production can now be scaled more efficiently. Additionally, modular system designs allow 

flexible expansion, and leveraging the existing natural gas grid for distribution minimizes 

the need for new infrastructure investments. 

This thesis explores the techno-economic potential of e-methane production in biogas plants. 

Literature study examines its broader applications, integration with renewable energy 

systems, and role in the low-carbon energy transition. The research culminates in a case 

study applying a techno-economic assessment to a real-world example of biological e-

methanation in an AD plant in the Nordics. While the case study provides an in-depth 

evaluation of scalability, feasibility, and economic viability within an industrial setting, 

certain key findings remain confidential due to proprietary company data. 

1.1  Background and context 

The transition to sustainable energy systems has accelerated the adoption of renewable 

technologies (Nemmour et al., 2023). Four major trends are shaping the future energy 
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landscape: reducing reliance on hydrocarbons, expanding renewable energy, increasing 

electrification, and integrating low-carbon hydrogen (BP, 2023). 

Recent geopolitical developments have significantly impacted energy markets. After years 

of stability, fossil natural gas prices began rising in October 2021 and peaked in February 

2022 (De Paolis et al., 2024). This volatility underscores the need for energy diversification 

and security. E-methane is increasingly viewed as a solution for stabilizing energy prices 

while supporting the transition to a low-carbon economy. As a storable and transportable 

energy carrier, it strengthens energy security and reduces fossil fuel dependence in Europe. 

Biogas is a versatile energy resource, used for electricity, heat production, and as a feedstock 

for synthetic methane. The production of e-methane enhances the value of biogas, increasing 

its energy density and storage potential, making it suitable for integration into natural gas 

grids or as a transport fuel. Its production aligns with circular economy principles by 

capturing and repurposing biogenic CO2, reinforcing both sustainability and economic 

viability. However, large-scale deployment remains limited due to economic constraints, 

technological barriers, and policy challenges.  

Power-to-Gas (PtG) technology, first proposed by Koji Hashimoto in 1994, provides the 

foundation for e-methane production by converting renewable electricity into synthetic 

natural gas (e-SNG) through electrolytic hydrogen production and CO2 methanation, as 

shown in Figure 1. (Hashimoto, 1994) 

 
Figure 1. Example of Power-to-gas plant setup (modified from source Rönsch et al., 2016). 
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By integrating PtG systems with existing biogas infrastructure, e-methane production can 

now be scaled more efficiently. Additionally, modular system designs allow flexible 

expansion, while the existing natural gas grid serves as an efficient distribution network, 

minimizing the need for new infrastructure investments and enhancing system flexibility. 

Beyond e-methane production, AD-based biogenic CO2 offers alternative valorization 

pathways, such as participation in carbon credit markets or utilization through Carbon 

Capture and Storage (CCS), Carbon Capture and Utilization (CCU), or Integrated Carbon 

Capture and Utilization (ICCU). While CCS involves capturing, transporting, and 

permanently storing CO2, its high capital and operational costs, as well as long-term storage 

uncertainties, have hindered widespread implementation. CCU, on the other hand, 

repurposes CO2 into valuable products, such as synthetic fuels or chemicals, offering an 

economically attractive alternative. (Faria et al., 2025) ICCU further enhances this approach 

by integrating CO2 capture and utilization within a single system, eliminating the need for 

separate purification steps and improving energy efficiency (Lv et al., 2023). By using dual-

function materials (DFMs), ICCU allows CO2 adsorption and catalytic conversion to occur 

in the same unit, reducing energy losses and simplifying process integration (Faria et al., 

2025).  

1.2  Problem definition and research motivation 

The potential of e-methane as a renewable alternative to fossil-derived methane has been 

widely studied (Aryal et al., 2018; De Paolis et al., 2024; Illi et al., 2021; Lecker et al., 2017). 

Research has advanced the understanding of methanation processes, CO2 valorization, and 

the integration of renewable hydrogen into energy systems. Additionally, studies have 

explored the role of renewable gases in decarbonizing hard-to-electrify sectors such as long-

haul road transport, maritime, and industry. However, key challenges remain in scaling 

methanation technologies, integrating them with anaerobic digestion (AD) systems in biogas 

plants, and addressing economic and regulatory uncertainties. 

Despite its potential, scaling e-methane production presents technical, economical, and 

regulatory challenges. Engineering complexity and high investment costs pose barriers to 

integrating methanation into AD systems, while the cost of renewable hydrogen remains a 

major economic constraint. (Bendikova et al., 2023) Additionally, policy uncertainties 
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hinder market adoption, particularly regarding grid integration and stable pricing 

mechanisms for renewable gas. 

1.3  Research objectives, scope and delimitations 

This thesis investigates the feasibility of e-methane production in biogas plants, using a real-

world Nordic case study to provide practical insights. Certain findings remain proprietary 

due to the nature of the collaboration. 

By leveraging modular methanation systems, the case study examines how CO2 emissions 

from AD can be converted into synthetic methane, preventing atmospheric release and 

enhancing circular carbon utilization. The study focuses on enhancing the feasibility and 

sustainability of the AD plant while simultaneously pioneering e-methane production 

The primary research objectives are: 

1. Literature review on methanation: Conduct a review of biological and catalytic 

methanation pathways, their integration with anaerobic digestion (AD) systems, and 

key technological and economic considerations.  

2. Case study on e-methane production: Conduct a techno-economic assessment 

(TEA) of a real-world e-methane production case in the Nordics, focusing on the 

integration of biological methanation into an AD plant. This includes analyzing 

economic performance and investment feasibility, technical and operational aspects, 

modularity, scalability and regulatory considerations.  

The scope focuses on: 

 Production processes: Assessing CO2 recovery and pre-treatment for methanation, 

green hydrogen production via electrolyzers, and both biological and catalytic 

methanation pathways. 

 Scalability and modularity: Evaluating how methanation technologies can be 

designed and expanded for industrial-scale deployment, including plant 

configuration and integration with existing biogas infrastructure. 

 Integration of methanation, AD, and renewable energy systems: Investigating 

the feasibility of incorporating Power-to-Gas (PtG) technology into biogas plants, 
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focusing on enabling the efficient use of renewable electricity and ensuring 

operational compatibility with anaerobic digestion processes. 

To maintain clarity and focus, this study delimits: 

 Market dynamics and pricing of raw materials and products: While regulatory 

drivers are considered, detailed market projections and demand analyses are beyond 

the scope. 

 Environmental impact assessments: While methanation carbon footprint is 

covered in high-level, full life-cycle assessment (LCA) is not conducted. 

 Policy and regulatory analysis: While the study explores key regulatory 

frameworks (e.g., RED III, RFNBO classification, mass balancing), it does not 

conduct a detailed legal review of national implementation or contractual compliance 

mechanisms. 

By narrowing the scope to focus on production challenges and scalability, this research 

provides practical, industry-relevant insights while leaving broader market and 

environmental considerations for future work. This approach ensures that the findings are 

both academically thorough and directly applicable to relevant stakeholders. 

Research questions and objectives 

The research questions aim to assess the broader feasibility of methanation integration, with 

the case study providing a detailed real-world evaluation:  

1. What are the technical and strategic considerations for integrating biological 

methanation into anaerobic digestion (AD) systems, based on current literature and 

industrial practice? 

2. How scalable and modular are biological methanation concepts, and what are the key 

requirements for adapting them to different biogas plant configurations? 

3. What is the techno-economic performance of biological methanation integration in a 

brownfield case study, considering different process configurations? 

4. What are the main factors – technical, economic, regulatory, and infrastructural – 

that influence the overall feasibility and implementation potential of e-methane 

systems? 
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1.4  Challenges and research gaps in methanation integration 

The integration of methanation into biogas plants is a promising approach for enhancing 

renewable gas production, yet several challenges remain that affect its widespread adoption. 

The remaining challenges concern technical feasibility, process optimization, and economic 

constraints, all of which are critical for large-scale deployment. Table 1. summarizes these 

key gaps, while Figure 2. illustrates the enablers needed to overcome them, starting with 

foundational feasibility factors and progressing toward investment and market readiness. 

Table 1. Key gaps in integration of methanation in biogas plants. 

Key gap Description 

Stakeholder 
coordination for 

commercialization 

Collaboration is crucial for scaling methanation. Key factors include: 

- Partnerships between biogas operators, energy companies, and policymakers. 

- Clear investment models and revenue-sharing strategies. 

- Accelerating industry adoption through viable business cases. 

Economic viability 

While e-methane production is gaining interest, a comprehensive understanding of its 
levelized cost (LCOEe-CH4) is still developing. Key areas of assessment include: 

- Capital expenditure (CAPEX) and operational expenditure (OPEX) considerations. 

- Process efficiency, energy costs, and carbon pricing impact on competitiveness. 

Regulatory and 
compliance 

The policy framework for methanation is evolving, but uncertainties remain in: 

- The long-term stability of market incentives and carbon pricing mechanisms. 

- Certification processes, particularly RFNBO eligibility, remain complex and varies 
by region. 

A clear and robust regulatory pathway is essential to align with renewable gas 
standards and attract investment. Critical areas include: 

- Mass balancing and certification in gas grids and liquefied methane supply chains, 
especially given the chemical similarity of biomethane and e-methane.  

- Ensuring e-methane is properly recognized and priced within regulatory 
frameworks, including transport and industrial fuel standards. 

Scalability and 
modularity 

Scaling methanation from pilot to industrial scale presents challenges, especially in: 

- Investment costs and infrastructure compatibility. 

- Modular expansion strategies. 

- Need for optimized flexible deployment models for different AD plant sizes. 

Technology 
readiness levels and 

commercialization 

Regardless of methanation been successfully demonstrated at pilot and full scale, 
wider large-scale commercial implementation is still somewhat in progress, needing: 

- More large-scale demonstration projects. 

- Industry collaboration for insights into TRLs and commercialization pathways. 

Heat and energy 
management 

System efficiency could be enhanced by optimizing: 

- Waste heat recovery strategies and utilization. 

- Balancing energy demand and refining thermal management. 
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Process 
compatibility with 

AD systems 

Integration of methanation into AD plants requires process optimization, focusing on: 

- CO2 and H2 sourcing and injection strategies. 

- Reactor stability and microbial interactions. 

- System control mechanisms for efficient and reliable operation. 

Pre-treatment and 
CO2 purity 

requirements 

The impact of CO2 impurities from AD on methanation efficiency needs further 
assessment. Areas for improvement include: 

- Optimizing CO2 pre-treatment. 

- Assessing the impurity tolerance of biological methanation. 

- Further validation of integrated CO2 capture and methanation approaches. 

Renewable 
electricity sourcing 
for green hydrogen 

The feasibility of methanation largely depends on cost-effective renewable electricity 
access and operation strategy. Key considerations include: 

- Power purchase agreements (PPAs) and Guarantees of Origin (GoO). 

- Grid electricity dynamics. 

- Dynamic operation strategies with the impact of fluctuating renewable energy on 
electrolyzer performance and overall system efficiency. 

 

 

Figure 2. Key enablers for a feasible business case in methanation integration. 
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2  Methanation pathways for synthetic methane production 

Methanation refers to the process of converting CO2 into methane, an essential step in the 

production of synthetic methane as a renewable energy source. The two primary methods of 

methanation are biological methanation, which relies on microorganisms, and catalytic 

methanation, which uses metal-based catalysts to accelerate the conversion of CO2 and 

hydrogen into methane (Rönsch et al., 2016). As seen in Equation 1, the exothermic 

methanation reaction – also known as Sabatier reaction – is characterized by the liberation 

of significant amount of heat (Elhaus et al., 2024):   

 CO2 + 4 H2  CH4 + 2 H2O ΔH° = -165.0 kJ/mol  (Equation 1) 

Nemmour et al. (2023) note that methanation requires a substantial amount of CO2 on a mass 

basis – approximately 5.5 kg per kg of H2. Consequently, they suggest that positioning the 

Power-to-Gas plant close to CO2 source would help minimize transportation costs and 

enhance the overall efficiency of the process. This recommendation is further supported by 

Parker (2024) and by the Zero Emission Platform (2024). Through methanation, an AD plant 

can increase total methane production by up to 60–70% (by mass), depending on the CO2 

content in the raw gas and the efficiency of CO2 conversion. 

2.1  Biological methanation 

Biological methanation is a microbial process in which certain microorganisms, particularly 

hydrogenotrophic Archaea, convert CO2 and hydrogen into methane under anaerobic 

conditions (Goffart De Roeck et al., 2022).  

Aryal et al. (2018) describe that biological methanation can be implemented in two 

configurations: in-situ, where methanation occurs directly within the AD reactor as part of 

the anaerobic digestion process through the direct injection of H2, and ex-situ, where H2 is 

introduced into a separate bioreactor to methanate either raw biogas or pure CO2 from biogas 

upgrading before further use. See illustrative system in Figure 3.  

In-situ biological methanation has the advantage of simplifying system design and reducing 

infrastructure costs, as it directly utilizes the CO2 produced by the AD process. Ex-situ 
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methanation, however, offers more controlled conditions, which can improve the overall 

efficiency and performance of the process (Elhaus et al., 2023; Thema et al., 2019). 

For ex-situ methanation, the anaerobic digestion (AD) and the biological methanation 

reactors are separated. Hydrogen gas is first produced by the electrolyzer and then injected 

into the biological methanation. This setup allows for the methanation of either raw biogas 

(CH4 + CO2) or CO2-rich stream extracted from upgraded biomethane, depending on the 

feedstock used. In contrast, in-situ biological methanation involves directly injecting H2 into 

the AD reactor, where it reacts with CO2 inside the digester. This approach eliminates the 

need for a separate methanation reactor and enhances the direct utilization of H2 by 

methanogens, potentially improving the efficiency of biological methanation by reducing 

the need for external gas transfer systems (Shang et al., 2023). 

 

Figure 3. Simplified in-situ and ex-situ biological methanation configurations. 

2.1.1  Microbes in anaerobic digestion and biological methanation 

Thema et al. (2019) describe methanogens being highly diverse in morphology, growth 

conditions, and taxonomy. However, the microbial population and its spatial distribution 

differ between in-situ and ex-situ methanation configurations due to variations in process 
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conditions and reactor design. Table 2. presents typical methanogenic microorganisms in  

in-situ and ex-situ biological methanations. 

Table 2. Methanogenic microorganisms in in-situ and ex-situ biological methanation. 

Methanation 
configuration 

Methanogenic 
microorganism 

Characteristics 

In-situ 
Methanobacterium 

formicicum 

Hydrogenotrophic methanogen, convert CO2 + H2 into 
methane, well-adapted to anaerobic digesters 
(Zabranska & Pokorna, 2018). 

Ex-situ 
Methanothermobacter 

marburgensis 

Well-established  hydrogenotrophic methanogen for 
biological methanation reactors, high H2 + CO2 
conversion efficiency (Fu, Angelidaki & Zhang, 2021). 

Ex-situ 
Methanothermobacter 

thermautotrophicus 

Thermophilic hydrogenotrophic methanogen, widely 
used in e-methane reactors due to high H2 + CO2 
conversion efficiency (Angelidaki et al., 2018). 

In-situ & ex-situ 
Methanosarcina barkeri, 
Methanosarcina mazei 

Hydrogenotrophic and acetoclastic methanogens, 
produce methane from H2 + CO2 and acetate, adaptable 
to varying conditions (substrate availability, pH, 
temperature, salinity) (Zabranska & Pokorna, 2018). 

In-situ & ex-situ 
Methanothermobacter 

wolfeii 
Highly efficient CO2 + H2 methanation, tolerant to high 
hydrogen levels (Zabranska & Pokorna, 2018). 

 

In in-situ biological methanation, the microbial population within the anaerobic digester 

(AD) reactor is more complex than in traditional biological methanation reactors. The AD 

system hosts a diverse microbial consortium, including both hydrogenotrophic and 

acetoclastic methanogens, as well as fermentative bacteria and syntrophic microorganisms 

responsible for breaking down organic matter. The addition of H2 into the AD reactor shifts 

the microbial balance, promoting the activity of hydrogenotrophic methanogens, which 

compete with other microbes for CO2 and hydrogen. This competition can alter the microbial 

dynamics of the reactor, potentially leading to temporary imbalances in volatile fatty acid 

degradation and overall AD stability. (Zabranska & Pokorna, 2018)  

In contrast, ex-situ biological methanation occurs in a separate reactor, where conditions are 

optimized solely for hydrogenotrophic methanogens. The microbial population is more 

specialized, primarily consisting of thermophilic or mesophilic hydrogenotrophic Archaea, 

which achieve high CO2 + H2 conversion. (Fu, Angelidaki & Zhang, 2021)  

Unlike in-situ methanation, ex-situ reactors often use specific microbial immobilization 

techniques to enhance gas-to-liquid transfer and process stability. These can include: 
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 Biofilm formation on reactor surfaces, providing structural support for microbial 

communities. 

 Carrier materials (e.g., activated carbon, zeolites, or plastic carriers) to facilitate 

microbial adhesion and increase microbial density. 

 Fixed-bed or trickle-bed reactor designs, where methanogens colonize porous 

materials, enhance gas-liquid contact and increase methane production rates. 

 Suspended growth reactors, where microorganisms remain freely in the liquid phase, 

often require strong mixing to optimize H2 transfer. (Fu, Angelidaki & Zhang, 2021) 

2.1.2  Operation conditions in biological methanation 

Biological methanation typically operates at lower temperatures compared to catalytic 

methanation, usually in the mesophilic to thermophilic range (approximately 35 to 65 °C) 

and generally under ambient pressure or up to 15 bar, which aligns with the optimal growth 

conditions for the microorganisms involved (Bendikova et al., 2023; Fenske, Strübing & 

Koch, 2023). Typical operation parameters in biological methanation are shown in Table 3.  

Table 3. Typical operation parameters in biological methanation1. 

Parameter Typical range Unit Notes 

Operating 
pressure 

1–5 bar 
Typically near atmospheric, higher pressures 
improve hydrogen solubility but may inhibit 
methanogens. 

Temperature 35–65 °C 
Mesophilic: 35–40 °C, Thermophilic: 50–65 °C. 
Higher temperatures enhance H2 uptake but can 
affect process stability. 

pH 6.5–8.2 - 
Optimal range for methanogenic archaea; H2 
addition can increase pH due to CO2 consumption, 
requiring buffering. 

H2/CO2 ratio 4:1 mol/mol 
Stoichiometric ratio for methanation. Other ratios 
may be used depending on process configuration. 

Retention time 1–10 days Varies based on reactor type, microbial adaptation, 
and operation conditions. 

Methane yield 90–100 % Based on CO2 conversion efficiency; nearly full 
conversion under optimal conditions. 

Hydrogen 
solubility 

~1.6  
(at 1 bar, 35 °C) 

mg/L 
Improves with increasing pressure; solubility 
limitations impact gas-liquid transfer efficiency. 

Gas–liquid 
transfer rate 

0.2–2.5 m³/m³reactor/day Dependent on reactor design; optimized gas 
diffusion mechanisms enhance efficiency. 

 
1 Compiled from Götz et al. (2016), Illi et al. (2021), and Zhao, Li & Dong (2021). 
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Methane content 
in output 

95–99 % After H₂ utilization, nearly pure methane is 
produced. Some systems exceed 99% purity. 

CO2 conversion 
efficiency 

85–100 % Typically near full conversion under optimal 
conditions; influenced by gas retention time. 

Organic Loading 
Rate 

2–10 kg COD/m3/day 
Affects microbial activity and methane production; 
excessive loading can lead to process instability. 

Hydraulic 
Retention Time 

1–10 days 
Residence time of substrates in the reactor; longer 
HRT improves microbial adaptation and CO2 
conversion. 

H2 conversion 
efficiency 

50–99 % 
Efficiency varies by reactor type and operating 
conditions; enhanced mixing and gas recirculation 
improve utilization. 

CH4 production 
rate 

0.2–4.8 m3/m3
reactor/day Influenced by reactor configuration and operational 

factors; gas recirculation increases performance. 

Mixing speed 50–200 rpm 
Optimal speeds enhance gas-liquid transfer; 
excessive stirring may disrupt microbial stability. 

2.1.3  Characteristics of biological methanation 

Biological methanation is quite resistant to CO2 impurities in the feedstock due to the 

adaptability of microbial communities, making it a robust option for integrating with AD 

system. Unlike catalytic methanation, which is highly sensitive to impurities, biological 

methanation can tolerate a wider range of feedstock compositions. Additionally, biological 

methanation enables a faster recovery after process interruptions, as methanogens can 

resume methane production within hours following H2 starvation, whereas catalytic systems 

require reheating to operational temperature, making them less flexible for intermittent 

operation. (Carballa, Regueiro & Lema, 2015; Savvas et al., 2018; Strübing et al., 2018) 

Moreover, flexible ramping eliminates the need for CAPEX-intensive and potentially 

hazardous hydrogen storage, enhancing both cost efficiency and operational safety. 

Biological methanation, however, does come with some challenges. Compared to catalytic 

methanation, the process tends to have a lower product gas pressure, which may result in 

additional energy costs if the produced methane needs to be compressed for grid injection 

(Chatzis, Gkotsis & Zouboulis, 2024). Furthermore, the effluent from biological processes 

is wastewater, which requires more intensive water treatment than more easily manageable 

effluent from catalytic processes.  

Both Rittmann (2015) and Thema et al. (2019) state that a critical factor limiting the methane 

production in biological systems is the low solubility of hydrogen in the digester liquid, 

which can restrict the availability of hydrogen for the methanation reaction. Fenske, Strübing 
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and Koch (2023) further note that the low solubility of hydrogen in water significantly limits 

the methanation process, with solubility at 37 °C being over 700 times lower and at 55 °C 

over 500 times lower than that of CO2. Shang et al. (2023) describe how in-situ hydrogen 

supply enhances hydrogen mass transfer by producing smaller bubbles, increasing gas 

holdup and gas-liquid contact area. This was observed in a lab-scale experiment, where it 

led to improved hydrogen dissolution and higher methane production rates, making in-situ 

supply a more efficient method for biological methanation compared to ex-situ supply. 

Another challenge in the in-situ process, that Faria et al. (2025) state, is the presence of 

methane in the biogas stream, which is problematic due to the reversible nature of the 

Sabatier reaction. This can hinder the efficiency of methane production, as the reverse 

reaction may be favoured under certain conditions. 

2.1.4  Reactor types in biological methanation 

Biological methanation utilizes different reactor types to optimize methane production from 

CO2 and H2. The choice of reactor impacts efficiency, energy consumption, and scalability. 

Trickle Bed Reactors (TBRs) and Continuous Stirred Tank Reactors (CSTRs) are the most 

widely studied, with TBRs offering lower energy requirements and CSTRs providing stable, 

high-efficiency operation. Bubble Column Reactors (BCRs) and Membrane Reactors (MRs) 

present alternative designs, each with unique advantages and limitations. Table 4. 

summarizes key reactor types used in biological methanation, highlighting their 

characteristics, benefits, and challenges.  

Table 4. Various reactor types used in biological methanation.  

Reactor 
type 

Description Input gases Advantages Disadvantages References 

Trickle 
Bed 

Reactor 
(TBR) 

Uses a high-
surface area for 
efficient CO2-to-
CH4 conversion, 
operating without 
stirring. 

Raw biogas or 
CO2-rich stream 
with H2. Without 
stirring, relies on 
continuous trickle 
or spray of liquid.  

Low energy 
consumption, 
resilient to 
impurities, 
long-term 
stability. 

Lower 
volumetric CH4 
production due to 
reduced 
microbial hold-
up. 

Fenske et 
al., 2023; 
Thema et 
al., 2019 

Continuous 
Stirred 

Tank 
Reactor 
(CSTR) 

Most developed 
technology, 
maintains 
controlled 
conditions for 
stable operation. 

Raw biogas or 
CO2-rich stream 
with H2. Stirring 
enables efficient 
gas-liquid 
contact. 

High CO2 
conversion 
efficiency, 
flexible pH & 
microbial 
control, large-
scale viability. 

High energy 
demand (stirrer 
consumes  
2–2.5% of 
electrolysis 
power). 

Jiang et al., 
2022; 
Elhaus et 
al., 2024 
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Bubble 
Column 
Reactor 
(BCR) 

Gas is dispersed 
as small bubbles 
in liquid to 
increase gas-
liquid contact. 

Raw biogas, CO2-
rich stream, pure 
CO2 with H2. Gas 
dispersed as small 
bubbles in liquid, 
enhancing CO2-
to-CH4 conversion 

High gas-liquid 
contact 
efficiency. 

High energy 
demand for gas 
dispersion. 

Thema et 
al., 2019 

Membrane 
Reactor 

(MR) 

Microorganisms 
immobilized on 
membranes, 
allowing 
controlled gas 
diffusion. 

Primarily high-
purity CO2 + H2. 
Micro-organisms 
immobilized on 
membranes allow 
controlled gas 
diffusion. 

Reduced 
energy 
demand, 
bubble-free 
liquid phase. 

Limited 
scalability, lower 
microbial 
interaction. 

Thema et 
al., 2019 

Upflow 
Anaerobic 

Sludge 
Blanket 
(UASB) 

Wastewater flows 
upward through a 
dense sludge 
blanket with high 
microbial 
activity. 

Raw biogas or 
organic-rich 
wastewater. CO2 
in biogas mix can 
be converted to 
CH4 when H2 is 
added. 

Higher H2-to-
microbe 
contact time, 
enhanced 
microbial 
immobilization. 

Gas-liquid mass 
transfer 
limitations, 
potential sludge 
washout at high 
upflow 
velocities. 

Zhao, Li & 
Dong 
(2021) 

2.2  Catalytic methanation 

Catalytic methanation is a well-established industrial process that enhances the reaction 

between CO2 and H2 using metal-based catalysts, primarily nickel, under controlled high-

temperature and high-pressure conditions (Nemmour et al., 2023). Typically conducted in 

fixed-bed reactors, the process operates within a temperature range of 250–400 °C and 

pressures between 5–50 bar (even up to 100 bar) (Gutiérrez-Martín, Rodríguez-Antón & 

Legrand, 2020; Rogdakis & Koronaki, 2018; Rönsch et al., 2016;). The exothermic nature 

of the methanation reaction allows for thermal energy recovery, which can be utilized for 

steam generation or other industrial applications, although further upgrading may be 

required for specific uses. 

2.2.1  Characteristics of catalytic methanation 

Catalytic methanation achieves >98% CO2 conversion efficiency with significantly shorter 

reaction times than biological methanation. The high product gas pressure facilitates direct 

grid injection, reducing the need for post-compression. Additionally, catalytic methanation 

produces demineralized water, which can be repurposed for electrolysis, further improving 

process efficiency. Table 5. summarizes other characteristics of the catalytic methanation. 
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Table 5. Catalytic methanation characteristics2. 

Parameter Typical range Unit Notes 

Operating pressure 
5–50  

(up to 100) 
bar 

High pressure improves inlet gas conversion and 
facilitate direct grid injection. 

Temperature 250–400 °C 
High temperature is required for catalyst 
activation and optimal reaction kinetics. 

H2/CO2 ratio 4:1 mol/mol 
Stoichiometric ratio for complete methanation; 
variations depend on system design. 

Retention time 0.1–5 seconds 
Rapid reaction due to catalytic acceleration; 
shorter than biological methanation. 

Methane yield >98 % 
Near-complete reactants conversion under 
optimal conditions. 

Gas–solid interaction High - 
Solid-phase catalysts facilitate efficient reaction 
kinetics. 

CO2 conversion 
efficiency 

85–100 % 
High efficiency dependent on catalyst activity 
and reactor conditions. 

Hydrogen conversion 
efficiency 

90–99 % 
Efficient due to catalyst-assisted reaction 
mechanisms. 

CH4 production rate 1–10 m³/m³reactor/day 
Higher production rate compared to biological 
methanation. 

Catalyst type 
Nickel-based, 
Ru, or other 

metals 
- 

Nickel is commonly used; Ru-based catalysts 
provide higher activity but are more expensive. 

Catalyst sensitivity High - 
Impurities such as sulfur, chlorine, and alkalis 
can cause poisoning and deactivation. 

Product gas pressure 5–50 bar 
Higher than in biological methanation, reducing 
the need for post-compression. 

Water byproduct Demineralized - 
Can be reused in electrolysis, improving process 
efficiency. 

Thermal energy 
recovery 

Yes - 
Reaction heat can be utilized for steam 
generation or industrial applications. 

Catalytic methanation is well-suited for applications where high-purity CO2 and hydrogen 

are available. Compared to biological methanation, it requires a smaller reactor footprint due 

to the faster reaction kinetics and higher methane production rates. (Fenske et al., 2023) 

Additionally, Fenske et al. (2023) state that regulatory requirements for grid injections vary 

by country, partly influencing the choice between biological and catalytic methanation. The 

ability to operate at higher pressures offers a distinct advantage for integration into existing 

 
2 Compiled from Faria et al. (2025), Fenske et al. (2023), Gutiérrez-Martín et al. (2020), Nemmour et al. (2023), 
Rogdakis & Koronaki (2018), and Rönsch et al. (2016). 
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gas infrastructure, making catalytic methanation a competitive option for large-scale 

synthetic methane production. 

Utility and effluent management in catalytic methanation is generally simpler than in 

biological methanation. Unlike biological systems, which generate wastewater requiring 

treatment, catalytic methanation produces only demineralized water. However, the process 

remains energy-intensive, particularly regarding hydrogen production costs and the need for 

high-purity CO2 to prevent catalyst poisoning. (Fenske et al., 2023; Rönsch et al., 2016) CO2 

from AD typically contains impurities such as water vapor, sulfur compounds, ammonia, 

volatile organic compounds (VOCs), and trace gases like methane, oxygen, and nitrogen, 

which can deactivate catalysts and require extensive pre-treatment. Nickel-based catalysts, 

in particular, are highly sensitive to chlorine compounds, tars, alkalis, and sulfur, 

necessitating stringent gas pre-treatment. (Rönsch et al., 2016) 

Beyond purity concerns, CO2 pressure is another critical factor for catalytic methanation 

efficiency. The process operates at elevated pressures (typically 5–50 bar, and up to 100 bar 

in some systems) to enhance reaction kinetics and methane yield. (Gutiérrez-Martín, 

Rodríguez-Antón & Legrand, 2020; Rogdakis & Koronaki, 2018) However, CO2 from AD 

is generally available at low pressure, requiring additional compression, which increases 

operational costs and energy demand. Integrated solutions, like pressure-swing adsorption 

(PSA) or direct pressurized CO2 capture, may help mitigate these issues (Faria et al., 2025). 

Moreover, catalytic methanation requires stable operation and does not tolerate rapid load 

fluctuations. Sudden changes in hydrogen supply or process conditions can cause thermal 

stress and catalyst deactivation, leading to inefficiencies (Faria et al., 2025). In contrast, 

biological methanation is significantly more robust, tolerating variations in hydrogen supply 

and even prolonged interruptions, with the ability to resume operation after days of inactivity 

without significant process degradation (Nemmour et al., 2023; Rönsch et al., 2016). 

2.2.2  Simultaneous CO2 capture and catalytic methanation 

Faria et al. (2025) discuss the ex-situ integration of CO2 capture and methanation within a 

single system, offering advantages in space efficiency, energy consumption, and process 

simplicity. This approach relies on a cyclic process, where a CO2 adsorbent first captures 

CO2 from the gas stream, releasing a purified gas output. Once the adsorbent reaches its 
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saturation point, hydrogen is introduced, regenerating the adsorbent while simultaneously 

facilitating methanation, leading to the production of CH4-rich gas.  

There are three main configurations for this process, see Figure 4. and Figure 5. The 

sequential setup (Figure 4a) employs separate units for CO2 capture and methanation, 

allowing for independent optimization of operation conditions for each stage. Alternatively, 

the integrated configurations (Figure 4b1 and b2) combine adsorption and methanation 

within a single reactor, with either a layered (b1) or mixed (b2) bed arrangement of adsorbent 

and catalyst materials. 

 

Figure 4. Configurations for simultaneous CO2 capture and catalytic methanation (Faria et 
al., 2025). 

A further advancement in reactor design is the use of dual-function materials (DFMs), which 

integrate adsorption and catalytic functions into a single material (Figure 5.). These materials 

contain both a CO2 adsorption phase (such as CaO, Na2CO3, or K2CO3) and an active 

methanation phase (such as Ni or Ru) supported on high-surface-area materials (e.g., Al2O3). 

DFMs allow CO2 capture and methanation to occur at a particle scale, minimizing mass and 

heat transfer resistances. This setup eliminates the need for separate adsorbent and catalyst 

layers, simplifying reactor handling and potentially enhancing overall efficiency. (Faria et 

al., 2025) 
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Figure 5. Integrated CO2 capture and methanation using DFMs (Faria et al., 2025). 

In dual-reactor systems, CO2 capture and methanation alternate between two reactors, 

ensuring continuous methane production but requiring advanced process control to manage 

simultaneous reactions and optimize adsorption-desorption dynamics. In single-reactor 

systems, CO2 is captured and converted within the same unit using DFMs, which improve 

compactness and efficiency. However, in both cases, optimizing operation conditions 

remains critical, as adsorbents and catalysts often have distinct temperature and pressure 

requirements, necessitating precise process control. 

2.3  Key considerations for methanation in biogas plants 

Integrating methanation with AD enables the production of e-methane by converting 

biogenic CO2 and renewable hydrogen into e-methane. This section examines the key 

technical, operational, and economic factors influencing scalable implementation. Table 6. 

summarizes these critical aspects, that are explored more in detail in the following chapters. 
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Table 6. Key topics in integration of methanation with AD-based CO2 and renewable energy. 

Topic Description 

Greenfield vs. 
brownfield approach 

The advantages and challenges of building a new e-methane plant versus 
retrofitting an existing biogas plant, considering infrastructure, investment 
costs, and operational synergies. 

Biogas plant 
requirements 

The integration considerations for biogas plants, including feedstock 
requirements, CO2 purity, and the infrastructure needed to support 
methanation. 

CO2 recovery 
Methods and technologies for capturing and purifying CO2 from biogas for 
methanation, including separation techniques and quality considerations for 
different methanation processes. 

Green hydrogen via 
electrolyzer 

The role of electrolyzers in hydrogen production, considering different 
electrolyzer technologies, their efficiency, and compatibility with renewable 
energy integration. Includes electrolyzer sizing considerations based on CO2 
availability and plant operation hours. 

Sourcing renewable 
electricity 

The importance of renewable electricity sourcing through Power Purchase 
Agreements (PPAs), grid electricity with Guarantees of Origin (GoO), and 
dynamic operation strategies for optimizing efficiency. 

Process concept 
Key equipment required for e-methane production, space requirements, and 
the integration points between biogas plants and methanation facilities. 
Includes system scalability and modularity considerations. 

Environmental impacts 
of methanation pathways 

The climate impact of biological and catalytic methanation, measured in  
CO2-eq. emissions per MWh of e-methane. Lower Global Warming Potential 
(GWP) improves regulatory compliance, enhances eligibility for RFNBO 
classification, and enables higher market prices by unlocking incentives, 
compliance market access, and premium pricing in voluntary carbon markets. 

E-methane sales 

Exploring different market outlets for e-methane, including gas grid 
injections, liquefaction for transport, and integration with biomethane. The 
impact of mass balancing, regulatory compliance, and RFNBO status on 
market pricing and sales strategies. 

2.3.1  Generalized concept 

Figure 6. illustrates a generalized process for biological methanation integrated with 

anaerobic digestion (AD) and biogas upgrading. The feed gas to biological methanation can 

be either raw biogas from the AD plant or a CO2-rich stream from the biogas upgrading unit. 

A key feature of this system is the electrolyzer, which operates using renewable electricity 

to produce hydrogen (H2) from purified water, with oxygen (O2) as a byproduct. The H2 is 

fed into the biological methanation reactor, where it reacts with CO2 to produce e-methane 

(CH4), increasing the overall methane yield of the plant. 
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The methane-rich gas stream is then processed in the gas upgrading unit, ensuring a high-

purity methane output. The final biomethane product can be either compressed and injected 

into the gas grid or liquefied for transportation or industrial use. 

 

Figure 6. Biological methanation integration with AD and renewable electricity. 

2.3.2  Greenfield vs. brownfield approach 

When integrating methanation with AD system and renewable energy, two main approaches 

exist: greenfield and brownfield projects. Greenfield projects involve building entirely new 

e-methane plants, enabling optimal system design and integration with renewable electricity, 

making them ideal for ex-situ methanation. Brownfield projects retrofit existing biogas 

facilities by leveraging existing infrastructure, reducing both costs and environmental 

impact. This typically favor in-situ methanation, although ex-situ adaptations are also 

possible. While greenfield projects offer design flexibility, brownfield retrofits benefit from 

cost savings but may face compatibility challenges and regulatory hurdles. (Lepage, 2023) 

Table 7.  summarizes key differences between these approaches.  
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Table 7. Comparison of greenfield and brownfield approaches for methanation integration.  

Greenfield project 

Description In-situ / ex-situ Advantages Challenges 

Construction 
of a new e-
methane 
plant from 
scratch. 

More suitable 
for ex-situ 
methanation, as 
it allows for a 
fully optimized, 
standalone 
methanation 
reactor. 

- Ample space for construction. 
- Better planning due to open 
land access. 
- Less unknown factors. 
- Size of property is not an 
issue. 
- Flexibility to use larger 
equipment. 
- Future expansion possibilities. 

- High CAPEX for new additional 
infrastructure. 
- Long permitting & planning time. 
- Road posting might affect 
deliveries and schedule. 
- Limited local suppliers. 
- Additional costs due to location 
and temporary offices (power, 
facilities, and warehouse space). 

Brownfield project 

Description 
In-situ / ex-situ 

perspective 
Advantages Challenges 

Retrofitting 
existing 
biogas 
plants for e-
methane 
production. 

More suited for 
in-situ 
methanation, as 
existing AD 
plants can be 
adapted to 
integrate 
hydrogen 
injections 
directly. Ex-situ 
methanation is 
also possible but 
may require 
additional 
modifications. 

- Utilizes existing biogas 
production infrastructure 
- Lower CAPEX and reduced 
environmental impact. 
- CO2 recovery and upgrading 
may already be in place. 
- Existing accessibility for 
deliveries and workers. 
- Some cities might offer tax 
incentives. 
- Historical data such as 
Geotech and plats (detailed 
maps/surveys) might be 
available. 
- Can increase property value to 
nearby properties. 

- Ensuring compatibility between 
old and new systems. 
- Potential delays due to regulatory 
and permitting challenges. 
- Zoning and permitting 
requirements might be the limiting 
factor. 
- Potential hazardous material on 
site and in soil. 
- Demolition activities might 
increase development costs. 
- Finding the right land with the 
required sizing requirement might 
be difficult. 
- Limited storage space for 
material. 

2.3.3  Biogas plant requirements 

The successful integration of methanation into biogas plants depends on several key 

technical and operational factors. The biogas plant must supply a sufficiently pure CO2 

stream, ensure proper interfacing with hydrogen supply, and provide adequate infrastructure 

to accommodate methanation technology. These requirements vary based on whether the 

methanation process is in-situ or ex-situ. 

In-situ methanation is feasible only for biological methanation, where methanogenic archaea 

naturally convert CO2 and H2 into methane under anaerobic conditions. This approach allows 

direct H2 injection into the digester, leveraging existing infrastructure without major 
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modifications. However, it requires precise control of pH, hydrogen solubility, and microbial 

stability to maintain optimal conversion efficiency. 

Catalytic methanation, in contrast, is strictly ex-situ due to fundamental process constraints. 

Unlike biological methanation, catalytic reactions require high temperatures (250–400 °C) 

and elevated pressures (5–50 bar, up to 100 bar). These conditions are incompatible with 

anaerobic digestion operating at much lower temperature and near-atmospheric pressure. 

Also, catalysts are highly sensitive to impurities (sulfur compounds and VOC), necessitating 

extensive AD-based CO2 purification before methanation. Hydrogen handling and flow 

control are also critical, as catalytic systems require steady H2 feed rate. 

APPENDIX 1. summarizes the key requirements for integrating methanation into biogas 

plants, distinguishing between in-situ biological, ex-situ biological, and ex-situ catalytic 

methanation approaches. 

2.3.4  Modularity and scalability in methanation integration 

Methanation systems can be scaled by adjusting CO2 recovery, hydrogen production, and 

reactor capacity. Greenfield projects offer greater flexibility for system expansion, while 

brownfield retrofits are influenced by existing infrastructure constraints. Ex-situ 

methanation provides higher scalability than in-situ approaches, as it operates independently 

of anaerobic digestion limitations. In some cases, external CO2 or hydrogen can also be 

integrated to optimize production capacity. 

Methanation plants utilize containerized reactors, modular electrolyzers, and scalable CO2 

recovery units, allowing gradual expansion based on demand. Electrolyzers are inherently 

modular, enabling capacity increases by adding units. Similarly, CO2 upgrading and 

methanation units can be expanded or relocated as needed. This modularity supports cost-

efficient deployment, operational flexibility, and seamless integration with existing biogas 

infrastructure. 
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2.3.5  CO2 recovery and storage 

Biogas naturally contains a high concentration of CO2, and many AD plants implement 

upgrading process to enhance biomethane purity, enabling the production of liquefied biogas 

(LBG) or compressed biogas (CBG) for energy applications. These upgrading processes 

further increase the CO2 concentration in the separated off-gas stream, enabling its recovery 

into methanation integration. CO2 recovery ensures that the separated CO2 meets the 

necessary purity for efficient conversion into e-methane. Hence, the upgrading technologies 

used in AD plants not only improve biomethane quality but also condition the CO2 stream 

for methanation. These technologies, presented in Table 8. and Table 9., play a vital role in 

ensuring CO2 availability and suitability for methanation processes. 

The effectiveness of CO2 recovery depends on the separation method used. Technologies 

such as chemical absorption, membrane separation and pressure swing adsorption are widely 

applied to capture CO2 with varying energy requirements, methane slip, and purity levels. 

Among these, physicochemical sorption – which includes both adsorption (gas retention on 

solid surfaces) and absorption (gas dissolution in liquids) – relies on fundamental chemical 

interactions to selectively capture CO2, H2S, and other contaminants from the gas stream. 

(Swinbourn, Li & Wang, 2024) 

The efficiency of CO2 separation is largely governed by its solubility in water and other 

solvents, which is influenced by both temperature and pressure. Figure 7. illustrates the 

solubility dynamics of CO2 and CH4 in water, showing that CO2 solubility decreases with 

increasing temperature, while CH4 remains virtually insoluble across the temperature range. 

According to Henry’s Law, gas solubility is directly proportional to its partial pressure, 

which is a function of the total system pressure and the concentration of the gas in the 

mixture. Therefore, increasing the total pressure raises the partial pressures of CO2 and CH4, 

enhancing their potential to dissolve – though CH4 still dissolves only minimally. This 

principle underpins water-based absorption technologies, where lower temperatures and 

elevated pressures improve CO2 absorption, facilitating its separation from methane in 

biogas upgrading. (Swinbourn, Li & Wang, 2024) 
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Figure 7. Solubility of CH4 and CO2 in water (Swinbourn, Li & Wang, 2024). 

Table 8. Comparison of biogas upgrading technologies3. 

Technology Description Technical parameters Key considerations 

Amine 
scrubbing 

(AS) 

Uses an amine solution to 
selectively absorb CO2, producing 
high-purity CO2 and very low 
CH4 slip. 

Operates at 1–2 bar, 
solvent regenerated at 
120–160 °C. 

Pre-treatment required for 
high H2S levels to prevent 
solvent poisoning and 
increased thermal energy 
demand. 

Cryogenic 
separation 

(CS) 

Uses extremely low temperatures 
to liquefy and separate CO2, 
achieving high CH4 purity. 

Operates at 10–80 bar, 
temperature range: −25 
to −110°C, outlet 
pressure: 8–10 bar. 

High-purity CH4 output, 
low methane losses, 
environmentally friendly 
but high energy demand. 

High-
pressure 

water 
scrubbing 

(HPWS) 

Uses water to absorb CO2 and 
H2S. A flash tank recovers CH4 
traces to reduce methane slip. 

Operates at 6–10 bar, 
uses water as 
absorbent, methane 
exits at high pressure. 

High water consumption 
compared to other 
technologies. CO2-rich off-
gas is stripped with air at 
atmospheric pressure. 

Membrane 
contactor 

(MC) 

Uses hollow fiber membrane 
contactors to separate CO2 from 
CH4 via a liquid absorption 
medium, reducing CH4 losses and 
enhancing efficiency. 

Operates at 2–6 bar, 
absorption liquid can 
be amine-based or 
water-based, compact 
modular setup. 

Lower energy 
consumption than PSA, 
reduced CH₄ slip, and 
scalable design but may 
require periodic membrane 
replacement. 

Membrane 
permeation 

(MP) 

Uses polymeric membranes for 
CO2 separation. A three-stage 
configuration improves CH4 
retention. 

Operates at 10–15 bar, 
selective membranes 
retain CO2. 

No water, chemicals, or 
thermal energy required, 
but high electricity demand 
due to compression. 

Potassium 
carbonate 
scrubbing 

(PCS) 

Similar to AS but uses K2CO3 
instead of amines. More cost-
effective and less toxic. Produces 
high methane purity with low CH4 
losses. 

Operates at ~8 bar, 
solvent regenerated at 
120–140 °C. 

Pre-treatment needed for 
high H2S levels. Lower 
thermal energy 
requirement than AS. 

 
3 Houlker et al. (2021), Lombardi & Francini (2020), and Swinbourn, Li & Wang (2024). 
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Pressure 
swing 

adsorption 
(PSA) 

Uses adsorption beds (molecular 
sieves) to retain CO2. CO2-rich 
off-gas is sometimes recirculated 
to reduce CH4 losses. 

Operates at 4–10 bar, 
cyclic 
adsorption/desorption 
process. 

Produces lower methane 
purity than solvent-based 
technologies. Higher 
methane slip. 

Temperature 
swing 

adsorption 
(TSA) 

Uses thermal energy instead of 
pressure changes to regenerate the 
adsorbent. 

CO2 adsorption 
temperature: 20 °C, 
desorption temperature: 
75 °C, CO2 pressure: 
0.15 bar (adsorption), 
0.4 bar (desorption). 

Low energy requirement, 
supports high CO2 
capacity, operates as a 
continuous process. 

Vacuum 
swing 

adsorption 
(VSA) 

Uses vacuum pressure to 
regenerate adsorbents, reducing 
CH4 slip and improving 
efficiency. 

Feed pressure: 2 bar, 
vacuum pressure: 0.06-
0.20 bar, feed time: 
20–40 s, temperature: 
40 °C. 

Lower operating costs than 
PSA, less sensitive to 
humidity, and requires low 
energy input. 

 

Table 9. Characteristic parameters of biogas upgrading technologies per Nm3 of raw biogas4.  

Technology 
Methane 
purity,  
vol-% 

CH4 
losses, 
vol-% 

Electric 
energy 

consumption, 
kWh/Nm3 

Thermal 
energy 

consumption, 
kWh/Nm3 

Water 
consumption, 

l/Nm3 

Amine scrubbing  
(AS) 

96–99.9 0.03–1 0.05–0.25 0.30–0.75 
Minimal 

(recycling 
common) 

Cryogenic separation 
(CS) 

97–99 <2 1.0–5.0 N.D. Negligible 

High-pressure water 
scrubbing 

(HPWS) 
95–98 0.5–3 0.19–0.50 N.D. 0.01–0.6 

Membrane contactor (MC) 97–99 0.1–2 0.10–0.40 0.20–0.50 Minimal 

Membrane permeation 
(MP) 

95–98 0.3–4 0.18–0.77 N.D. Negligible 

Potassium carbonate 
scrubbing 

(PCS) 
97–99 0.04–0.08 0.20–0.25 0.43–0.65 

Minimal 
(depends on 

solvent 
regeneration) 

Pressure swing adsorption 
(PSA) 

90–99 1–5 0.16–0.46 N.D. Negligible 

Temperature swing 
adsorption 

(TSA) 
97–99 <2 0.10–0.35 N.D. Negligible 

Vacuum swing adsorption 
(VSA) 

96–98 <3 0.15–0.40 N.D. Negligible 

 

If CO2 storage is considered, it means that the CO2 from AD must be liquefied (LCO2) for 

efficient and practical storage. This approach introduces several critical factors that must be 

 
4 Houlker et al. (2021), Lombardi & Francini (2020), Swinbourn, Li & Wang (2024), and Wantz et al. (2023). 
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considered during the design and operation of methanation systems. Some of the key 

advantages and challenges associated with LCO2 storage are summarized in Table 10.  

Notably, while LCO2 storage can act as a buffer for the methanation process, it is generally 

less critical than hydrogen storage, as biogas plants typically operate continuously 

throughout the year, whereas electrolyzers are typically operated only when RFNBO-eligible 

electricity is available. Although LCO2 storage may facilitate external CO2 use, its CAPEX 

impact is substantial, requiring additional infrastructure, including truck unloading systems. 

Furthermore, safety concerns associated with liquefied CO2 necessitate careful consideration 

during the system design phase.  

Table 10. Advantages and challenges of LCO2 storage for methanation systems integration. 

Advantages Challenges 

Enables external CO2 use: LCO2 can be sourced 
from external sources and stored at the site for use 
in the methanation process. 

High CAPEX: Significant capital expenditure is 
required for LCO2 storage infrastructure, including 
tanks, compressors, and supplementary facilities, 
such as truck unloading systems. 

Buffer for production fluctuations: LCO2 
storage can act as a temporary buffer when 
electrolyzers are not in operation, preventing the 
formed CO2 from being released into atmosphere. 

Safety concerns: Liquefied CO2 poses potential 
safety risks, including leakage or accidental release, 
requiring specialized safety measures. 

Potential to increase plant efficiency and 
sustainability: By storing excess CO2 instead of 
releasing it into atmosphere, LCO2 storage 
prevents emissions and supports sustainability 
goals, while improving plant efficiency by 
enabling the future use of stored CO2. 

Regulatory and permitting challenges: LCO2 
storage requires specific environmental permits, 
which can delay implementation due to site 
assessments and regulatory compliance. 

Stored LCO2 can generate additional revenue: 
By storing LCO2 and selling it for external 
applications, plants can create an extra revenue 
stream, improving overall economics. 

Environmental risks: Potential risks include leaks 
or contamination, particularly with geological or 
long-term LCO2 storage, raising concerns over long-
term environmental impacts. 

2.3.6  Green hydrogen production via electrolyzers 

Power-to-hydrogen concept plays a key role in integrating renewable electricity into the 

methanation process. Electrolyzers use electricity to split water into hydrogen and oxygen, 

enabling production of green hydrogen. Cavaliere (2023) mentions, that despite its potential, 

hydrogen production via electrolysis currently accounts for only 4% of global hydrogen 

production, mainly due to high production costs, energy losses, and infrastructure gaps.  

Three most mature electrolyzer technologies for hydrogen production are briefly described 

below, with additional details provided in Table 11.  
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Alkaline electrolyzer cell (AEC): a well-established hydrogen production technology, 

commercially used since the 1920s, particularly in the fertilizer and chlorine industries. 

Large-scale AEC systems, reaching up to 165 MWe, were once widely deployed in 

hydropower-rich countries but declined with the rise of natural gas-based hydrogen 

production in the 1970s. (IEA, 2019) Despite this, AECs remain a cost-effective option due 

to their use of non-precious materials and relatively low capital costs. AECs operate typically 

with a concentrated potassium hydroxide electrolyte, using nickel-coated stainless-steel 

electrodes separated by a zirconium dioxide (ZrO2)-based diaphragm to transport hydroxyl 

ions (OH-) while preventing gas crossover. (IRENA, 2020) They offer a flexible load range 

from 10% to full capacity, making them suitable for variable renewable energy integration 

(IEA, 2019). A key challenge is potential gas intermixing, which is mitigated by thicker 

diaphragms (~0.25 mm) and spacers, though these increase resistance and lower efficiency. 

Modern AECs address this with thinner diaphragms, zero-gap electrode designs, and 

advanced electrocatalysts, improving efficiency and closing the performance gap with PEM 

electrolyzers (IRENA, 2020). While AECs typically operate at lower current densities and 

are less suited for high-pressure applications than PEM and SOEC, they offer excellent 

durability, with operational lifetimes exceeding 30 years, making them attractive for large-

scale, cost-efficient hydrogen production. (IEA, 2019; IRENA, 2020) 

Proton exchange membrane (PEM): introduced by General Electric in the 1960s, was 

developed to address several limitations of alkaline electrolyzers (AEC) (IEA, 2019). Unlike 

AECs, PEM electrolyzers operate using pure water as the electrolyte, eliminating the need 

for potassium hydroxide handling and recycling. This design makes them more compact and 

well-suited for urban environments, where space constraints favor decentralized hydrogen 

production and storage. (IEA, 2019) One of the key advantages of PEM technology is its 

high operating pressure, typically reaching 30–60 bar without additional compression and 

up to 100–200 bar in some systems, significantly exceeding the 1–30 bar range of alkaline 

electrolyzers (IEA, 2019). This feature enables direct hydrogen storage and reduces the need 

for costly downstream compression. Additionally, PEM electrolyzers demonstrate excellent 

dynamic performance, with an operating range from zero load up to 160% of nominal 

capacity, making them highly suitable for grid balancing and flexible operation. (IEA, 2019) 

The core component of PEM electrolyzers is a perfluorosulfonic acid (PFSA) membrane, 

which functions as both an electrolyte and gas separator. This thin (0.2 mm) membrane is 

chemically and mechanically robust, allowing for high-pressure differentials and 
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contributing to improved system compactness. However, the acidic operation environment, 

combined with high voltages and oxygen evolution at the anode, creates a highly oxidative 

atmosphere. To ensure long-term stability and efficiency, PEM electrolyzers require 

titanium-based components, noble metal catalysts such as platinum and iridium, and 

protective coatings. (IRENA, 2020) These material requirements contribute to the higher 

cost of PEM stacks compared to alkaline electrolyzers. Despite these advantages, durability 

and lifetime remain key challenges. PEM electrolyzers are prone to performance degradation 

due to increased ohmic resistance, gas crossover, and potential mechanical failures. 

(Cavaliere, 2023) Additionally, they are highly sensitive to water impurities such as iron, 

copper, chromium, and sodium, which can lead to calcination and reduced efficiency if not 

properly managed (IRENA, 2020). While PEM technology continues to evolve, addressing 

these limitations is essential for its broader commercialization and long-term viability. 

Solid oxide electrolyzer cell (SOEC): a high-temperature electrolysis technology that 

operates at temperatures between 700–850 °C, allowing for favourable reaction kinetics and 

the use of relatively low-cost nickel-based electrodes (IRENA, 2019). Among electrolyzer 

technologies, SOEC is the only one that utilizes steam as an input. Due to their elevated 

operating temperatures, SOECs can achieve high electrical efficiencies, as part of the energy 

required for water splitting is provided in the form of heat rather than electricity. This results 

in apparent efficiencies exceeding 100% when waste heat from external sources – such as 

industrial processes, methanation, or Fischer-Tropsch synthesis – is utilized. (IRENA, 2019; 

IEA, 2020) Potential heat sources could also include nuclear power plants, solar thermal 

energy, or geothermal systems (IEA, 2020). A key advantage of SOEC technology is its 

reversibility, meaning it can function as both an electrolyzer and a fuel cell, converting 

hydrogen back into electricity when needed. This flexibility allows SOECs to contribute to 

grid balancing services when integrated with hydrogen storage systems, improving the 

overall utilization rate of the equipment. (IEA, 2020) Additionally, SOECs enable co-

electrolysis, where both steam and CO2 are electrolyzed simultaneously to produce syngas 

(H2 + CO), a valuable feedstock for synthetic fuel production (IRENA, 2019). Despite these 

advantages, material degradation remains a major challenge. High operating temperatures 

cause thermal stress, leading to faster degradation during shutdown and ramping periods. 

For instance, Peng (2023) reports degradation rates of 2–3.2% within 1 000–1 300 hours at 

800–850 °C with 43–50% relative humidity steam, with the remaining gas likely consisting 

of H2 or N2. Other degradation mechanisms include sealing issues under high differential 
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pressures, contamination from silica-based sealants, and impurities introduced through 

piping and interconnects (IRENA, 2019).  Due to these challenges, SOECs remain the least 

developed electrolyzer technology and have not yet reached commercial deployment. Some 

demonstration projects have begun scaling up, with some reaching MW-scale. (IEA, 2020)  

Table 11. High-level comparison of water electrolyzer types5. 

Electrolyzer type AEC PEM SOEC 

Vendor examples 

Hydrogen Pro, McPhy, 
Rely, LONGi, PERIC, 

Green Hydrogen 
Systems, Sunfire, Nel 

Siemens, Nel, Ohmium, 
Plug Power, Accelera by 

Cummins 

Haldor Topsoe, 
Sunfire, Bloom 

Energy 

Technology maturity Commercially available Commercially available Demo-scale 

Operating temperature, °C 60–80, up to 200 (demo) 50–80 500–1 000 

Pressure, bar 
Atmospheric 1.03 
Pressurized 15–30 

Atmospheric 1.1 
Pressurized 20–50, up to 

350 (demo) 
3–30 

Electricity consumption, 
kWh / Nm3 H2 

4.2–7.0 4.2–7.5 2.5–3.5 

Cell voltage, V 1.8–2.4 1.7–2.2 0.7–1.5 

Voltage efficiency, % Low Moderate High 

System efficiency electrical, 
full load, % 

50–70 (LHV) 50–70 (LHV) 74–85 

Average lifetime of stack, h 60 000 – 90 000 30 000 – 90 000 10 000 – 30 000 

Stack size, MWe 
Atmospheric ~2–20 
Pressurized ~5–10 

Atmospheric ~0.5–1 
Pressurized ~1 

0.15–1.2 

H2 production rate, 
kg / h / stack 

Atmospheric 50 
Pressurized 100 

Atmospheric 15 
Pressurized 20 

32 

Hydrogen purity, (%) >99.8 99.999 99.9 

Footprint, m2 / kWe 
Atmospheric ~0.05 

Pressurized ~0.1 
Atmospheric ~0.15 

Pressurized ~0.1 
0.023–0.025 

Stack degradation, % / a 1–1.5 1–2 2–3.2 

Operation range, 
% / stack 

Atmospheric ~15–100 
Pressurized ~40–100 

Atmospheric ~0–100 
Pressurized ~10–100 

~50–100 

Capital cost estimation (2025), 
EUR / kW  

Atmospheric ~500 
Pressurized ~800 

620–1 170 (in 2020) 

Atmospheric ~900 
Pressurized ~1 300 

1 090–1 650 (in 2020) 
>1 560 

Rough cost of H2 production, 
USD / kg6 

4–6 4–6 2–8 

 

 
5 Cavaliere (2023), IEA (2019), IRENA (2020), Nemmour et al. (2023), Peng (2023), and Prosser et al. (2025). 
6 The levelized cost of H2 is a complex metric influenced by a range of parameters, including CAPEX structure, 
electricity pricing, electrolyzer efficiency, capacity factor, OPEX, and financial assumptions. Variations in 
these inputs – particularly CAPEX and electricity costs – can significantly impact the final cost estimate. 
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Electrolyzer sizing 

Indicative electrolyzer size for methanation can be determined based on stoichiometric 

reaction presented earlier in Equation 1 and further using Equation 2. 

  
(Equation 2) 

where, 

 Pelectrolyzer = Required electrical power for the electrolyzer. [MWe] 

 mCO2 = Annual amount of CO2. [tn/a] 

 MCO2 and MH2 = Molar masses of CO2 and H2. [g/mol] 

 HHVH2 = Higher Heating Value of hydrogen. [MJ/kg] 

 ηelectrolyzer = Efficiency of the electrolyzer. [%] 

 Hop = Annual operating hours of the electrolyzer. [h/a] 

 3.6 = Conversion factor from MJ to kWh. [-] 

 1 000 = Conversion factors from tn to kg or kW to MW. [-] 

2.3.7  Sourcing of green electricity 

Sourcing green electricity is considered the most critical factor for feasible e-methane 

production, as the electricity used in the electrolyzer makes by far the largest single OPEX 

component in the process. 

The integration of renewable electricity into e-methane production systems can be optimized 

using Power Purchase Agreements (PPAs), which ensure a stable, long-term supply of green 

electricity at a fixed price. This pricing model can be beneficial for both greenfield and 

brownfield projects, enabling more predictable operational costs. However, in many regions, 

renewable electricity supply can be intermittent and fluctuating, which requires dynamic 

operation of the e-methane plant. The ability to ramp production up or down based on the 

availability of low-cost renewable electricity must therefore be considered. When renewable 

energy is abundant and/or in reasonable price level, hydrogen production and methanation 

can be maximized. Figure 8. illustrates the conditions under which electricity qualifies as 

RFNBO-compliant within the EU.  
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Figure 8. Conditions for RFNBO-compliant electricity under EU regulations7. 

2.3.8  Process concept 

A typical e-methane production system incorporates several essential components to ensure 

efficient and sustainable operation. Table 12. provides an overview of the key units and 

requirements for e-methane production at AD plants, applicable to both biological and 

catalytic methanation processes. These systems are crucial for optimizing the production of 

e-methane, whether the plant is established as a greenfield or brownfield project. Moreover, 

table highlights mandatory and optional operations required at different stages of the process, 

from CO2 recovery and hydrogen production to the preparation of the final e-methane 

product. Most of these systems operate ex-situ, with the methanation reactors being one of 

the few components capable of functioning in both in-situ and ex-situ configurations. The 

integration of these components depends on the specific operational requirements of the 

plant, ensuring flexibility and scalability across various configurations. 

 
7 Modified from source Argus Media (2023). 
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Table 12. Conceptual framework and key units for e-methane production at AD plants. 

Unit operation Description 
Mandatory 
/ optional 

In-situ / 
ex-situ 

CO2 recovery system CO2 recovery from biogas to the required purity level. Mandatory Ex-situ 

Electrolyzer Used for hydrogen production via electrolysis. Mandatory Ex-situ 

Methanation system Convert hydrogen and CO2 into e-methane. Mandatory Both 

Gas purification and 
compression units 

Prepare the final e-methane product for grid injection 
or liquefaction. 

Mandatory Ex-situ 

Cooling system 
Maintain desired operating temperatures for 
electrolyzers and methanation reactors, including the 
management of waste heat and other thermal outflows. 

Mandatory Ex-situ 

CO2 liquefaction and 
storage 

Manage CO2 that is not immediately processed. 
Mandatory if other CO2 valorization methods, besides 
e-methanation, are considered. 

Optional / 
mandatory 

Ex-situ 

Energy management 
system 

Optimize heat energy use throughout the production 
process. 

Optional Both 

Hydrogen storage 
system 

Ensure a stable supply of hydrogen for methanation 
when RFNBO-eligible electricity is not available. 

Optional Ex-situ 

Waste heat recovery 
system 

Capture and reuse waste heat from the process to 
improve overall system efficiency and reduce energy 
consumption. 

Optional Both 

 

2.3.9  Global warming potential of methanation pathways 

Methane has a GWP of 28 over a 100-year period (GWP100), indicating that the release of 

one ton of methane is equivalent to 28 tons of CO2. This highlights the ability of methane to 

absorb significantly more heat per molecule than CO2. (IPCC, 2014) 

The global warming potential (GWP) of biological and catalytic methanation pathways is 

described by Goffart De Roeck et al. (2022), see Table 13. GWP is expressed in kg CO2-

equivalent per MWh of e-methane produced. The study compares these pathways using 

LCA, including relevant processes linked to methanation like compression, cooling, sulfur 

removal, and heat exchange. 

The total GWP of both pathways is nearly identical, with a difference of only 0.03 kg  

CO2-eq/MWh CH4 (HHV). The overall GWP is 26.96 and 26.93 kg CO2-eq/MWh CH4 (HHV) 

for biological and catalytic pathways, respectively. More than 90% of the total GWP come 

from the electrolyzer. Goffart De Roeck et al. (2022) note that the wind power used in their 

study was sourced from large-scale (1–3 MWe) on-shore installations in Belgium, 
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contributing approximately 13.8 kg CO2-eq/MWh, with infrastructure being the main 

contributor. Without hydrogen production, the GWP is 1.61 and 1.58 kg CO2-eq/MWh CH4 

(HHV), respectively. The biological pathway has a higher impact from the bioreactor, while 

the catalytic pathway has higher emissions from sulfur removal, compression, and chillers. 

Since both pathways have similar carbon footprints, the choice between pathways might 

depend more on technical feasibility, cost, and infrastructure than on climate impact. The 

study also includes other impacts like resource scarcity and freshwater ecotoxicity, with the 

catalytic pathway producing higher-quality water. The study suggests that further research 

should focus on optimizing the environmental performance of these pathways, particularly 

by improving electrolysis efficiency, reducing bioreactor electricity consumption, and 

exploring alternative configurations for the catalytic reactor. (Goffart De Roeck et al., 2022) 

Table 13. GWP of biological and catalytic methanation8. 

Unit process Efficiency (%) 
Biological methanation 
(kg CO2-eq / MWh CH4) 

Catalytic methanation 
(kg CO2-eq / MWh CH4) 

Biogas compression 75% 0.39 0.80 

Bioreactor 99.8% CO2 conversion 0.77 - 

Catalytic reactors 98% CO2 conversion - 0.016 

Sulfur removal 
Assumed high for catalytic 
(as sulfur must be <10 ppb) 

Minimal (via bioreactor) 0.32 

Chiller 70–80% (estimated) 0.018 0.17 

Silica dryer 85–90% (estimated) 0.43 0.26 

TOTAL  
(excl. electrolysis) 

- 1.61 1.58 
    

Electrolyzer 
(alkaline) 

60–80% 
25.35 * 

(94% of total GWP) 
25.35 * 

(95% of total GWP) 

TOTAL  
(incl. electrolysis) 

- 26.96 
(= 1.61 + 25.35) 

26.93 
(= 1.58 + 25.35) 

* The electricity-to-product ratios for biological and catalytic methanation are 1.89 and 1.90 MWhe / MWhCH4 
(HHV), respectively.  

From a commercial perspective, GWP plays an important role in determining the eligibility 

of e-methane for regulatory incentives and compliance markets. Lower GWP can improve 

the chances of meeting RFNBO criteria, unlocking access to premium pricing and subsidies. 

Also, corporate buyers increasingly prioritize low-carbon fuels to meet sustainability targets, 

making e-methane with a lower GWP more attractive for long-term procurement agreements 

 
8 Goffart De Roeck et al. (2022) 



  45 

 

in decarbonization strategies. Thus, optimizing GWP not only enhances the environmental 

benefits of e-methane but also strengthens its market positioning and financial viability. 

Beyond the comparison of biological and catalytic methanation pathways, integrating 

methanation with AD-based biomethane production can significantly enhance the carbon 

intensity (CI) score of biomethane. By converting biogenic CO2 emissions into additional  

e-methane rather than venting them, this approach effectively lowers the net carbon footprint 

of the biogas upgrading process. As a result, biomethane producers may benefit from lower 

CI scoring in certification schemes, higher eligibility for incentives, and greater market value 

in regulatory-driven fuel markets. This synergy between AD and e-methane production 

strengthens both environmental sustainability and economic viability, making biogas-based 

systems more competitive in low-carbon energy markets, as discussed in the next section. 

2.3.10  Market classification, compliance and sales channels 

In addition to the premium price that RFNBO e-methane receives in compliance markets, 

integrating methanation into AD plants may create additional value by lowering the carbon 

intensity (CI) score of biomethane. Hence, there are two distinct potential revenue streams: 

1. Higher-value RFNBO e-methane, benefiting from regulatory incentives, 

compliance markets, and premium pricing. 

2. Improved biomethane pricing via CO2 utilization in methanation, potentially 

resulting in lower CI rating. This can enhance eligibility for compliance-based fuel 

incentives and increase attractiveness in low-carbon fuel markets. 

In some regulatory frameworks, avoided CO2 emissions from biomethane production can be 

accounted for in CI score calculations, further enhancing its eligibility in markets such as 

Low Carbon Fuel Standards (LCFS), RED III, and FuelEU Maritime. Additionally, CCS can 

further reduce CI scores – often resulting in negative CI values – making biomethane even 

more competitive in decarbonization policies and carbon credit markets. 

However, CO2 allocation must be carefully managed to prevent double counting. Regulatory 

frameworks prohibit the same CO2 savings from being claimed twice – both as a CI reduction 

for biomethane and as a qualifying factor for RFNBO certification of e-methane. Proper 
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tracking and certification mechanisms must be implemented to ensure regulatory compliance 

and to maintain the credibility of both revenue streams in compliance-based fuel markets. 

Market classification and compliance with e-methane production 

During periods with limited renewable electricity availability, the production process faces 

two options. One approach is to shut down the electrolyzer and methanation units, while 

either venting CO2 from the AD process into the atmosphere or storing it as liquefied CO2 if 

applicable. Alternatively, production may continue using non-renewable electricity, 

resulting in a change in fuel classification. When non-renewable or mixed electricity is used, 

the resulting e-methane typically no longer qualifies as an RFNBO and is instead categorized 

as a low-carbon fuel (LCF) or recycled carbon fuel (RCF), depending on the CO2 source, as 

shown in Table 14. Notably, the classification of the resulting fuel is primarily determined 

by the energy input. When fossil electricity is used, the produced fuel is always categorized 

as fossil e-methane, regardless of the CO2 source or type. Additionally, LCF is not a RED 

II/III regulatory category. It is used here as a placeholder for fuels made with biogenic CO2 

or renewable electricity that do not meet the criteria for RFNBO or RCF certification but 

may offer GHG reduction benefits. 
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Table 14. Regulatory classification of e-methane based on CO2 source and electricity type9. 

 

¹ CO2 from steel, cement, petrochemicals, and refineries may be used for RFNBO classification until 2040, 
provided it meets the strict sustainability and GHG savings requirements outlined in EU Delegated Acts. After 
2040, CO2 from these sources will no longer qualify for RFNBO status, regardless of the electricity used. 

² CO2 originating from ethanol fermentation, pulp & paper, or cement with biomass feedstock may qualify for 
RFNBO if it meets the sustainability criteria set in RED III. This includes proving that electricity used in the 
process is renewable and that the biogenic CO2 is not already accounted for in other emissions reduction 
schemes, such as the EU Emissions Trading System (EU ETS) or voluntary carbon markets. 

³ To qualify as RFNBO, electricity used for electrolysis must comply with RED III sustainability rules, 
including additionality (renewable electricity must come from new capacity rather than existing sources), 
temporal correlation (renewable electricity must match hydrogen production within the timeframe required by 
EU law, with rules on this still evolving), and geographical correlation (renewable electricity must be sourced 
from the same bidding zone or an interconnected area). Also, CO2 from biomass combustion must meet the 
GHG reduction thresholds outlined in EU DAs. 

 

The distinction between RFNBO/LCF/RCF/fossil is important, as RFNBO-certified 

e-methane benefits from regulatory incentives, higher demand in decarbonization sectors, 

and eligibility for compliance markets, translating into a significantly higher market price. 

(European Commission, 2025a, 2025b) In contrast, LCF, despite being renewable, is 

 
9 Argus Media (2023), European Commission (2023), European Parliament and Council (2023), ISCC 
System GmbH (2025), REDcert GmbH (2024).   
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generally more widely available and less costly to produce, resulting in a lower market value 

and reduced financial attractiveness in regulated markets. Notably, these referred market 

prices are still dependent on the formation of actual markets for RFNBO fuels, which remain 

in their early stages of development. 

To accelerate market development, the proposed penalty for non-compliance with the 

RFNBO mandate is set at 198 EUR/MWh. This level, based on a rate of 5.5 euro cents per 

megajoule, reflects the higher production costs of RFNBO fuels and aims to incentivize 

investment in production capacity. The penalty is designed to create sufficient economic 

pressure for compliance, particularly during the early transition phase. (Government of 

Finland, 2024) 

Ensuring compatibility with existing biomethane infrastructure is a key advantage of e-

methane, facilitating efficient integration while minimizing additional capital investments. 

Since e-methane can be processed using the same upgrading, injection, and liquefaction 

infrastructure as AD-based biomethane, co-production at the same site offers operational 

synergies. However, when both gases are handled together, specific regulatory and 

certification requirements must be addressed. 

A notable aspect in the commercialization of e-methane and biomethane is the lack of 

standardized terminology and classification for their co-produced liquefied form. 

Biomethane is widely recognized as liquefied biogas (LBG), whereas e-methane is often 

referred to as e-LNG or synthetic LNG. However, current European regulations do not 

provide a universally accepted term for a liquefied blend of these two gases. (European 

Commission, 2025a, 2025b) 

Despite this, the co-liquefaction of e-methane and biomethane is already commercially 

viable under existing regulatory frameworks (European Commission, 2025b). Current 

legislation permits mass balancing, allowing e-methane to be accounted for and sold 

separately within a liquefied methane mix. This means that a supplier can offer a single 

liquefied methane product containing both biomethane and e-methane, while still certifying 

and allocating the e-methane portion under RFNBO classification. FuelEU Maritime and 

RED III both recognize mass balancing as a valid method for tracking and verifying 

renewable fuel attributes, ensuring compliance with regulatory mandates and enabling 

flexibility in fuel distribution. (European Commission, 2025a, 2025b) 
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The classification of liquefied methane mixtures is particularly relevant for compliance 

markets such as maritime transport and road fuels, where different incentive structures apply 

to biogenic methane (LBG) and synthetic methane (e-LNG) under schemes such as FuelEU 

Maritime and the Renewable Energy Directive. (European Commission, 2025a, 2025b) 

Further regulatory clarity is needed on how co-liquefied biomethane, and e-methane will be 

tracked and certified in these sectors to avoid double counting and ensure compliance with 

renewable fuel mandates. 

Both e-methane and biomethane must meet identical grid injection quality and purity 

standards, and regulatory classifications of renewable methane must be carefully managed. 

The certification process is particularly critical, as it determines whether e-methane qualifies 

as an RFNBO fuel, directly influencing market price, eligibility for incentives, and 

compliance with renewable fuel mandates. Unlike CO2 utilization projects, e-methane does 

not generate carbon credits, as its value is derived exclusively from its classification under 

regulatory frameworks rather than direct CO2 offset mechanisms. 

Additionally, mass balancing within the gas grid is essential for verifying renewable content, 

ensuring accurate reporting, and preventing unintended blending of non-renewable sources 

with renewable gases. Proper mass balancing and traceability mechanisms help maintain the 

credibility and premium market positioning of e-methane, ensuring it complies with RFNBO 

eligibility criteria and remains attractive within regulated decarbonization markets. 

E-methane sales 

The sale and utilization of e-methane depend on various factors, including infrastructure 

availability, market demand, and regulatory requirements. E-methane can be injected into 

the natural gas grid or liquefied. When produced alongside biomethane, integrating both 

gases into existing infrastructure improves efficiency and reduces the need for additional 

investment. However, ensuring compliance with purity and quality standards is essential, 

along with addressing regulatory differences and maintaining proper mass balancing to 

verify the renewable content. 

A common marketing route for e-methane involves injection into the natural gas grid, which 

facilitates storage and transport using existing infrastructure. This method allows for 

efficient distribution but requires strict compliance with grid quality standards and 

certification to verify the renewable energy content. 
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Another option is liquefaction, which enhances storage capacity and enables transportation 

over longer distances, particularly for sectors requiring high-density energy solutions. 

Liquefaction involves pressurizing and cooling the gas to low temperature, and this process 

can take place either at the production site or externally after transport via the gas grid. The 

ability to share liquefaction facilities with biomethane further simplifies integration, 

reducing capital expenditure. Table 15. summarizes the different sales outlets and associated 

requirements for e-methane. 

Table 15. Sales channels and requirements for e-methane. 

Natural gas grid 
injection 

E-methane can be 
injected into the natural 
gas grid for storage and 
transport using existing 
infrastructure. 

- Gas must meet grid quality 
and purity standards. 
- Availability of a nearby gas 
grid is required. 
- Mass balancing within the grid 
is required. 

Certification under 
RFNBO or LCF 
schemes, ensuring 
eligibility for 
compliance markets 
and regulatory 
incentives. 

Liquefaction at 
site 

E-methane is liquefied at 
site for easier storage and 
transportation. 

- Requires cooling and 
pressurization to low 
temperatures. 
- Possible to utilize the same 
liquefaction equipment as for 
biomethane. 

Appropriate 
liquification, storage 
and transport 
facilities at the site. 

Liquefaction 
externally via 

gas grid 

E-methane is transported 
via gas grid and liquefied 
at another location. 

- Mass balancing within the grid 
is required. 
- Gas grid transfer fees may 
apply. 

Appropriate e-
methane (gaseous) 
storage facilities. 

Biomethane 
integration 

E-methane can be 
processed with the same 
infrastructure and 
equipment as 
biomethane. 

- Allows easier integration with 
existing systems. 
- Without proper mass 
balancing, the higher RFNBO 
price cannot be achieved. 

Ensure regulatory 
compliance for both 
biomethane and e-
methane, addressing 
certification, mass 
balancing, and 
sustainability criteria. 

2.4  Latest industrial scale methanation projects  

Over the past decade, numerous e-methane projects have been launched, primarily as pilot 

or demonstration initiatives, with varying levels of success. Many of these projects, as 

comprehensively reviewed by Bailera et al. (2017), were discontinued or remained research-

focused without progressing to full-scale commercialization. An overview of recent 

methanation projects in Europe is provided in Table 16. Additionally, there are several large-

scale projects in the early stages of assessment, including initiatives in Finland led by 
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RenGas, Fortum, and QPower – projected capacities ranging between 80–950 GWhCH4/a 

(EBA, 2024b).  

Table 16. Recent industrial-scale methanation projects in Europe (EBA, 2024b). 

Name and 
location  

Technology 
&  

approach 

Capacity 
(GWhCH₄/a)  
Electrolyzer 

(MWe) 

Period Partners 

HY2Gen AG 
(formerly Audi e-
gas ATLANTIS) 

Werlte, Germany 

Catalytic 
methanation 

Ex-situ 

16 

6 MW 
AEC 

Since 
2013 

Audi AG, Hitachi Zosen Inova ETOGAS 
(SolarFuel), Zentrum für Sonnenenergie 

und Wasserstoff-Forschung (ZSW), 
Fraunhofer Institut für Windenergie und 

Energiesystemtechnik, EWE Energie, 
McPhy electrolyzers EWE Energie AG, 

Fraunhofer IWES, HY2Gen 

Hybridkraftwerk 
Limeco 

Dietikon, 
Switzerland 

Biological 
methanation 

Ex-situ 

18 

2.5 MWe  
PEM 

Since 
2022 

Limeco Swiss Power, Eniwa, Stadt 
Dietikon, Stadt Schlieren, ewb, SWL 

Energie AG Lenzburg, IBI Ihre Energie, 
sgsw St. Galler Stadtwerke, Energie 

Zürichsee Linth, Hitachi Zosen Inova 
Schmack 

Glansager P2X 
Project 

Glansager, 
Sønderborg, 

Denmark 

Biological 
methanation 

Ex-situ 

35 

20 MW  
AEC 

Since 
2023 

Nature Energy, Andel 

Renewable 
Gasfield 

Gabersdorf, 
Austria 

Catalytic 
methanation 

Ex-situ 

1.8 

20 MW 
N.D. 

Since 
2023 

Energie Steiermark, Montanuniversität 
Leoben, HyCentA Research GmbH, 

Energienetz Steiermark, Energienetze 
Steiermark, Energieagentur Steiermark, 

Amt der Steiermärkischen 
Landesregierung, A15 – Fachabteilung 
Energie und Wohnbau, Hitachi Zosen 

Inova AG 

BioFARM R&D 
facility 

Straubing, 
Germany 

Catalytic 
methanation 

Ex-situ 

0.2  

AEC 
Since 
2023 

Pietro Fiorentini, Hyter, BioKomp 

P2X Solutions 

Harjavalta, 
Finland 

Biological 
methanation 

Ex-situ  

28 

20 MWe 

AEC 

On-
going 

QPower, P2X Solutions 

Biofactory Pau 

Lescar, France 

Catalytic 
methanation 

Ex-situ 

6.2 

1.3 MW 
N.D. 

Under 
construc-

tion 

CAPB Communauté d’agglo Pau Béarn 
Pyrénées, Suez Eau France, Storengy, 

Egis, Sogea/Vinci 
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3  Research methodology 

This chapter presents the mixed-methods approach used in this work to assess the technical, 

economical, and regulatory feasibility of integrating biological methanation with an AD-

plant. A case study provides real-world perspective on implementation. 

A techno-economic assessment (TEA) framework evaluates process efficiency, costs, and 

economic performance, assessing both the feasibility of establishing a biological 

methanation plant at a single site and its financial implications. The following sections detail 

the research design, analytical tools, data collection methods, and economic evaluation 

framework. 

3.1  Research design and approach 

As research approach and strategy, this study employs a mixed-methods approach. It 

combines qualitative analysis focusing on stakeholders, regulations, and operational 

challenges with quantitative modeling of techno-economic performance under various 

scenarios. This approach enables a comprehensive evaluation by considering both scientific 

factors and real-world applications. 

A case study provides real-world insights into methanation integration, though specific site 

and stakeholder details remain confidential. This strategy enables evaluation of site-specific 

variables, stakeholder interactions, and the implementation. Modeling and simulation further 

quantify economic and technical aspects, ensuring a comprehensive assessment. 

Approaches to data collection and analysis used are outlined in Table 17., summarizing 

the data sources, analytical methods, and validation processes employed to ensure a 

comprehensive and reliable assessment. 
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Table 17. Data collection methods and validation process. 

Aspect Description 

Data sources Combination of primary and secondary data. 

Primary data 
collection 

- Case study analysis using real-life plant data and technology vendors.  
- Interviews with stakeholders, industry experts, and practitioners for insights. 

Secondary data 
collection 

- Literature, reports, and datasets on methanation technologies, AD processes, and 
renewable energy systems. 

Quantitative 
analysis 

- Microsoft Excel as a primary tool for modelling and mathematical techniques for 
examining technical and economic aspects of methanation integration. 

- Sensitivity analysis: assessing the impact of variations in key assumptions and 
parameters. Identifies critical factors influencing technical and economic 
performance. MATLAB is used for visualization. 

Qualitative 
analysis 

- Method: Expert insights via interviews and discussions among the industry. 
Identifies challenges and opportunities through practical experience and know-how. 

Validation process 

1. Data triangulation – Cross-verifying primary and secondary data for consistency 
(Scribbr, 2023).  
2. Expert validation – Reviewing insights with industry experts for relevance.  
3. Sensitivity analysis – Assessing impact of variations in key data points on 
techno-economic outcomes. 

Overall objective 
Ensuring comprehensive and reliable evaluation of the techno-economic feasibility 
of methanation integration with AD systems. 

3.2  Framework for techno-economic assessment 

For providing a comprehensive analysis that spans various key factors, the framework for 

the TEA is divided as follows:  

Technical feasibility part focuses on evaluating the potential for integrating biological 

methanation with existing AD plant. Key parameters for technical feasibility include: 

1. CO2 conversion efficiency: The efficiency with which CO2 is converted into 

synthetic methane through the biological methanation process. 

2. Energy integration possibilities: System integration opportunities like the 

utilization of the excessive reaction heat from the electrolyzer. 

3. Scalability and modularity: The ability to scale the technology to larger operations 

or adapt it to different types of AD plants, allowing for flexibility in various settings. 

Economic feasibility part assesses the investment attractiveness and the feasibility of 

integrating the methanation with AD plant by analysing CAPEX, OPEX, and LCOE as a 

key financial metric. 
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3.3  Economic assessment methodology 

The economic assessment evaluates the financial feasibility of e-methane production by 

analysing costs, revenues, and market viability over the lifespan of the project. It 

incorporates levelized production cost of energy (LCOE) as a key metric, alongside with 

sensitivity analysis and two additional metrics as further explained in Table 18.  

Table 18. Economic assessment framework for e-methane production. 

Component Description 

LCOE 

Levelized cost of energy. Represents the average cost per unit of 
energy produced (e.g., CH4) over the lifetime of a project, factoring 
in capital expenditures (CAPEX), operational expenditures (OPEX), 
corporate taxes and changes in net working capital costs. 

CAPEX 
Initial investment, that is required to build and install the methanation 
system – includes technology acquisition, installation, and integration 
into the existing infrastructure. 

OPEX 
Recurring costs associated with raw materials and consumables, 
energy consumption, maintenance, labor, and other operational 
expenses. 

Byproduct income Income from heat and oxygen to be sold. If applicable. 

Annualized capital charges Accounts for financing costs over project lifespan. If applicable.  

Sensitivity analysis 

Evaluates financial effects by analyzing: 

- Investment grant impact by reducing upfront investment. 

- Plant availability (annual operating hours) mainly due to the 
availability of renewable electricity.  
- Renewable electricity price fluctuation.  

 

Levelized cost of energy (LCOE) is used to estimate the cost per unit of energy produced 

over the lifespan of the project, see Equation 3. (modified from Hollo, 2023). It is expressed 

in EUR/MWh (HHV). 

In this thesis, the traditional LCOE formula is extended to also include corporate tax and 

changes in net working capital (ΔNWC), in order to more comprehensively reflect the real 

economic cost of e-methane production over time. 
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 (Equation 3) 

 

Where,  

 𝐼0 = investment expenditure in year 0 (EUR) 

 𝑛 = lifetime of the installation (20 years) 

 CAPEX = CAPEX in year t (EUR) 

 OPEX = OPEX in year t (EUR) 

 Taxt = corporate tax paid in year t (EUR) 

 ΔNWCt = change in net working capital in year t (EUR) 

 𝑟 = discount rate (%) 

 e-CH4 = e-CH4 production in year t (MWh).  

LCOE is a powerful tool for comparing the feasibility of different energy production setups, 

as it evaluates costs independently of market conditions, revenues (unless e.g., side product 

revenues are considered), and product pricing. It is calculated by dividing the total 

discounted capital and operational expenditures by the total discounted energy output over 

the lifetime of the system. This enables a cost-based assessment of different technologies, 

allowing for comparison without considering their final market value. 

Sensitivity analysis is a tool used in this study for evaluating the robustness of e-methane 

production feasibility by identifying key variables that significantly impact costs and 

economic performance. Unlike static economic assessments, sensitivity analysis assesses 

how changes in factors such as CAPEX, financing (e.g., grants), energy prices, and operating 

hours influence overall project viability. This approach is especially important in the context 

of e-methane, where uncertainties in renewable electricity costs, policy incentives, and 

technological advancements can affect long-term economic performance. Moreover, 

sensitivity analysis provides visual representations of the intensity of these factors, making 

it easier to interpret their relative impact on project feasibility. By highlighting key cost 

drivers, it supports informed decision-making under varying market and operational 

conditions.  
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EXPERIMENTAL PART 

4  Case study of biological methanation (CONFIDENTIAL) 

This confidential version of the thesis uses anonymized placeholders for all companies and 

sites to protect sensitive business information. The case study focuses on “Company X” and 

“Site X,” referring to an industrial anaerobic digestion (AD) facility in the Nordics. Other 

stakeholders are also referred to using neutral identifiers (e.g., “Company Y”). 

The case study evaluates the technical feasibility, economic performance, and integration 

potential of biological e-methanation at the existing AD plant. 

4.1  Site selection 

First step was to select a site for the case study. Four potential locations were pre-screened 

using various criteria. Out of these, Site X was finally chosen.  

All four site candidates share similar scale with 17–20 kt of nominal annual biogenic CO2 

volume – a volume requiring approximately 20 MWe electrolyzer for renewable hydrogen 

production. Moreover, the selected electrolyzer scale is considered well-suited to the broader 

industrial context of Company X and shows indicative alignment with the scale of other past 

and ongoing PtX-related activities. 

Site selection criteria used in the case study are shown in APPENDIX 2. The criteria are 

divided into three categories: 

1. Primary selection criteria (P): Critical factors that have a major impact on both 

CAPEX and OPEX and are essential for enabling a feasible business case. If all 

these criteria are not met, the site should be rejected. 

2. Semi-primary selection criteria (SP): These are primarily related to logistics and 

have a substantial influence on OPEX. While they are important, they are not 

mandatory for site approval. 
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3. Secondary selection criteria (S): These have a moderate effect on the business 

case, often tied to existing infrastructure or systems that could reduce CAPEX. 

While beneficial, they are not mandatory for site approval. 

The site for the case study was selected from among existing or planned biogas production 

facilities in the Nordic region. Due to confidentiality reasons, specific site selection details 

and comparison data are not disclosed in this thesis. 

Table X. Existing or planned biogas production sites in the Nordics. (CONFIDENTIAL) 

Full table withheld due to confidentiality.  

4.2  Rationale for key process decisions 

Some existing equipment plays a key role in the potential integration of biological 

methanation at Site X, as outlined in Table 19. Additional process units relevant to the 

integration – though not discussed in detail here – are the heat energy system (electric boiler), 

cooling water system, and wastewater treatment unit. 

Table 19. Key existing process units considering biological methanation integration. 

 Gas upgrade Methane liquefaction 

Vendor CONFIDENTIAL CONFIDENTIAL 

Technology CONFIDENTIAL CONFIDENTIAL 

Input details 

Raw gas composition: 

- Max 2 200 Nm3/h (design) 

- CH4: 60–80 vol-% (design 70 vol-%; 
actual 67.0 vol-%) 

- CO2 20–40 vol-% (design 29.5 vol-%; 
actual 32.5 vol-%) 

- H2S max 100 ppm (design 100 ppm) 

Feed gas composition: 

- 2 x 1 488 Nm3/h; ~238 GWh (LHV) 8 000 
h/a 

- CH4 >99.0 vol-% 

- CO2 <50 ppm (volume) 

- H2S <4 ppm 

Output 
details 

Upgraded methane composition: 

~1 450 Nm3/h; ~115 GWh (LHV) 8 000 h/a 

CH4: >99 vol-% ± 1%-unit) 

CO2 <50 ppm (volume) 

H2S < 4 ppm 

Liquefied methane:  

- LBG: 2 x 1 070 kg/h or 2 x 1 495 Nm3/h 

 

Since Site X is an already operational AD-plant, the case study is classified as a brownfield 

project. As a result, several key process selections were considered, as outlined in Table 20. 

Additionally, separate economic performance calculations were conducted for Scenario A 
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and Scenario B. However, it is important to note that not all possible variations and system 

configurations were assessed in this analysis. 

Table 20. Key considerations with justifications for Scenario A and Scenario B. 

Subject Scenario A with justifications Scenario B with justifications 

Input stream to 
biological 

methanation 

CO2-rich stream. More suitable for a 
brownfield project since existing biogas 
upgrading infrastructure is already in 
place, allowing direct utilization of 
separated CO2, and maximizes the return 
on previous investment. 

Raw biogas. More suitable for greenfield 
projects, as it integrates seamlessly with 
biological methanation, eliminating the 
need for separate biogas upgrading 
equipment. This approach is simpler and 
more cost-effective for new installations, 
reducing initial anaerobic digestion plant 
investment complexity. 

Water 
purification for 

electrolyzer 

Reverse osmosis + electrodeionization 
utilized to purify the tap water (or lake 
water if applicable). Off-the-shelf-
technology with vendor identified. 

Reverse osmosis + electrodeionization 
utilized to purify the tap water (or lake 
water if applicable). Off-the-shelf-
technology with vendor identified. 

Electrolyzer 
waste heat 

Direct cooling via heat exchanger 
(HEX) using lake water, similar to the 
existing plant. Due to very limited free 
plot area, integrated systems for steam 
production – such as combined heat 
pump and MVR setups for steam 
production – are excluded. The selected 
solution is also the most CAPEX-
efficient. 

Direct cooling via heat exchanger (HEX) 
using lake water, similar to the existing 
plant. Due to very limited free plot area, 
integrated systems for steam production – 
such as combined heat pump and MVR 
setups for steam production – are 
excluded. The selected solution is also the 
most CAPEX-efficient. 

Utilization of 
existing raw gas 

upgrading unit 

Current plant: No changes – raw gas 
upgrading unit continues to operate as 
currently configured, separating CO2 
after AD before methanation.  

Brownfield scenario: The upgrade unit 
would be repositioned after biological 
methanation rather than after the AD 
reactor. This allows direct methanation of 
the CO2-rich raw gas without prior 
separation, improving energy efficiency 
and reducing process steps. 

4.3  Integration of biological methanation 

4.3.1  Site infrastructure and preparation 

Categorized information on the site infrastructure are shown in Table 21.  
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Table 21. Overview of the site infrastructure and preparation for e-methanation. 

Category Details 

Site location 
and layout 

CONFIDENTIAL 

Land and site 
preparation 

Site is on an industry-ready ground.  

The required plot area for the e-methane plant was determined in this case study to be 
4 700 m2 based on equipment footprints. Including spacing and layout needs, a total of 
7 500 m2 was reserved. See indicative layout in APPENDIX 5.  

The surrounding area outside the industrial site is not optimal for further industrial 
construction, as the land is primarily used for agriculture (crop fields). The site would 
likely require substantial groundwork, including land levelling, drainage 
improvements, and soil stabilization, to make it suitable for industrial use. 
Additionally, environmental considerations and potential flooding risks could further 
complicate the development process, increasing both costs and complexity. 

Biogenic CO2 
supply 

All CO2 volume from AD-plant shall be utilized in e-methanation production. Biogenic 
CO2 is now exhausted into the atmosphere.   

Electricity 
supply 

While the surrounding electrical grid can technically supply the e-methane plant, the 
high electricity demand poses significant challenges for availability. 

Electricity for Company X is supplied and managed by Company Y. Electricity 
sourcing needs to be negotiated with them. Area belongs to the bidding zone X 
(confidential). 

Within the industry area, the necessary electrical infrastructure (incl. HV transformers 
and local cable) is already in place to support the new e-methanation plant, which will 
be equipped with a 20 MWe electrolyzer. 

Other utilities 

Required utilities for an e-methanation plant are all present at the site. 

Water: The primary water users are the electrolyzers, which require purified water. The 
necessary water for them is sourced from the communal water line and purified on-site 
to meet the required purity standards.  

Compressed air: Required volumes are considered available at the site (not assessed in 
detail). 

Cooling water: There is lake water available that can be utilized for cooling purposes 
in the e-methanation plant.  

Logistics 
Company X’s AD plant is located near a dock with direct access to open sea routes, 
enabling potential for intercontinental shipping. The site is also connected to the 
national railway network, supporting flexible logistics options. 

Wastewater 
treatment 

Wastewater from Company X’s AD-plant is now processed along with some of the 
Company Y’s wastewater in Expanded Granular Sludge Bed reactor (EGSB) operated 
by Company X. It is considered that wastewater coming from the e-methane plant can 
be treated in the same facility (not assessed in detail). 

End-product 
management 

e-methane: With no nearby connection to gas grid, biomethane/e-methane mix will be 
liquefied and transported by road or train. Transportation method not assessed in detail. 

Waste heat: There is no district heating network in the immediate area to utilize the 
produced waste heat. The waste heat, primarily consisting of waste heat from the 
electrolyzer, is not utilized but simply removed through cooling. 

Oxygen: Company Y could potentially be an off-taker for oxygen. However, to meet 
the required quality standards, detailed discussions and assessments are needed (not 
assessed in detail). 

Permitting 
requirements 

e-methane plant would require considering the following permits: land use permit, 
zoning change permit, environmental impact assessment (EIA), environmental permit, 
chemical permit, and construction permit. 
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4.3.2  Technology selections 

CO2 source 

Scenario A: Upgraded CO2-rich stream can be used as the CO2 source for biological 

methanation. Currently in Site X, the CO2 has already been separated from the raw biogas 

during the upgrading process, ensuring higher concentration and a more consistent feed. This 

method supports process optimization, helping to maintain higher conversion rates of CO2 

into e-methane by minimizing the impact of impurities in the gas feed.  

Scenario B: Raw biogas is directly utilized for biological methanation. This approach 

eliminates the need for separate CO2 capture and purification, simplifying the process and 

reducing both capital and operational costs. This option is particularly suited for greenfield 

projects, where a new, optimized system can be designed without the need for additional 

processing steps. Yet, this approach is not fully excluded as an option in Site X either. 

Green hydrogen production via electrolyzer 

Hydrogen is produced from water through pressurized alkaline electrolysis (AEL) using 

renewable electricity, making it a suitable feedstock for RFNBO-eligible methane 

production through biological methanation. To ensure the longevity and efficiency of the 

electrolyzers, the water used in the process is purified to remove contaminants. The oxygen 

generated as a byproduct is typically released into the atmosphere unless an alternative 

application is identified. 

After production, hydrogen undergoes pressure regulation to meet the lower pressure 

requirements for biological methanation. Notably, no drying, purification nor compression 

is required prior to biological methanation. Since electrolysis depends on the availability of 

renewable electricity, hydrogen production fluctuates rather than remaining constant. As a 

result, the methanation process may experience operational variations, but biological 

methanation allows for some flexibility in handling fluctuations. However, hydrogen storage 

is deliberately excluded in this case, meaning methane production will be directly linked to 

hydrogen availability at any given moment. 
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Electrolyzer sizing 

Electrolyzer size, 20 MWe, was determined based on stoichiometric reaction presented in 

Equation 1 and further using Equation 2. The parameters shown in Table 22. were used:  

Table 22. Values used in determining the electrolyzer size in case study. 

mCO2 
(tn/a) 

MCO2 (g/mol) 
MH2 

(g/mol) 
HHVH2 
(MJ/kg) 

ηelectrolyzer 
(%) 

Hop 
(h/a) 

18 200 44.01 2.016 141.8 75 8 760 

 

For plant availability, 8 760 h were set to model nonstop CO2 production from the AD plant. 

Electrolyzer details 

Electrolyzer selection is based on existing knowledge and internal studies conducted by 

Company X on similarly scaled systems. The values used are based on actual vendor 

quotations and technical data sheets to ensure the most accurate assessment possible. 

A pressurized alkaline electrolyzer was selected due to the high technological maturity of 

alkaline systems. Specific electrolyzer details are not disclosed for confidentiality reasons. 

Electrolyzer setup does not contain gas purification unit since purity requirements for 

biological methanation do not demand it. Also, hydrogen is fed to biological methanation in 

low pressure, thus requiring a H2 pressure regulator between the electrolyzer and the 

biological methanation units.  

Utilization of electrolyzer oxygen byproduct 

There are possibilities to maximize the utilization of oxygen, given its potential value as a 

byproduct. Since Company Y´s plant is located next to the methanation facility, supplying 

oxygen for their industrial processes is a realistic possibility. Company Y represents a local 

industrial actor with potential demand for oxygen in thermal or process-related applications, 

offering synergies with the e-methane plant’s by-product streams. However, no formal 

agreement currently exists, and further assessment is required to evaluate the feasibility of 

direct supply, including infrastructure, pipeline integration, compression requirements etc. 

Another option is to compress and liquefy the oxygen for sale to industries such as steel 

manufacturing or via gas distributors, but this would require additional purification and 

significant energy input. Since hydrogen storage, oxygen liquefaction, and on-site oxygen 
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storage are all excluded from the case study, further economic assessments would be needed 

before considering external oxygen sales in the future. 

Electrolyzer cooling 

The electrolyzer generates a significant amount of waste heat, primarily in the form of heated 

alkaline electrolyte (lye solution) at around 80 °C. This heat is a byproduct of the process, 

where electrical energy is converted into hydrogen through water electrolysis, and 

inefficiencies lead to thermal losses that must be managed through cooling. At full design 

capacity (20 MWe), system produces approximately 5–5.5 MW of waste heat.  

It is important to note that any modifications to the cooling system may impact on the 

electrolyzer vendor’s warranty and guarantees.  

In the selected case study process, readily available lake water is used to manage the cooling 

demand resulting from electrolyzer waste heat. However, energy integration by utilizing this 

waste heat into MP steam using heat pump system is recommended in the future. This would 

also decrease the energy consumption in the existing electric boiler at the site.   

Other pre-assessed cooling and heat recovery options are presented in Table 23., including: 

utilizing electrolyzer waste heat to preheat the electric boiler feed stream via a two-stage 

heat exchanger system, heating the biological methanation process during start-ups using 

dedicated heat exchangers, and producing 135 °C steam using a multi-stage heat pump 

system combined with mechanical vapor recompression (MVR). 

Table 23. Methods assessed for utilizing waste heat from electrolyzers. 

Utilization method Details Result 

Heating up electric 
boiler feed stream 

A two-stage heat exchanger system is 
used to recover waste heat from the 
electrolyzer. The primary heat exchanger 
(HEX1) transfers heat to the boiler feed 
water, including the condensate return, 
enabling partial heat recovery for steam 
production. Any remaining excess heat is 
dissipated through the secondary heat 
exchanger (HEX2), which utilizes lake 
water to cool the system to the desired 
operating temperature. 

Not efficient – only a very small 
portion of the energy could be 
recovered this way, ~1–2%. Main 
issue is the very small flow rate of the 
electric steam boiler feed (water + 
steam condensate return). 
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Heating up 
biological 

methanation 
during start-ups 

A heat exchanger (HEX) system can be utilized 
to warm up the biological methanation process 
during start-ups. Both of the 3–vessel setups 
require 400 kW, resulting in a total heat 
demand of 800 kW, necessitating the use of two 
separate heat exchangers.    

Moderately efficient but not viable – 
Too many risks: potential electrolyzer 
warranty issues, insufficient heat 
availability during low operation, 
complex temperature control and 
relatively low annual heat energy 
demand. A backup heating source 
would still be needed. 

Producing 
135 °C steam 

with multi-stage 
heat pump + 

MVR system 

Multi-stage concept required due to low source 
temperature (43 °C water stream; 30 °C feed 
water is pre-heated using electrolyzer waste 
heat). In Stage 1, a heat pump extracts 
~1.7 MW from the warm water, consuming 
~0.8 MW electricity and delivering 2.5 MW at 
85 °C (COP ~3.1). In Stage 2, this heat distills 
water under vacuum, producing ~4.0 tn/h of 
vapor. MVR then compresses the vapor to 
135 °C, yielding ~4.7 tn/h of steam (~3.2 MW). 
Total power consumption is ~1.3 MW. Overall 
COP being ~2.5. 

Technically feasible (preliminary 
assessed) – 135 °C steam can be 
produced from 43 °C water stream, 
but system is complex, CAPEX is 
high, plot space requirement is 
notable, and COP is modest. Careful 
adjustment and optimization of actual 
process streams (e.g., flow rates, 
temperatures, and heat recovery 
loops) is crucial to ensure technical 
and economic viability. 

 

Sourcing renewable electricity 

Electricity generation in the Nordics is largely based on renewable sources. Sweden benefits 

from a high share of hydro and nuclear power, while Finland’s electricity mix includes 

renewables, nuclear, and a growing share of wind energy. Norway relies predominantly on 

hydropower, which accounts for over 90% of its total electricity generation. 

Applicable bidding zone for this case study is X, where the average electricity market price 

in 2024 was 28.17 EUR/MWh excluding transfer and taxes (Nord Pool). However, 

additional costs like grid fees and hedging may significantly impact on the total electricity 

price, as shown in Table 24.  

 Grid cost: Electricity transmission fees apply for grid usage, set at 17.8 EUR/MWh. 

 Hedging cost: To mitigate market volatility, consumers can opt for hedging 

contracts, securing a fixed electricity price. In this case study, the estimated hedging 

cost used is 44.5 EUR/MWh. Hedging is not included in the base case but will be 

assessed through the sensitivity analysis.  

 Energy transition levy: A statutory surcharge of approximately 0.90 EUR/MWh 

may apply to electricity consumption, with proceeds used to fund national programs 

supporting energy efficiency, renewable energy deployment, and climate innovation 

initiatives. The structure and rate of such levies vary by country. 
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Although Power Purchase Agreements (PPA) or Guarantees of Origin (GoO) can be used to 

certify additional renewable electricity use, they are not considered in this case study due to 

the already high share of renewable electricity in the local grid mix. However, if the 

produced e-methane is intended for export or falls under EU RFNBO regulations, such 

certification mechanisms may need to be included in future assessments to ensure regulatory 

compliance. 

Electricity markets across the Nordics are undergoing notable transitions, influenced by 

rising electrification demands from industrial sectors. For instance, in Norway, the offshore 

oil and gas industry is increasingly replacing gas turbines with onshore renewable electricity 

to reduce emissions. Such shifts are expected to elevate electricity demand – particularly in 

coastal and northern regions – potentially driving prices upward and adding strain to regional 

grid infrastructure. 

Simultaneously, the expansion of renewable capacity, including wind power and grid 

reinforcements, may contribute to longer-term price stabilization. Nonetheless, growing 

reliance on variable renewable sources and evolving cross-border energy flows are likely to 

sustain electricity price volatility. These developments highlight the importance of flexible 

electricity sourcing and resilient system design for power-intensive processes such as  

e-methane production. 

Table 24. Total electricity cost breakdown used in the case study. 

Cost component Industrial rate (EUR/MWh) 

Nord Pool (market rate, avg. 2024) 28.17 

Grid cost 17.80 

Electricity tax 0.54 

Energy transition levy 0.90 

Hedging cost 44.50 

Subtotal (before VAT, without hedging) 47.41 

Subtotal (before VAT, with hedging) 91.91 

VAT (25%) Exempt 

Total (with VAT, without hedging) 
47.41 

Base case 

Total (with VAT, with hedging) 
91.91 

Sensitivity analysis (High-end) 
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Biological methanation 

Biological methanation was selected for this case study for several key reasons: 

1. Operational flexibility of electrolyzer: Biological methanation can tolerate 

intermittent hydrogen supply, and without the need for hydrogen storage. 

2. Lower purity feedstock requirements: Biological methanation is more tolerant of 

CO2 and H2 impurities, easing pre-treatment demands compared to the stringent 

purity requirements of the catalytic systems.  

3. Lower operational complexity and cost: Operating at 35–65 °C and near 

atmospheric pressure, biological methanation requires less energy, fewer safety 

precautions, and simpler process control than high-temperature, high-pressure 

catalytic systems. Moreover, there is no need for costly and sensitive catalysts. 

4. Waste heat utilization options: District heating is not feasible in this case due to 

the lack of a nearby network. However, biological methanation is an exothermic 

process that requires cooling, and the released heat could potentially be recovered 

and utilized for low-temperature applications or internal process needs. 

Biogasclean’s biological methanation technology – Bio E-Fuel – was considered as one of 

the technological options for the case study. This system has been demonstrated at full scale, 

with high-level technical details presented in Table 25.  

Table 25. Selected biological methanation – technical specifications and deployment10. 

Category Details 

Technology Bio E-Fuel – biological methanation of CO2 

Process 
description 

Converts CO2 from biogas into CH4 using H2 from renewable electrolysis. Increases 
biogas CH4 content from 55–60% to 97–98%, boosting CH4 production by up to 78%. 

Reactor design 

Uses insulated fiberglass or stainless-steel tanks. Scalable from prefabricated units to 
field-erected tanks. Equipped with the QD® (Quick Decompression) system, 
preventing clogging and ensuring optimal gas-liquid interaction. Each tank has a 
grating for inspection, along with a ladder and handrail. 

Pre-treatment 
requirements 

Handles untreated biogas and CO2 without the need for prior sulfur removal or 
extensive gas upgrading. No need for H2S removal before methanation. 

Operating 
conditions 

Operates at low pressure <200 mbar(g) and low temperature <65 °C, minimizing 
OPEX. 

Process 
technique unit 

(PTU) 

A technical house built on-site, containing all necessary equipment for safe and 
automatic operation. Skid-mounted components include liquid supply and drain 
systems, heating and cooling systems, gas analyzers, gas detectors, and fire alarm 
system. 

 
10 Biogasclean (2023) 
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Safety features 
No gas piping inside the PTU minimizes explosion risk. If CH4 exceeds 25% of its 
Lower Explosive Level (LEL) or H2 exceeds 20%, power to ignition sources is cut 

Process control 
A fully automated PLC-based control system ensures stable biological methanation. 
Remote monitoring and controls minimize human error and enhance efficiency. 

References 
Full-scale Bio E-Fuel plant at Nature Energy, Glansager (Denmark). Technical specs.: 
2nd electrolyzer started in 10/2023. Total prod. capacity 381 Nm3/h e-CH4 or 3 338 000 
Nm3/a or 34 GWh/a. Feed: raw gas from AD. Operating time: +8 000 h (1/2025).  

 

Biological methanation – case example 

Biogasclean’s full-scale plant at Nature Energy Glansager (Denmark) demonstrates the 

integration of biological methanation within an existing anaerobic digestion (AD) facility. 

The Bio E-Fuel system receives hydrogen produced by three electrolyzer units (7.5 MWe 

total) and feeds it into a dedicated methanation loop, which processes approximately 25% of 

the raw biogas stream. As shown in Figure 9., this portion of the flow is enriched from 58% 

to 95% CH4 through biological conversion, before being merged with the remaining 

upgraded biogas. The overall outlet stream reaches 67% CH4 prior to final upgrading in the 

biomethane upgrading plant (BUP). The site includes three biological methanation reactors 

and a dedicated transformer-rectifier system for each of the three parallel electrolyzers, 

enabling modular hydrogen production for methanation. Note, 3rd electrolyzer not shown in 

Figure 9. This configuration indicates that hydrogen production capacity is currently the 

limiting factor for full stream methanation and highlights a modular approach suitable for 

scaling. Overview of the Glansager plant is shown in Figure 10., and more detailed 

electrolyzer specifications in Table 26.  

  

Figure 9. Bio E-Fuel integration in Nature Energy, Glansager.11 

 
11 Dahlgreen (2023). 
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Figure 10. Bio E-Fuel plant in Nature Energy (Glansager).12 

Table 26. Electrolysis details in the biological methanation system at the Glansager plant.11 

Alternative biological methanation companies and technologies are presented in Table 27.  

 

 

 
12 Biogasclean (2025). 

Category Details 

Electrolysis plant capacity 3 units – 1.5 MWe + 2 × 3 MWe (total 7.5 MW) 

Electrolyzer type and 
technology 

HydroGen electrolyzers from Stiesdal Hydrogen. Conventional alkaline 
electrolysis using conventional metals (no rare metal catalysts) 

Operational timeline 1st unit since summer 2023 and 2nd unit since fall 2023. 

Future expansion Plant is prepared for a third electrolyzer unit 

Electrode stack design Novel design integrates cooling and reduces losses 

Hydrogen production Pressurized tank allows direct hydrogen production at pressure 

Cooling system Air cooling, with potential future use of heat for district heating 

Water supply Municipal water, treated on-site to remove impurities 
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Table 27. Alternative parties and technologies in biological methanation. 

Company / 
research 

institution 

Key role in biological 
methanation 

Technological details 

Electrochaea13 

Pioneer in biological methanation 
using archaea to convert CO2 and 
H2 into CH4. Leading several 
industrial-scale demonstration 
projects. Key partner: Baker 
Hughes to integrate with carbon 
capture solutions. 

Uses methanogenic archaea in a proprietary 
biocatalyst process at moderate temperatures 
and near-atmospheric pressures to produce 
pipeline-grade renewable methane. 

microbEnergy 
(part of Hitachi 

Zosen Inova 
AG)14 

Developed the BiON® process, 
enabling biological methanation for 
PtG applications. Commissioned 
first practical PtG plant in 2015. 

Employs micro-organisms to biologically 
convert H2 and CO2 into CH4, producing 
synthetic natural gas (e-SNG) suitable for 
injection into existing gas grid. 

Landia15 

Developed GasMix, an externally 
mounted biogas mixing system that 
enhances AD efficiency and biogas 
CH4 yields. Partnered via InjectMe 
project for biological methanation. 
Targeting to scale up to 10 000 m3 
production capacity soon. 

GasMix system improves biogas quality by 
recirculating a mix of liquid and biogas inside 
the AD tank. InjectMe project integrates H2 
directly into digester mixing systems, 
enhancing in-situ biological methanation.  

RISE (Research 
Institutes of 

Sweden)16 

Leading pilot-scale biological 
syngas methanation research, 
scaling from 5–35 L lab reactors to 
a 5 m3 pilot reactor by 2024. 

Studies scale-up feasibility of biological 
methanation. Investigates process stability, 
microbial efficiency and reactor performance 
for future industrial applications. 

Micropyros 
(Fiorentini 

Group)17 

Specializes in developing and 
optimizing microbial strains used in 
biological methanation processes. 

Focuses on selecting and engineering robust 
methanogenic archaea for high-efficiency H2 
+ CO2 conversion. Works on process 
enhancement to increase CH4 production rates 
and improve biological stability under 
variable conditions. 

 

Technology vendor selection 

The technology vendors used in this case study are listed in Table 28.  

Table 28. Technologies and vendors for main equipment used in the case study. 

Technology 
Water 

purification 
Electrolyzer Methanation Gas upgrade 

Methane 
liquefaction 

Vendor CONFIDENTIAL CONFIDENTIAL CONFIDENTIAL CONFIDENTIAL CONFIDENTIAL 

Technology 
Reverse osmosis + 
electrodeionization 

Pressurized 
alkaline 

Biological 
methanation 

Amine 
scrubbing 

Mixed 
Refrigerant (MR) 

 
13 Electrochaea GmbH (2021; 2023). 
14 IEA Bioenergy (2018), microbEnergy GmbH (2025). 
15 Landia Inc. (2025a; 2025b). 
16 EBA (2024a), RISE (2024).  
17 Pietro Fiorentini (2022; 2023). 
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4.3.3  Process design 

The process design for biological methanation integrated with an anaerobic digestion (AD) 

facility follows a mass and energy balance approach to determine the required inputs and 

expected outputs at each stage of production. The system utilizes renewable electricity to 

produce hydrogen via electrolysis, which is then combined with biogenic CO2 from the AD 

process to synthesize e-methane. The CO2 input is sourced either as an upgraded CO2-rich 

stream (Scenario A) or directly as raw biogas (Scenario B), depending on the selected 

configuration. 

In both scenarios, water purification is the initial step, where tap water is processed using 

reverse osmosis (RO) and electrodeionization (EDI). This step consumes approximately 

0.0125 MW of electricity and provides 2 780 kg/h of purified water, with 1 854 kg/h of 

wastewater as a by-product. The purified water feeds an alkaline electrolyzer system, 

powered by 16.60 MW of renewable electricity (nominal capacity 20 MWe). The 

electrolyzer produces 311 kg/h of high-pressure hydrogen and 2 469 kg/h of oxygen as a by-

product. Additionally, the electrolysis process generates 4.3 MW of heat, which is removed 

via the existing cooling water infrastructure utilizing freshwater from a nearby lake. 

Hydrogen is pressure-regulated before entering the biological methanation reactor. In 

Scenario A, CO2 is extracted as a concentrated CO2-rich stream after biogas upgrading. In 

Scenario B, raw biogas is routed directly to the methanation reactor, bypassing pre-

upgrading. The raw biogas stream totals approximately 2 660 Nm3/h, with a site-specific 

CH4:CO2 ratio of 67:33 vol-%, corresponding to 1 698 kg/h of CO2. In Scenario A, CO2 is 

recovered as a CO2-rich stream after biogas upgrading. This stream contains 865 Nm3/h 

(1 698 kg/h) of pure CO2 with a total flow of 1 707 kg/h, reaching a purity of 99.1 vol-%. In 

both cases, hydrogen and CO2 react exothermically in the biological methanation unit to 

form e-methane. 

The biological methanation process consumes approximately 36–38 kg/h of chemicals and 

nutrients and 0.303 MW of electricity. During steady-state operation, approximately 

2.4 MW of cooling duty is required and provided via the existing cooling water system. 0.8 

MW of start-up heat is provided using the existing electric boiler. The entire cooling and 

heating strategy relies on existing systems, enabling efficient integration without major 

thermal infrastructure expansion. 
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Following methanation, the gas is sent to an upgrading unit to remove moisture, residual 

CO2, H2, and trace components like H2S etc. This unit consumes 85 kg/h of water and 

0.11 MW of electricity. In Scenario B, the upgrading step processes the gas after 

methanation, rather than treating raw biogas prior to methanation. The purified e-methane is 

then routed to the liquefaction system together with biomethane. 

The liquefaction unit operates with a power input of 1.4 MWe and handles a total methane 

stream of 1 862 kg/h, including 588 kg/h of e-methane.  

The final product includes 5.2 kt/a of liquefied e-methane (e-LNG) and 11.2 kt/a of liquefied 

biomethane (LBG), resulting in a combined output of 16.3 kt/a. This corresponds to a total 

energy content of approximately 227 GWh/a (LHV), with e-methane contributing to 72 

GWh/a. On an HHV basis, the total output is approximately 251 GWh/a, with e-methane 

providing 79 GWh/a. 

Across the full process, estimated wastewater generation is approximately 79 and 75 tn/day 

in Scenarios A and B, respectively. 

4.3.4  Process heat and mass balance 

The values shown in Table 29. were set for heat and mass balance calculations (HMBs). 

Values are based on analysis results or other data received from the AD-plant. Importantly, 

the volume of CO2 was back-calculated by setting the output AD-based biomethane volume 

to the technical maximum capacity of the plant and further utilizing existing raw gas analysis 

data. 

Operating hours are fixed to 8 760 h annually. In practice, this means renewable electricity 

is considered to be available throughout the year with the AD-plant running continuously.     

Table 29. Input values and coefficients set for HMBs in Scenarios A and B. 

Inputs Scenario A Scenario B 

Raw gas, Nm3/a 23 305 805 23 305 805 

CO2 in raw gas, vol-% 32.50 32.50 

CO2 in raw gas, tn/a 14 875 14 875 

Biomethane in raw gas, vol-% 67.00 67.00 

Biomethane in raw gas, tn/a 11 178 11 178 

Impurities in raw gas, vol-% 0.50 0.50 
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CO2 in upgraded CO2-rich stream, vol-% 99.10 - 

Biomethane in upgraded CO2-rich stream, vol-% 0.092 - 

Impurities in upgraded CO2-rich stream, vol-% 0.808 - 

Electricity in total, MWh/a 161 003 162 685 

Heat energy in total, MWh/a 4 544 12 546 

Chemicals   

Nutrient A, tn/a 7.9 7.9 

Nutrient B, tn/a 165.6 165.6 

Chemical A, tn/a 46.7 46.7 

Activated carbon, tn/a 7.5 7.5 

Chemical B, tn/a 5.5 5.5 

Lye solution (30 w-%), tn/a 8.7 8.7 

Nitrogen (liquid) , tn/a 6.0 6.0 

Tap water, tn/a 41 343 37 472 

Coefficients   

Efficiency (biological methanation; H2 and CO2), % 95.0  95.0  

Component molar masses, kg/mol 
MCO2 0.044010 ; MH2 0.002016 ; MCH4 0.016042 ; 
MH2O 0.018016 ; MO2 0.032000 ; MH2S 0.034086 ; 
Mimpurities 0.025702 

Standard molar gas volume: Nm3/kmol (0 °C, 1 atm) 22.41 22.41 

Process mass and heat balances are found in APPENDIX 7. and APPENDIX 8. More 

detailed heat and mass balance calculations were conducted in a separate Excel model, which 

is not included in this public version due to confidentiality.  

Figure 11. illustrates the distribution of electricity inputs across various process units. The 

data clearly show that the vast majority of electricity – approximately 89–90% – is consumed 

by the electrolysis process. Methane liquefaction accounts for the second-largest share, using 

around 7–7.5% of the total electricity input. The remaining electricity is distributed among 

water purification, biological methanation, and gas upgrading, which together contribute a 

small fraction of the overall consumption. Additionally, smaller portions are used for 

pipeline trace heating, automation, lighting, and other auxiliary systems, although these are 

not shown in the figure below. 
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Figure 11. Electricity consumption per process unit in Scenario A (left) and Scenario B 
(right). 

Output streams are shown in Table 30.  

Table 30. Output values for Scenarios A and B. 

Outputs Scenario A Scenario B 

GWh (LHV) / a (biomethane) 155.0 155.0 

GWh (LHV) / a (e-methane) 71.5 71.5 

GWh (HHV) / a (biomethane) 172.1 172.1 

GWh (HHV) / a (e-methane) 79.4 79.4 

Waste heat, MWh/a 56 997 56 997 

Wastewater, tn/a 28 928 27 488 

4.4  Economic performance 

4.4.1  Finance and capital structure  

In scenarios A and B, the total investment is 91.6 MEUR and 86.6 MEUR, respectively. In 

both scenarios, the investment is assumed to be fully financed through own equity. This 

approach was selected to ensure a transparent presentation of the actual plant-related costs, 

without the influence of financing structures or interest assumptions.   

An internal rate of return requirement of 12.0 % annually was applied.  

The positive impact of funding in form of investment grants (20% and 40%) were considered 

in the sensitivity analysis. Such a high grant is considered realistic for a renewable energy 

project of this type and scale.   
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4.4.2  Capital expenditures (CAPEX) 

CAPEX breakdowns for Scenarios A and B for the biological methanation plant, sized to 

match the hydrogen output of a 20 MWe electrolyzer, are shown in Table 31., and more in 

detail in APPENDIX 9. and APPENDIX 10.  

The CAPEX estimates are based on the budgetary proposals received from technology 

licensors, as well as from the main process package and equipment suppliers. Preliminary 

estimates for applicable engineering costs (civil, piping, electrical, instrumentation, and 

automation) were derived from a comparable PtX project assessed by an external 

engineering consultant. These costs were then scaled based on the capacity difference, with 

a scaling exponent of 0.6 applied.  

The engineering company´s CAPEX estimate has an accuracy of ±30%, but in this study, 

the accuracy of ±30–40% can be applied.  

There are notable differences in CAPEX estimates compared to those provided by the 

external engineering consultant. These discrepancies are hereby explicitly highlighted, as 

they significantly affect the overall cost estimates and the projected budget:  

1. Missing carbon capture unit significantly decreased many areas of CAPEX. 

2. The electrolyzer unit cost was estimated separately based on a newly obtained vendor 

quotation received in Spring 2025 for a similarly scaled PtX project. 

3. Electrolyzer setup does not include gas purification nor compression units. 

4. The initial budget quotation for biological methanation was updated in Spring 2025 

after discussions and agreed adjustments with the vendor. 

5. There are no LCO2 storage tanks nor hydrogen storage tanks included. 

6. A contingency of 30% of ISBL + Balance of Plant was included, as this is considered 

as a novel technology at this scale.  

7. Engineering & Design costs were set at 8%, EPC 4%, Project Management 

(including construction management) 3%, construction overheads 2%, and 

permitting 0.5% of the total investment costs (ISBL + Balance of Plant). All these 

combined describe Indirect costs totaling of 17.5% of total investment costs 

excluding contingency cost. 
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Table 31. High-level CAPEX for Scenarios A and B. 

Cost factor 
Scenario A 

CO2-rich stream 
Scenario B 

Raw gas 

ISBL 41 577 000 EUR 38 173 000 EUR 

Balance of Plant 20 544 000 EUR 20 544 000 EUR 

Contingency (30%) 18 636 000 EUR 17 615 000 EUR 

Indirect costs 10 871 000 EUR 10 275 000 EUR 

Total 91 628 000 EUR 86 607 000 EUR 

4.4.3  OPEX and Levelized Cost of Energy (LCOE) 

Annual operational input quantities are detailed in Section 4.3.4, while the cost assumptions 

used to estimate OPEX are provided in APPENDIX 12. Detailed discounted OPEX values 

are seen in APPENDIX 11.  

The levelized cost of e-methane (LCOE) was calculated using Equation 3, considering also 

corporate taxes and changes in net working capital. These values reflect the fully discounted, 

project-level cost of e-methane production. Results for Scenarios A and B are summarized 

in Figures 12.–13.  
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Figure 12. LCOE for e-CH4 over 2+20 yrs: EUR/MWh HHV. Scenario A (top) and Scenario 
B (bottom). 
*Chemicals, utilities, land lease, plant insurance, other indirect costs, admin & IT, Δ net working capital cost.  
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Figure 13. LCOE for e-CH4 over 2+20 yrs: EUR/tn. Scenario A (top) and Scenario B 
(bottom) 
*Chemicals, utilities, land lease, plant insurance, other indirect costs, admin & IT, Δ net working capital cost. 
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The figures above illustrate the impact of key cost components on the levelized cost of e-

methane production in both Scenario A and Scenario B. The total LCOE amounts to 311 

EUR/MWh (HHV) in Scenario A and 302 EUR/MWh (HHV) in Scenario B. Capital 

investment is the largest contributor, accounting for 139 EUR/MWh in Scenario A and 131 

EUR/MWh in Scenario B. Electricity sourcing represents the second-highest cost 

component, contributing 96 EUR/MWh and 97 EUR/MWh in Scenarios A and B, 

respectively. Among the remaining cost drivers, maintenance and personnel expenses are 

notable, with maintenance costs of 16 EUR/MWh in Scenario A and 14 EUR/MWh in 

Scenario B, while personnel costs remain constant at 19 EUR/MWh across both scenarios. 

Finally, corporate taxes represent a considerable portion of the cost, amounting to 26 

EUR/MWh in Scenario A and 24 EUR/MWh in Scenario B. 

4.4.4  Sensitivity analysis 

In sensitivity analysis, parameters and scenarios were varied for identifying how sensitive 

the business case economics is against various variations. Thus, it was possible to get a view, 

how strongly the parameters/scenarios, which were thought to improve the economic 

performance, affect the economics. On the other hand, it was possible to figure out how 

strongly parameters/scenarios, which are known to reduce the business case economic 

performance, weaken the case. Parameters applied in the sensitivity analysis with their low- 

and high-end figures/scenarios are shown in Table 32.  

Table 32. Sensitivity analysis parameters. 

Factor 
Lowest 

end 
Low 
end 

Base 
case 

High 
end 

Highest 
end 

Investment grant,  
% of technical investment 

(ISBL + BoP, excluding contingency) 
- - 0% 

20% 

(~14%  
of total 

inv.) 

40% 

(~27%  
of total 

inv.) 

Plant availability, 
h/a 

6 000 8 000 8 760 - - 

Total electricity sourcing cost, 
EUR/MWh 

- 91.91 47.41 25.0 - 

 

Sensitivity analyses for selected parameters and scenarios were assessed based on LCOE of 

e-methane, see Figures 14.–15.  
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Figure 14. Sensitivity analyses. EUR/MWh HHV. Scenario A (top) and Scenario B (bottom). 
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Figure 15. Sensitivity analyses. EUR/tn. Scenario A (top) and Scenario B (bottom). 

 

Based on the conducted sensitivity analyses, it can be concluded that the cost of e-methane 

production is most sensitive to electricity sourcing cost and plant availability, while the 

impact of investment grant is more moderate in comparison. 
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Among all parameters, total electricity sourcing cost stands out as the most critical driver. A 

favorable electricity price substantially reduces the cost of e-methane, while higher 

electricity prices lead to steep increases in the final cost per tn or per MWh (HHV) of e-

methane produced. 

Plant availability also plays a major role, particularly due to the wide range considered (from 

8 760 to 6 000 full-load hours per year). This range reflects realistic operational scenarios 

and demonstrates that lower availability can increase e-methane cost by over 30%, due to 

the fixed cost being spread over fewer operating hours. Therefore, ensuring high operational 

uptime is crucial for economic feasibility. 

In contrast, investment grants, while beneficial in reducing upfront investment, have a 

smaller impact on the overall levelized cost – especially when compared to long-term 

operational factors like electricity and availability. 

To reduce the levelized cost of e-methane, securing low-cost electricity and maximizing 

annual plant availability are the most effective levers, while supportive capital subsidies 

provide additional – but only secondary – cost relief. 
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5  Discussion 

5.1  Synthesis of technical and economic findings 

This study assessed the integration of biological methanation into an existing anaerobic 

digestion (AD) facility, evaluating both the technical feasibility and economic viability 

under different process configurations. The findings indicate that the integration is 

technically feasible and can unlock operational synergies, while also revealing the key 

factors influencing economic performance. 

From a technical standpoint, the compatibility between e-methane production and existing 

biomethane infrastructure proved favourable. The system benefits from shared use of the 

upgrading and liquefaction units, supporting cost-efficient implementation. Importantly, the 

current liquefaction capacity at the site already exceeds the expected output from e-methane 

production, meaning no further investment in this area would be required. In Scenario A 

(CO2-rich stream), however, a separate gas upgrading unit is required, adding to the overall 

investment cost. 

Preliminary assessments confirmed that waste heat from the electrolyzer can be recovered 

and converted into low-pressure steam, potentially replacing electric boiler use in the AD 

plant and improving overall energy efficiency at the site. However, implementing such heat 

recovery – particularly via multi-stage heat pump systems – would significantly increase 

CAPEX compared to simpler thermal management using heat exchangers and lake water 

cooling, presumably adding several million euros to total project costs. Additionally, this 

approach would require considerably more plot space, which could further complicate site 

planning and increase land-related constraints. The latter provides a technically robust and 

cost-effective solution already available at the site. Nonetheless, any modifications within 

or near the electrolyzer equipment package battery limit may compromise supplier 

guarantees and should therefore be approached with caution and in close coordination with 

the technology vendor. 

Scenario B, based on raw gas methanation, emerged as the economically preferred option. 

Compared to Scenario A (which relies on a CO2-rich stream), Scenario B demonstrated 

lower capital expenditures, primarily due to simplified CO2 handling and reduced ISBL 
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requirements. High-level CAPEX totals were approximately 91.6 million EUR for Scenario 

A and 86.6 million EUR for Scenario B, with balance of plant and indirect costs remaining 

similar between both setups. A cost estimation accuracy of approximately ±30–40% is 

considered realistic.  

Operational expenditures (OPEX) were incorporated directly into the levelized cost of 

energy (LCOE) calculations, carried out over a 2-year investment and 20-year operation 

period. In addition to OPEX, the calculation included corporate taxation and changes in net 

working capital. The resulting LCOE of e-methane in Scenario A was 311 EUR/MWh 

(HHV) or 4 801 EUR/tn, while Scenario B achieved a lower LCOE of 302 EUR/MWh 

(HHV) or 4 657 EUR/tn. These figures reflect the complete set of discounted investment and 

operation costs and support the economic advantage of direct raw gas methanation. 

Sensitivity analyses provided further insight into the most influential cost drivers. Across all 

scenarios, electricity sourcing and plant availability had the greatest impact on LCOE values. 

This was especially evident when viewed in EUR/MWh units, where changes in electricity 

price or annual operational hours significantly shifted the cost outcomes. Investment grants, 

while advantageous, played a relatively smaller role in affecting LCOE. Scenario B 

consistently outperformed Scenario A in all tested sensitivity scenarios, reinforcing its 

robustness in the face of technical and market uncertainties. 

To contextualize the LCOE results of this case study, a comparison can be made with the 

findings of Al-Breiki and Bicer (2023), who conducted a TEA of a 10 MWe solar-powered 

power-to-methane plant using catalytic methanation in Qatar. Their study reported a 

methane LCOE of 1.75–2.90 USD/kg, depending on operational hours and CO2 sourcing 

costs. Converted to energy units, ~109–181 EUR/MWh (HHV), this is significantly lower 

than the 302–311 EUR/MWh (HHV) range observed in this case study, equivalent to about 

4.4–4.6 USD/kg. 

However, when examining the LCOE values more closely, it becomes clear that direct 

comparison is limited by several important differences – a fact that must be carefully 

considered in any such benchmarking exercise. While their plant is presented as a standalone 

system, it is in fact smaller in methane output than this case study, with an annual methane 

production of approximately 58 GWh/a, compared to 71–74 GWh/a (on HHV basis). 
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Simultaneously, the most capital-intensive unit, the electrolyzer, is only half the size 

(10 MWe vs. 20 MWe) compared to the AD-system integration in this case study. 

Moreover, Al-Breiki and Bicer (2023) assume a 10 MWe PEM electrolyzer costing only 

5 MUSD (i.e., 0.5 MUSD/MWe), which is roughly 2–3 times lower than the values presented 

in the latest market estimations (see Table 11.). Although Al-Breiki and Bicer (2023) include 

additional cost components in their study, these are not fully transparent. A similar situation 

applies to their catalytic methanation unit, costed at only 1.4 MUSD, which appears 

unrealistically low and e.g., substantially below the expected CAPEX for biological 

methanation systems of similar scale. Again, while some additional costs are considered in 

their study, they are not fully transparent. 

The financial assumptions also differ: Al-Breiki and Bicer (2023) apply a 5% annual 

inflation rate for revenues and costs, compared to a bit more conservative 2% inflation rate 

used in this case study. This assumption leads to significantly faster revenue growth over the 

project lifetime in their model. For comparison, applying a 5% inflation rate instead of 2% 

would reduce the LCOE in Scenario A of this case study from 311 EUR/MWh (HHV) to 

approximately 274 EUR/MWh (HHV). Also, unlike this case study, study by Al-Breiki and 

Bicer (2023) includes revenues from by-product sales, specifically oxygen from the 

electrolyzer at 50 USD/tn and waste heat from the catalytic methanation at 25 USD/MWh. 

These additional revenue streams contribute significantly to the improved financial 

performance observed in their analysis.  

Furthermore, Al-Breiki and Bicer (2023) cite a broad range of synthetic methane LCOE 

values from the literature (0.56–4.9 USD/kg), reflecting significant variability due to 

differences in technology, scale, location, economic assumptions, and other factors 

discussed above. In comparison, while the methane LCOE in this case study ranges between 

4.4–4.6 USD/kg (HHV) and appears comparatively high, it remains well within this reported 

range. This alignment is particularly reasonable given the context-specific assumptions 

applied in this case study analysis regarding CAPEX, OPEX, inflation rates, the exclusion 

of by-product valorization etc. 

Despite these differences, both studies consistently identify electricity costs and capital 

investments as the most influential economic drivers, with the ultimate viability determined 

by the achievable selling price of e-methane. They also underscore the importance of system 
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scale, integration synergies, and side-stream valorization in improving financial 

performance. Thus, although the absolute cost figures differ, the underlying economic 

sensitivities and optimization strategies show strong alignment, reinforcing broader 

conclusions regarding the techno-economic dynamics of power-to-methane systems. 

From a scalability perspective, the modular nature of both the main equipment (electrolyzer 

and biological methanation units) allows for flexible system sizing and phased deployment. 

As in case study, the electrolyzers can be built using standardized 5 MWe stacks, making 

capacity expansion manageable without requiring a complete redesign. Similarly, biological 

methanation is relatively straightforward to scale up or down by adjusting reactor volume, 

as it operates under mild conditions and without complex pressure or temperature 

constraints. The integration model evaluated in this study – based on an existing AD facility 

– could offer a replicable brownfield approach, especially for sites with existing upgrading 

and liquefaction infrastructure.  

Despite the promising outcomes, some challenges remain. The key process units – namely 

the electrolyzer and biological methanation – are both commercially available and have high 

technology readiness levels, generally above TRL 7. However, their integration at this scale 

is still novel and introduces a degree of implementation risk. 

Market-side constraints limit the potential for selling liquefied e-methane. As the product is 

co-liquefied with biomethane and sold regionally as liquefied biomethane (LBG), storage 

capacity becomes a limiting factor at the site. Current site permits restrict the maximum on-

site storage to 200 tonnes, preventing maritime export of LBG despite the site's direct access 

to a dock and international shipping routes. Additionally, there is no connection to the 

national gas transmission grid in the vicinity of the site, which further limits distribution 

options for the produced e-methane. 

5.2  Key challenges and proposed solutions 

While the integration of e-methane production with an existing AD facility demonstrates 

clear technical and economic promise, several site-specific and systemic challenges must be 

addressed to enable successful implementation. The following outlines the challenges 

identified in the case study, along with proposed strategies to mitigate or overcome them: 
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Site availability: While the e-methane plant is technically feasible to locate near the AD 

plant, acquiring such a large plot from the landowner could prove difficult. This represents 

a high-risk factor and may be a potential showstopper for the project. However, the issue is 

considered negotiable and subject to further discussion. 

Electricity sourcing: While a technical connection is feasible, two critical risks emerge – 

both representing high-risk factors that could potentially act as project showstoppers: 

 Landowner’s control over the industrial electricity network at the site may lead to 

supply limitations, potential intermittency in electricity availability, and increased 

uncertainty in electricity sourcing costs. However, this challenge is considered 

negotiable and could be addressed through further dialogue and agreement. 

 Broader electrification trends in the oil and gas industry may drive up electricity 

prices, reducing long-term competitiveness and potentially undermining the 

economic viability of the project. This highlights the importance of securing long-

term power purchase agreements (PPAs), exploring flexible operation strategies tied 

to market conditions, and investigating opportunities for direct renewable energy 

sourcing to hedge against future price volatility. 

Regulatory complexity: The classification of e-methane (as RFNBO, LCF, or RCF) is 

highly dependent on the origin of energy inputs, the CO2 source, and appropriate certification 

pathways. Misalignment or misclassification could disqualify the fuel from premium 

markets and support mechanisms, weakening the economic performance of the case. 

However, the issue is addressable through proactive certification planning, continuous 

monitoring of the evolving regulatory framework, and early engagement with competent 

authorities. When correctly classified, RFNBO e-methane can access compliance markets 

and premium pricing. Moreover, methanation of biogenic CO2 can improve the carbon 

intensity (CI) score of co-produced biomethane, enabling dual value creation under low-

carbon fuel standards. 

Market readiness: While regulatory frameworks for RFNBO and low-carbon fuels are still 

evolving, current legislation already permits co-liquefaction and certification of blended 

biomethane and e-methane. This enables early market access and commercial potential, even 

before fully developed RFNBO markets mature. The use of mass balancing and existing 

biomethane infrastructure supports feasible implementation and certification strategies, 



86 
 

 

particularly in compliance-driven transport sectors. However, the realization of commercial 

value ultimately depends on the presence of buyers willing to pay a premium for certified e-

methane. The most promising end-use sectors include maritime transport, heavy-duty road 

transport, and potentially certain industrial applications subject to carbon regulation. 

Ongoing tracking of market development, certification requirements, and buyer readiness 

will be essential to ensure continued eligibility and maximize revenue potential. 
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6  Conclusion and recommendations 

This chapter summarizes the key findings of the study, evaluates their implications for 

industrial adoption, and provides recommendations for future research. The integration of 

biological methanation with an anaerobic digestion (AD) facility was examined from both 

technical and economic perspectives, using a detailed case study approach. While the results 

indicate that the concept is technically viable and offer insights into conditions for economic 

feasibility, several implementation and research questions remain open. 

6.1  Summary of findings 

The study evaluated the integration of biological methanation with an existing biogas plant, 

with particular focus on process compatibility, economic performance, and scalability. The 

results indicate that such integration is technically viable and can create synergies in energy 

use, infrastructure sharing, and emissions management. Moreover, biological methanation 

appears particularly well-suited for integration with anaerobic digestion (AD) systems. Its 

operational flexibility enables efficient handling of the varying hydrogen supply typical of 

renewable energy sources, without requiring extensive hydrogen storage – a notable 

limitation in catalytic methanation. The tolerance for lower-purity hydrogen and carbon 

dioxide streams aligns well with the characteristics of biogas from AD, reducing the need 

for intensive pre-treatment steps. In addition, by carrying out methanation prior to biogas 

upgrading, the CO2 content in the gas stream is significantly lowered, reducing the load on 

the upgrading unit and allowing for smaller and less costly upgrading equipment. The mild 

operating conditions of biological methanation not only simplify system integration and 

minimize technical retrofitting needs but also significantly improve overall safety by 

eliminating the requirements for high-temperature, high-pressure operations and the 

associated safety infrastructure. Overall, the findings indicate that biological methanation 

provides a technically robust and operationally safe solution for renewable methane 

production in AD systems. 

From a technical standpoint, the system benefits from infrastructure compatibility – 

particularly with regard to upgrading, liquefaction, and heat management. Electrolyzer waste 

heat can potentially be used to generate low-pressure steam and displace electric boiler use 
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in the AD plant. Alternatively, existing cooling system utilizing lake water provides a 

thermal management solution with minimal additional CAPEX. However, this approach 

results in significant energy loss, which could reduce overall system efficiency and may have 

some environmental impact if assessed through a comprehensive LCA.  

Scalability of the system appears feasible and flexible, particularly due to the modular 

character of the key process units. Electrolyzers can be modularly scaled using 5 MWe 

stacks, and biological methanation systems are relatively straightforward to scale up or 

down.  

Nevertheless, several challenges remain. These include variability in the feedstock 

composition of the anaerobic digestion (AD) plant, which affects the CO2/CH4 ratio in the 

raw biogas and directly influences e-methane production. There is also a need to define 

appropriate safety zones due to hydrogen handling and explosion risks. In addition, the 

complexity of regulatory classification must be addressed, particularly ensuring compliance 

with RFNBO or similar certification schemes, which is essential for accessing premium 

markets. Importantly, the absence of a national gas grid connection limits market flexibility, 

and current site permitting restrictions hinder large-scale shipping of liquefied gas. 

Scenario B, which utilizes raw biogas for methanation, demonstrated better economic 

performance compared to Scenario A, largely due to reduced capital expenditure related to 

gas upgrading. The levelized cost of e-methane (LCOE) for Scenario B was calculated at 

302 EUR/MWh (HHV), slightly below the 311 EUR/MWh of Scenario A. 

While the calculated LCOE values for e-methane in this study are significantly higher than 

the current wholesale prices of fossil natural gas and also exceed typical production costs for 

conventional biomethane (ranging approximately between 50–110 EUR/MWh in Europe), 

such a cost premium is expected for early-stage e-fuel projects (Gas for Climate, 2023). 

Premium pricing will be essential to ensure commercial feasibility and is likely to depend 

on access to RFNBO certification and participation in compliance-driven transport sectors, 

such as maritime and heavy-duty road transport. In these segments, regulatory mandates 

(e.g., RED III, FuelEU Maritime) can generate willingness to pay for certified low-carbon 

fuels. Additionally, if CO2 from the e-methane process is accounted for as avoided emissions 

within the AD system, it may improve the carbon intensity (CI) score of the co-produced 

biomethane. In countries with GHG reduction obligations – such as Germany – the market 
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value of biomethane can be significantly elevated, particularly when its carbon intensity 

score is improved. This, in turn, can enhance the overall business case for integrated 

methanation concepts by enabling access to premium markets and compliance-related 

revenue streams. 

6.2  Recommendations for implementation 

To advance the integration of biological methanation into industrial biogas systems, the 

following recommendations are suggested for industrial deployment from general 

perspective: 

Leverage existing infrastructure – such as liquefaction units and cooling systems – to 

minimize additional CAPEX and improve integration efficiency. 

Assess energy integration opportunities, particularly focusing on electrolyzer waste heat 

recovery and its potential for e.g., steam generation to reduce reliance on other heat sources. 

If applicable, the assessment can be extended to explore synergies with nearby industrial 

operations. 

Evaluate the feasibility of integrating waste heat from the e-methane plant into an 

existing or planned district heating network, considering technical compatibility, 

seasonal demand profiles, and alignment with relevant stakeholders. Opportunities for 

cooperation or co-investment with energy companies and local utilities should be explored 

to enable shared infrastructure and improve overall project economics. 

Assess the potential for dynamic operation of the e-methane system based on 

fluctuating wind and solar electricity generation. This includes evaluating the flexibility 

of the electrolyzer under variable load conditions, identifying technical constraints for ramp-

up and ramp-down cycles, and estimating the impact on efficiency, equipment lifetime, and 

the LCOE of e-methane. The assessment should also consider integration with electricity 

market dynamics (e.g., spot pricing or balancing markets) and regional renewable generation 

profiles. Flexible operation could enable participation in ancillary services or demand-

response markets, potentially creating valuable additional revenue streams and improving 

project economics. 
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Prepare for CO2 variability by evaluating backup sourcing strategies and temporary 

storage options. This becomes particularly important if production is scaled up, as larger 

volumes may require more robust and flexible CO2 supply chains. 

Prefer the use of modular components (e.g., electrolyzer stacks and methanation 

reactors) to enable scalable, flexible deployment. Also, attention should be paid to 

equipment compatibility across vendors, as mixed technologies may complicate 

maintenance procedures, spare part availability, and long-term service agreements. 

Engage proactively with technology suppliers early in the design phase to assess 

integration constraints, operational limitations, and warranty implications – 

particularly for components like electrolyzers and methanation reactors. This is especially 

critical for systems involving heat recovery or customized control interfaces, where 

deviations from standard configurations may void performance guarantees or complicate 

after-sales support. 

Explore strategic partnerships to strengthen the business case and facilitate 

implementation – particularly with biogas operators, energy utilities, industrial off-takers, 

and public stakeholders. Such collaboration can support financing, risk sharing, access to 

feedstock and CO2, infrastructure integration (e.g., heat, power, or logistics), and alignment 

with evolving regulatory and certification frameworks. 

The following recommendations are suggested for the specific case study site: 

Establish open and continuous dialogue with key stakeholders at the site – including the 

industrial landowner and electricity network operator – to address critical enablers for the e-

methane plant. This includes securing access to a suitable plot, resolving land use 

constraints, and clarifying conditions for electricity sourcing, capacity, and long-term 

availability. 

Conduct a thorough permitting assessment to identify all necessary permits and 

approvals required for the e-methane plant, including those related to hydrogen handling, 

environmental impacts, and potential changes in existing site operations. Early identification 

of potential challenges (e.g., storage limits, safety zoning, process classification) is crucial 

for estimating the timeline of the project and avoiding delays in implementation. 
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Conduct a market study for liquefied e-methane, focusing on both domestic and export 

opportunities. This should include an assessment of viable logistics and distribution 

strategies (e.g., road transport via trucks, maritime shipping), identification of potential off-

takers, and an analysis of current and expected price developments under relevant regulatory 

frameworks – especially considering that grid injection is currently not an option. 

Conduct internal funding assessments and engage with relevant public authorities to 

clarify how evolving plant designs may affect subsidy eligibility. This should include 

identifying relevant national and EU-level funding instruments and participating in 

stakeholder consultations to align the project with current regulatory and funding 

frameworks. 

Evaluate the economy of scale for the e-methane plant and assess the readiness to 

source additional CO2. Consider the potential to utilize biogenic CO2 from flue gases 

produced by Company Y. This should include an assessment of LCO2 logistics, particularly 

in light of the proximity of the site to identified nearby CCS shipping routes. 

6.3  Future research directions and open questions 

Several important questions remain open, particularly related to energy integration, 

regulatory frameworks, and market dynamics in the Nordic context. Future research should 

focus on the following areas: 

Electrolyzer heat integration: Further investigate the design, operational feasibility, and 

cost-efficiency of converting waste heat into low-pressure steam. While early assessments 

confirmed technical potential, detailed process simulations and system-level optimization 

are still needed. 

Combined CO2 capture and methanation: Explore these novel integrated concepts within 

a single system. Such approaches can simplify process, reduce energy consumption, and 

improve overall efficiency. 

Renewable electricity availability and pricing: A central uncertainty for  

e-methane systems is the long-term availability and cost of renewable electricity. In the 

Nordics, increasing industrial demand – driven by e.g., the electrification of oil and gas 

industry, the growth of data centers, and battery manufacturing – is intensifying competition 
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for power purchase agreements (PPAs) and putting upward pressure on electricity prices. 

This underscores the importance of flexible operational strategies and responsiveness to 

energy market dynamics. 

Grid access and site selection: In regions with growing industrial electricity demand, access 

to stable and affordable power for new e-fuel plants may become limited. Future research 

should assess regional grid constraints, site availability, and the role of transmission system 

planning in enabling power-to-methane deployment. 

Dynamic operation models: Develop tools and strategies to evaluate and optimize flexible 

e-methane plant operation under volatile electricity markets and evolving regulatory 

conditions. This includes adaptive control of electrolyzers, integration of thermal energy 

storage, load shifting capabilities, and participation in demand response and ancillary service 

markets.  

Certifiable renewable electricity sourcing: Future research should assess the availability, 

pricing, and regulatory conditions for sourcing renewable electricity under RED III. 

Particular focus should be given to Guarantees of Origin (GoO), long-term PPAs, and 

evolving criteria for additionality, temporal matching, and geographical correlation to ensure 

RFNBO compliance.  



93 
 

 

References 

Al-Breiki, M. & Bicer, Y. (2023). Techno-economic evaluation of a power-to-methane 

plant: Levelized cost of methane, financial performance metrics, and sensitivity analysis. 

Chemical Engineering Journal, 471, p.144725. DOI:10.1016/j.cej.2023.144725 

Angelidaki, I., Treu, L., Tsapekos, P., Luo, G., Campanaro, S., Wenzel, H. & Kougias, P.G. 

(2018). Biogas upgrading and utilization: current status and perspectives. Biotechnology 

Advances, 36, pp. 452-466. DOI:10.1016/j.biotechadv.2018.01.011. 

Argus Media (2023). EU renewable H₂ definition to enter into force in July. Argus Media. 

Available at: https://www.argusmedia.com/en/news-and-insights/latest-market-

news/2461107-eu-renewable-h2-definition-to-enter-into-force-in-july (Accessed 30 January 

2025).  

Aryal, N., Kvist, T., Ammam, F., Pant, D. & Ottosen, L.D.M. (2018). An overview of 

microbial biogas enrichment. Bioresource Technology, 264, pp. 359–369. 

DOI:10.1016/j.biortech.2018.06.013 

Bailera, M., Lisbona, P., Romeo, L.M. & Espatolero, S. (2017). Power to Gas projects 

review: Lab, pilot and demo plants for storing renewable energy and CO₂. Renewable and 

Sustainable Energy Reviews, 69, pp. 292–312. DOI:10.1016/j.rser.2016.11.130 

Bendikova, V., Patterson, T., Savvas, S. & Esteves, S. (2023). Economic and policy 

requirements for the deployment of Power to Methane (P2M) for grid-scale energy 

management. Energy Reports, 10, pp.4271-4285. DOI:10.1016/j.egyr.2023.10.049 

BetterSea (2025). Case Study V: The Business Case for e-LNG under FuelEU Maritime: A 

High-Value Compliance Opportunity. Available at: https://www.bettersea.tech/post/case-

study-v-the-business-case-for-e-lng-under-fueleu-maritime-a-high-value-compliance-

opportunity (Accessed 22 February 2025). 

Biogasclean (2023). BIO-E-FUEL: Biological methanation of hydrogen and carbon dioxide. 

Available at: https://biogasclean.com/wp-content/uploads/2023/05/2023-Biogasclean-Bio-

E-FUEL-screen.pdf (Accessed 29 April 2025). 



94 
 

 

Biogasclean, (2025). Image of Bio E-Fuel plant in Nature Energy (Glansager). Provided via 

personal communication, 22 April 2025. 

Blaabjerg, F. & Davari, P. (2023). BioCat Roslev – Phase 1. Aalborg University. Available 

at: https://vbn.aau.dk/en/projects/biocat-roslev-phase-1 (Accessed 17 January 2025).  

BP (2023), BP Energy Outlook 2023. Available at: 

https://www.bp.com/content/dam/bp/business-sites/en/global/corporate/pdfs/energy-

economics/energy-outlook/bp-energy-outlook-2023.pdf (Accessed 19 January 2025). 

Carballa, M., Regueiro, L. & Lema, J.M. (2015). Microbial management of anaerobic 

digestion: exploiting the microbiome-functionality nexus. Current Opinion in 

Biotechnology, 33, pp. 103-111. DOI:10.1016/j.copbio.2015.01.008 

Cavaliere, P. (2023). Water Electrolysis for Hydrogen Production. 1st ed. Springer Cham. 

DOI:10.1007/978-3-031-37780-8 

Chatzis, A., Gkotsis, P. & Zouboulis, A. (2024). Biological methanation (BM): A state-of-

the-art review on recent research advancements and practical implementation in full-scale 

BM units. Energy Conversion and Management, 314, 118733. 

DOI:10.1016/j.enconman.2024.118733 

Cleary Gottlieb Steen & Hamilton LLP (2024). Third time is the charm: RED III – the latest 

revision to the Renewable Energy Directive sets ever more ambitious climate goals. 

Available at: https://www.clearygottlieb.com/news-and-insights/publication-listing/third-

time-is-the-charm-red-iii-the-latest-revision-to-the-renewable-energy-directive-sets-ever-

more-ambitious-climate-goals (Accessed 7 February 2024). 

Dahlgreen, T. (2023). Biological desulfurization and methanation of biogas and CO2: 

Biological methanation at a large industrial biogas plant in Denmark. Presented at: 

Hydrogen & P2X 2023, 15 June 2023. Biogasclean. 

De Paolis, R., Bernardini, V., Campana, L.G., Ermini, M.V., Verna, M., Raimondi, G. & 

Spazzafumo, G. (2024). Techno-economic and climate finance assessment of a methanation 

plant with green hydrogen production and CO2 recycling in Italy. International Journal of 

Hydrogen Energy. DOI:10.1016/j.ijhydene.2024.07.137 



95 
 

 

Electrochaea GmbH (2021). Baker Hughes invests in bio-methanation technology company 

Electrochaea to expand carbon utilization portfolio with power-to-gas solution. Available 

at: https://investors.bakerhughes.com/news-releases/news-release-details/baker-hughes-

invests-bio-methanation-technology-company (Accessed 19 April 2025).  

Electrochaea GmbH (2023). Electrochaea commissions world’s largest power-to-gas 

demonstration project. Available at: https://www.electrochaea.com/electrochaea-

commissions-worlds-largest-power-to-gas-demonstration-project-based-on-biological-

methanation/ (Accessed 19 April 2025). 

Elhaus, N., Kolb, S., Müller, J., Goldbrunner, M., Karl, J. & Herkendell, K. (2023). 

Environmental assessment of anaerobic digestion and biological methanation in power-to-

methane systems. Journal of Cleaner Production, 429, p.139509. 

DOI:10.1016/j.jclepro.2023.139509 

Elhaus, N., Volkmann, M., Kolb, S., Schindhelm, L., Herkendell, K. & Karl, J. (2024). 

Techno-economic evaluation of anaerobic digestion and biological methanation in Power-

to-Methane-Systems. Energy Conversion and Management, 315, p.118787. 

DOI:10.1016/j.enconman.2024.118787 

European Biogas Association (EBA) (2023). Decarbonising Europe’s hydrogen production 

with biohydrogen. Available at: https://www.europeanbiogas.eu/decarbonising-europes-

hydrogen-production-with-biohydrogen/ (Accessed 30 January 2025). 

European Biogas Association (EBA) (2024a). EBA publishes first assessment of European 

e-methane roll-out. Bioenergy International. Available at: 

https://bioenergyinternational.com/eba-publishes-first-assessment-of-european-e-methane-

roll-out/ (Accessed 19 April 2025). 

European Biogas Association (EBA) (2024b). Mapping e-methane plants and technologies. 

Available at: https://www.europeanbiogas.eu/mapping-e-methane-plants-and-technologies-

2 (Accessed 9 January 2025). 

 

 



96 
 

 

European Commission (2023). Commission Delegated Regulation (EU) 2023/1185 

supplementing Directive (EU) 2018/2001 as regards the rules for determining renewable 

fuels of non-biological origin (RFNBOs). Official Journal of the European Union, L158, pp. 

1–30. Available at: https://eur-lex.europa.eu/legal-

content/EN/TXT/PDF/?uri=CELEX%3A32023R1185 (Accessed 22 February 2025). 

European Commission (2025a). Renewable Energy Directive: targets and rules. Available 

at: https://energy.ec.europa.eu/topics/renewable-energy/renewable-energy-directive-

targets-and-rules/renewable-energy-directive_en (Accessed 7 February 2025). 

European Commission (2025b). Decarbonising maritime transport – FuelEU Maritime. 

Available at: https://transport.ec.europa.eu/transport-modes/maritime/decarbonising-

maritime-transport-fueleu-maritime_en (Accessed 7 February 2025). 

European Commission (2025c). ReFuelEU Aviation. Available at: 

https://transport.ec.europa.eu/transport-modes/air/environment/refueleu-aviation_en 

(Accessed 7 February 2025). 

European Parliament and Council (2023). Directive (EU) 2023/157 on the promotion of the 

use of energy from renewable sources (RED III). Official Journal of the European Union, 

L157, pp. 11–56. Available at: https://eur-lex.europa.eu/eli/reg_del/2023/1184/oj (Accessed 

22 February 2025). 

Faria, C., Rocha, C., Miguel, C., Rodrigues, A. & Madeira, L.M. (2025). Process 

intensification concepts for CO2 methanation − A review. Fuel, 386, p.134269. 

DOI:10.1016/j.fuel.2024.134269 

Fenske, C.F., Strübing, D. & Koch, K. (2023). Biological methanation in trickle bed reactors 

– a critical review. Bioresource Technology, 385, p.129383. 

DOI:10.1016/j.biortech.2023.129383 

Fenske, C.F., Kirzeder, F., Strübing, D. & Koch, K. (2023). Biogas upgrading in a pilot-

scale trickle bed reactor – Long-term biological methanation under real application 

conditions. Bioresource Technology, 376, p.128868. DOI:10.1016/j.biortech.2023.128868 

Fu, S., Angelidaki, I. & Zhang, Y. (2021). In situ biogas upgrading by CO₂-to-CH₄ 

bioconversion. Trends in Biotechnology, 39, pp. 336-347. 

DOI:10.1016/j.tibtech.2020.08.006. 



97 
 

 

Gas for Climate. (2023). Biomethane. Available at: 

https://gasforclimate2050.eu/biomethane/ (Accessed 19 April 2025). 

Goffart De Roeck, F., Buchmayr, A., Gripekoven, J., Mertens, J. & Dewulf, J. (2022). 

Comparative life cycle assessment of power-to-methane pathways: Process simulation of 

biological and catalytic biogas methanation. Journal of Cleaner Production, 380(Part 2), 

p.135033. DOI:10.1016/j.jclepro.2022.135033  

Government of Finland. (2024). Government proposal HE 121/2024: Proposal for an Act 

on the Implementation of the FuelEU Maritime Regulation. Helsinki: Ministry of Justice. 

Available at: https://finlex.fi/fi/hallituksen-esitykset/2024/121 Accessed 5 May 2025. 

Gutiérrez-Martín, F., Rodríguez-Antón, L.M. & Legrand, M. (2020). Renewable power-to-

gas by direct catalytic methanation of biogas. Renewable Energy, 162, pp.948-959. 

DOI:10.1016/j.renene.2020.08.090. 

Götz, M., Lefebvre, J., Mörs, F., McDaniel Koch, A., Graf, F., Bajohr, S., Reimert, R. & 

Kolb, T. (2016). Renewable Power-to-Gas: A technological and economic review. 

Renewable Energy, 85, pp.1371-1390. DOI:10.1016/j.renene.2015.07.066 

Hashimoto, K. (1994). Metastable metals for “green” materials for global atmosphere 

conservation and abundant energy supply, Materials Science and Engineering A, 179–180, 

pp. 27–30. 

Huang, J., Mendoza, B., Daniel, J.S., Nielsen, C.J., Rotstayn, L. & Wild, O. (2013). 

Anthropogenic and natural radiative forcing, Climatic Change: The Physical Science Basis, 

Contribution of Working Group I to the Fifth Assessment Report of the Intergovernmental 

Panel on Climate Change, 9781107057, pp. 659-740. 

DOI:10.1017/CBO9781107415324.018. 

Hollo, T. (2023). Technical and economic feasibility study of different designs in Power-to-

Gas plants. Lappeenranta-Lahti University of Technology. LUT School of Energy Systems. 

Houlker, S., Rutherford, T., Herron, D., Brookes, A., Moore, A., Vale, P., Pidou, M. & 

McAdam, E. (2021). Demonstrating commercial hollow fibre membrane contactor 

performance at industrial scale for biogas upgrading at a sewage treatment works. Water, 

13(2), p.172. 



98 
 

 

Hy2gen, 2023. Hy2gen Germany acquires plant and project pipeline of kiwi AG. Available 

at: https://www.hy2gen.com/press-releases/kiwi (Accessed 16 January 2025). 

IEA Bioenergy (2018). Biological methanation demonstration plant in Allendorf, Germany. 

Available at: https://www.ieabioenergy.com/wp-content/uploads/2018/11/Germany-

P2G_Case-Story_LAY2.pdf (Accessed 19 April 2025).  

IEA (International Energy Agency) (2019). The Future of Hydrogen: Seizing today’s 

opportunities. Paris: IEA. Available at: https://www.iea.org/reports/the-future-of-hydrogen 

(Accessed 7 February 2025). 

Illi, L., Lecker, B., Lemmer, A., Müller, J. & Oechsner, H. (2021). Biological methanation 

of injected hydrogen in a two-stage anaerobic digestion process. Bioresource Technology, 

333, p.125126. DOI:10.1016/j.biortech.2021.125126 

Intergovernmental Panel on Climate Change (IPCC) (2014). Anthropogenic and Natural 

Radiative Forcing, in Climate Change 2013 – The Physical Science Basis: Working Group 

I Contribution to the Fifth Assessment Report of the Intergovernmental Panel on Climate 

Change. Cambridge: Cambridge University Press, pp. 659–740. 

IRENA (International Renewable Energy Agency) (2020). Green hydrogen cost reduction: 

Scaling up electrolyzers to meet the 1.5°C climate goal. Abu Dhabi: IRENA. Available at: 

https://www.irena.org/-

/media/Files/IRENA/Agency/Publication/2020/Dec/IRENA_Green_hydrogen_cost_2020.p

df (Accessed 7 February 2025). 

ISCC System GmbH (2025), ISCC EU 202-6: Renewable Fuels of Non-Biological Origin 

(RFNBOs) and Recycled Carbon Fuels (RCFs). Version 1.4, valid from 2 January 2025. 

Cologne: ISCC System GmbH. Available at: https://www.iscc-system.org/wp-

content/uploads/2025/01/ISCC_EU_202-6_RFNBOs_and_RCF_v1.4-1.pdf (Accessed 14 

April 2025. 

Jiang, H., Hao, W., Li, Y. & Zhou, H. (2022). Biological methanation of H2 and CO2 in a 

continuous stirred tank reactor. Journal of Cleaner Production, 370, p.133518. 

DOI:10.1016/j.jclepro.2022.133518 

Landia Inc. (2025a). InjectMe. Available at: https://www.landia.co.uk/injectme (Accessed 

19 April 2025) 



99 
 

 

Landia Inc. (2025b). Landia GasMix for biogas. Available at: 

https://www.landiainc.com/products/biogas/landia-gasmix (Accessed 19 April 2025).  

Lecker, B., Illi, L., Lemmer, A. & Oechsner, H. (2017). Biological hydrogen methanation – 

A review. Bioresource Technology, 245(A), pp. 1220-1228. 

DOI:10.1016/j.biortech.2017.08.176. 

Lehnder, M. et al. (2014). Power-to-gas: technology and business models. Cham: Springer. 

Lepage, M. (2023). What Is Greenfield And Brownfield Engineering? Available at: 

https://www.planacademy.com/greenfield-brownfield-engineering-definition/ (Accessed 31 

January 2025) 

Lombardi, L. & Francini, G. (2020). Techno-economic and environmental assessment of the 

main biogas upgrading technologies, Renewable Energy, 156, pp. 440–458. 

DOI:10.1016/j.renene.2020.04.083  

Lv, Z., Chen, S., Huang, X. and Qin, C. (2023) Recent progress and perspective on 

integrated CO₂ capture and utilization, Current Opinion in Green and Sustainable 

Chemistry, 40, 100771. DOI:10.1016/j.cogsc.2023.100771 

microbEnergy GmbH (2025). Company. Available at: 

https://www.microbenergy.de/en/company (Accessed 19 April 2025). 

Nemmour, A., Inayat, A., Janajreh, I. & Ghenai, C. (2023). Green hydrogen-based E-fuels 

(E-methane, E-methanol, E-ammonia) to support clean energy transition: A literature 

review. International Journal of Hydrogen Energy, 48(75), pp. 29011-29033. 

DOI:10.1016/j.ijhydene.2023.03.240 

Parker, S. (2024). New wave of LCO2 ships emerges, but ports remain a bottleneck, Riviera 

Maritime Media, 15 April. Available at: https://www.rivieramm.com/news-content-

hub/news-content-hub/new-wave-of-lco2-ships-emerges-but-ports-remain-a-bottleneck-

80312 (Accessed 24 January 2025). 

Peng, S. (2023). Electrochemical Hydrogen Production from Water Splitting: Basic, 

Materials and Progress. 1st ed. Singapore: Springer Singapore. DOI:10.1007/978-981-99-

4468-2 



100 
 

 

Pietro Fiorentini (2022). MicroPyros BioEnerTec: biomethanation powered by Archaea. 

Available at: https://www.fiorentini.com/en/news/micropyros-bioenertec-biomethanation-

powered-by-archaea/ (Accessed 19 April 2025).  

Pietro Fiorentini (2023). Biological methanation. Available at: 

https://www.fiorentini.com/en/solutions/systems/solutions-renewable-energies/e-

fuels/biological-methanation/ (Accessed 19 April 2025).  

Prosser, J.H., Graham, M.B., Jensen, M., James, B.D., Casteel, M.J. & Westover, T.L. 

(2025). Cost analysis of alternative large-scale high-temperature solid oxide electrolysis 

hydrogen production facilities. International Journal of Hydrogen Energy, 106, pp.1385–

1402. DOI:10.1016/j.ijhydene.2025.01.433 

REDcert GmbH (2024). Scheme principles for the production of RFNBO and RCF. Version 

EU 01, 25 July 2024. 

RISE Research Institutes of Sweden (2024). Biological methanation. Available at: 

https://www.ri.se/en/expertise-areas/expertises/biological-methanation (Accessed 19 April 

2025). 

Rittmann, S. (2015). A Critical Assessment of Microbiological Biogas to Biomethane 

Upgrading Systems. In: G. Guebitz, A. Bauer, G. Bochmann, A. Gronauer, and S. Weiss, 

eds. Biogas Science and Technology. Advances in Biochemical Engineering/Biotechnology, 

vol. 151. Cham: Springer, pp. 117-135. DOI:10.1007/978-3-319-21993-6_5 

Rogdakis, E.D. & Koronaki, I.P. (2018) Renewable Energy Engineering: Solar, Wind, 

Biomass, Hydrogen and Geothermal Energy Systems, 1st ed, Recent Advances in Renewable 

Energy Series, Bentham Science Publishers.  DOI:10.2174/9781681087191 

Rönsch, S., Schneider, J., Matthischke, S., Schlüter, M., Götz, M., Lefebvre, J., Prabhakaran, 

P. & Bajohr, S. (2016). Review on methanation – From fundamentals to current projects. 

Fuel, 166, pp. 276–296. 

Savvas, S., Donnelly, J., Patterson, T., Chong, Z.S. & Esteves, S.R. (2018). Methanogenic 

capacity and robustness of hydrogenotrophic cultures based on closed nutrient recycling via 

microbial catabolism: impact of temperature and microbial attachment. Bioresource 

Technology, 257, pp. 164-171. DOI:10.1016/j.biortech.2018.02.109. 



101 
 

 

Scribbr (2023) Triangulation in research | Guide, Types, Examples. Available at: 

https://www.scribbr.com/methodology/triangulation/ (Accessed 19 January 2025). 

Shang, G., Yu, J., Cai, W., Cui, K., Shen, X., Jin, P. & Guo, K. (2023). Comparison of in-

situ and ex-situ electrolytic H2 supply for microbial methane production from CO2. 

Bioresource Technology, 388, p.129728. DOI:10.1016/j.biortech.2023.129728 

Strübing, D., Moeller, A.B., Mößnang, B., Lebuhn, M., Drewes, J.E. & Koch, K. (2018). 

Anaerobic thermophilic trickle bed reactor as a promising technology for flexible and 

demand-oriented H₂/CO₂ biomethanation. Applied Energy, 232, pp. 543-554. 

DOI:10.1016/j.apenergy.2018.09.225. 

Swinbourn, R., Li, C. & Wang, F. (2024). A comprehensive review on biomethane 

production from biogas separation and its techno-economic assessments. ChemSusChem. 

First published 03 July 2024. DOI:10.1002/cssc.202400779 

Thema, M., Weidlich, T., Hörl, M., Bellack, A., Mörs, F., Hackl, F., Kohlmayer, M., Gleich, 

J., Stabenau, C., Trabold, T., Neubert, M., Ortloff, F., Brotsack, R., Schmack, D., Huber, H., 

Hafenbradl, D., Karl, J. & Sterner, M. (2019). Biological CO2-methanation: An approach to 

standardization. Energies, 12(9), p.1670. DOI:10.3390/en12091670 

United Nations Framework Convention on Climate Change (UNFCCC) (2015). Paris 

Agreement. Available at: https://unfccc.int/sites/default/files/english_paris_agreement.pdf 

(Accessed 24 January 2025). 

Wantz, E., Lemonnier, M., Benizri, D., Dietrich, N. & Hébrard, G. (2023). Innovative high-

pressure water scrubber for biogas upgrading at farm-scale using vacuum for water 

regeneration. Applied Energy, 350, 121781. DOI:10.1016/j.apenergy.2023.121781 

Zabranska, J. & Pokorna, D. (2018). Bioconversion of carbon dioxide to methane using 

hydrogen and hydrogenotrophic methanogens. Biotechnology Advances, 36, pp. 707-720. 

DOI:10.1016/j.biotechadv.2017.12.003 

Zero Emission Platform (2024). The Costs of CO2 Transport: Post-demonstration CCS in 

Europe. Available at: https://zeroemissionsplatform.eu/wp-content/uploads/CO2-Transport-

Report-1.pdf (Accessed 24 January 2025). 



102 
 

 

Zhao, J., Li, Y. & Dong, R. (2021). Recent progress towards in-situ biogas upgrading 

technologies. Science of The Total Environment, 800, p.149667.  

DOI:10.1016/j.scitotenv.2021.149667 



103 
 

 

APPENDIX 1. Key considerations for biogas plants in methanation integration (in-situ / ex-situ). 

Category Details 
Biological  
(in-situ) 

Biological  
(ex-situ) 

Catalytic  
(ex-situ only) 

Raw material 
CO2 

Source 
CO2 is naturally present in biogas and 
utilized directly within the digester. 

CO2 is recovered from biogas and fed 
into a dedicated methanation reactor. 

CO2 must be recovered and purified before 
injection into the methanation reactor. 

Purity 
requirement 

Tolerates moderate CO2 impurities; 
some contaminants (e.g., H2S, O2) may 
impact microbial activity. 

Requires relatively clean CO2, though 
some impurities can be tolerated. 

Requires high-purity CO2 to prevent catalyst 
poisoning; impurities like sulfur, chlorine, 
and VOCs must be removed. 

Pressure and 
compression 

Utilized at digester pressure (~1 bar), 
no additional compression required. 

Typically utilized at low pressure; minor 
compression may be needed depending 
on reactor design. 

CO2 must be supplied at high pressure for 
optimal reaction kinetics; additional 
compression is often required unless 
pressurized CO2 capture is integrated. 

CO2 flow 
control 

Naturally balanced within the digester; 
excess CO₂ is released with biogas. 

Requires controlled flow to match 
hydrogen supply for optimal 
methanation. 

Requires precise CO₂ dosing to maintain 
reaction stoichiometry. 

Raw material 
H2 

Purity 
requirement 

Tolerates lower purity hydrogen, 
though impurities like CO can be 
inhibitory at high concentrations. 

Requires relatively high-purity hydrogen 
to maintain microbial stability and 
methanation efficiency. 

Requires high-purity hydrogen to prevent 
catalyst poisoning. 

Injection 
Directly injected into the digester, 
requiring precise control to avoid 
microbial inhibition. 

Fed into a separate reactor, requiring 
optimized gas-liquid mass transfer 
mechanisms. 

Directly fed into the reactor at stable pressure 
for catalyst efficiency. 

Pressure and 
compression 

No additional compression required;  
H2 is introduced at near-atmospheric 
pressure. 

No additional compression required; 
typically injected at moderate pressures 
for effective gas transfer. 

Hydrogen must be injected at stable pressure. 
When produced on-site via electrolysis, 
compression may be required depending on 
the electrolyzer type and methanation reactor 
operating pressure. 

Hydrogen 
flow control 

Requires careful control to maintain 
reaction balance, prevent microbial 
inhibition and wasting unused H2 
during in-situ methanation. 

Requires fine-tuned control for efficient 
gas-liquid mixing and reaction 
optimization. 

Requires precise flow regulation to maintain 
optimal reaction kinetics. 
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Site Free space 
No significant additional space is 
required, as methanation occurs within 
the AD system. 

Requires separate reactor units, adding to 
the footprint of the facility. 

Requires a compact but high-temperature-
resistant infrastructure with specialized heat 
management systems. 

Infrastructure 

Electricity 
infrastructure 

High power demand for electrolyzer. 
Low to moderate power demand for 
mixing, control systems etc. 
Renewable electricity sourcing must be 
assessed. 

High power demand for electrolyzer. 
Moderate power demand for hydrogen 
injection, gas recirculation etc. 
Renewable electricity sourcing must be 
assessed. 

High power demand for electrolyzer. 
Moderate to high power demand for reactor 
heating, gas compression, H2 handling etc. 
High-voltage supply may be required at 
commercial scale. Renewable electricity 
sourcing must be assessed. 

Storage 
(H2, CO2) 

Hydrogen storage is not required; 
hydrogen is consumed directly as it is 
injected. 

Hydrogen storage is optional but 
beneficial to maintain steady operation. 
CO2 buffering may be needed for process 
stability. 

Hydrogen storage is mandatory to prevent 
process interruptions. CO2 buffering storage 
may be required for continuous operation. 

Water & 
wastewater 

management 

Wastewater generation is minimal; 
existing AD treatment systems 
typically suffice. 

Produces some wastewater that may 
require treatment before discharging or 
possible reuse e.g., as dilution liquid in 
AD-plant. 

Produces demineralized water, which can be 
reused in electrolysis, reducing water demand. 

Synergies 

Integration 
with existing 

biogas 
operations 

Fully integrated within AD system. 
Can be added as a modular system, may 
require adjustments in biogas upgrading 
and CO2 handling. 

Must be installed ex-situ, requiring a 
dedicated biogas upgrading unit and CO2 
purification. 

Process/ 
operational 

synergies with 
biogas plant 

Can benefit from existing heat recovery 
and AD system optimization. 

Potential synergies with wastewater 
treatment and heat recovery. May 
improve plant efficiency through waste 
heat utilization. 

Heat recovery from methanation can be 
utilized within the biogas plant (e.g., district 
heating or process heating). 
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HSEQ 
(Health, 
safety, 

environment, 
quality) 

Safety and 
compliance 

Requires basic gas safety measures, 
including controlled H2 injection and 
gas leak monitoring.  

Requires standard industrial gas safety 
protocols for pressurized hydrogen and 
biogas handling. 

Strict hydrogen safety regulations, 
including explosion-proof zones, 
ventilation, and automated shut-off 
systems. 

Hydrogen 
safety 

Minimal risk, as H2 is directly injected 
at low pressure inside the digester. 

Requires handling of external hydrogen 
supply at moderate pressure; gas leaks must 
be strictly monitored. 

Requires high-pressure hydrogen supply, 
strict containment, and risk mitigation 
measures to prevent explosions. 18 

CO2 handling 
and purity 

CO2 remains within the AD process, 
minimal external handling required. 

CO2 is separated and conditioned before 
methanation (requires impurity monitoring). 

High-purity CO2 mandatory; purification 
is needed to prevent catalyst poisoning. 

Process 
stability and 

control 

Biological system is inherently self-
regulating but sensitive to overload 
conditions. 

Process stability is influenced by hydrogen 
mass transfer efficiency and microbial 
adaptation. 

Requires precise temperature, pressure, 
and gas purity control to avoid catalyst 
degradation. 

Emergency 
shutdown 

procedures 

Low risk of hazardous gas release; 
digester pressure relief is the main 
safety measure. 

Requires controlled venting mechanisms for 
hydrogen and biogas in case of failure. 

High-risk system requiring automated 
emergency shutdowns, explosion-proof 
enclosures, and continuous monitoring. 

Heat 
management 

Heat primarily generated in 
electrolysis; specialized cooling 
systems are required. Microbial activity 
generates minimal heat, manageable 
within plant operation. 

Electrolysis contributes most of heat load, 
necessitating dedicated cooling. Microbial 
reactors may produce moderate heat, 
controllable with plant operation. 

Heat primarily generated in electrolysis; 
specialized cooling systems are required 
Methanation reaction is highly 
exothermic, and active cooling is needed. 

Environmental 
impact 

Minimal additional environmental 
impact, as methanation occurs within 
the digester. 

Requires additional gas cleaning 
infrastructure; potential for minor 
wastewater streams. 

Produces demineralized water, but waste 
gas treatment and higher energy demands 
may increase environmental footprint. 

Regulatory 
compliance 

Falls mainly under existing AD plant 
regulations, with minor modifications. 

Must comply with industrial gas regulations 
and CO2 emissions monitoring. 

Subject to strict industrial gas regulations, 
including emissions control and hazardous 
material handling. 

Training 
requirements 

Operators require basic knowledge of 
AD processes and safe H2 handling. 
Special electrolyzer know-how needed. 

Requires additional training in gas handling, 
system monitoring, and safety protocols. 
Special electrolyzer know-how needed. 

High expertise required in electrolyzer and 
catalytic reaction control, pressurized gas 
safety, and emergency procedures. 

 
18 Hydrogen safety in catalytic methanation is more critical than in biological systems due to high-pressure H2, elevated temperature, and reactive conditions. This requires 
strict measures such as explosion-proof zones (ATEX compliance), advanced gas detection and ventilation systems, and automated shut-offs to ensure safe operation. 
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APPENDIX 2. Site selection criteria. 

Criteria 

Importance 
Primary (P),  

Semi-primary (SP), 
Secondary (S) 

Notes 

Biogenic CO2 source onsite with 
enough volume available 

P 

- CO2 liquefaction infrastructure expensive 

- Surplus volume not mandatory. Potential to increase volume beneficial.  

- Stakeholder views and roles important to consider thoroughly  

Biogenic CO2 100 % availability P 
- CO2 import infrastructure to be considered if not adequate 

- Higher price of imported CO2 compared to onsite CO2 

Free capacity in surrounding 
electrical grid  

P 

- Limitations in grid capacity can restrict electricity sourcing 

- If additional infrastructure needed, project timeline could be postponed 

- Other consumption/production projects in the grid area important to consider 

Free plot area available P 

- Minimum space requirement case specific, not process-dependent 

- Land ownership and accessibility to be considered 

- Future expansion potential, i.e., extra space available for capacity expansion 

- Proximity to nearby projects for synergies or conflicts 

- Safety and compliance, i.e., required safety distances and regulatory issues 

- Topography; land suitability, soil condition, and resilience to natural risks to be considered. 

- Costs and timelines, i.e., acquisition costs and permitting times 

- Community impact, i.e., considering local impacts and engage stakeholders. 

- Environmental impact, i.e., account for sustainability and minimize ecological disruption. 

Harbour SP 

- Cheaper logistics 

- Bunkering infrastructure possibilities in harbour to be considered 

- Customer availability in certain harbours 
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Access to natural gas grid SP 
- Enabling flexible production through mass balancing 

- Easy access to alternative higher-paying markets 

Existing electrical infra (HV 
transformers and local cable) 

S 
- Long lead time of HV transformers 

- Permitting can be challenging for high voltage cable 

Access to railway S - Cheaper logistics (in and out) 

District heating network 
capacity (sales of excess 

process heat) 
S 

- Size of the network 

- Generation portfolio today of the network 

Existing WWTP (rather clean 
and low stream volume) 

S - Small city municipal wastewater plant can most likely treat facility waters 

Existing civil infra 
(buildings, roads etc.) and 

utilities 
S 

- Less CAPEX if using existing infrastructure 

- Industrial areas preferable 

- Steam availability and other utilities important OPEX-wise 

Hydrogen pipeline access S 
- Pipeline could maybe act as hydrogen storage and possibly seasonal storage; access may decrease electricity 
net price and improve plant utilisation rate 

Local acceptance, permitting S 

- Acceptance, interest, and support from local authorities/municipality to be considered 

- Surrounding land use relevant 

- All permitting issues must be considered early enough 

Company’s own activities  S - Terminal locations and known charter ship routes (logistics and use) 

Other P2X/CCS/CCU 
projects nearby 

S 
- Considered as problem or opportunity? I.e., type of nearby project – hydrogen project only or P2X project, 
use of CO2, effect on electricity grid capacity, process waste heat sales possibility etc. 

- Carbon capture project planned in emission source or nearby and its maturity? 
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APPENDIX 3. Final site selection. (CONFIDENTIAL) 

 SITE X SITE X SITE X SITE X 
Best fit 

(if any of four) 
Plant capacity (bio-CH4), GWh/a (LHV)      

Plant capacity (biogenic CO2), kt/a      

In operation      

FID made (biogas plant)      

FID made (CO2 recovery)      

Greenfield / Brownfield project      

Electrolyzer size (estimate), MWe      
Primary (must-have) criteria      

Biogenic CO2 100 % availability      

Biogenic CO2 source onsite and enough volumes      

Free capacity in surrounding electrical grid       

Bidding zone (electricity)      

Electricity price, avg. 2024, EUR/MWh (excluding transfer and taxes)      

Plot area (free space) available      
Semi-primary criteria      

Harbour      
Access to natural gas grid      

Secondary criteria      
Existing electrical infra (HV transformers and local cable)      

Access to railway      

District heating network      

Existing WWTP      

Existing civil infra and utilities      

Possible future hydrogen pipeline access       

Local acceptance, permitting      

Other P2X or CCS/CCU projects nearby      

Sites not selected and why   



  109 
 

 

APPENDIX 4. Case study site location on map. (CONFIDENTIAL) 
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APPENDIX 5. Indicative layout of the biological methanation. 
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APPENDIX 6. Details of the electrolyzer used in the case study. (CONFIDENTIAL) 

 Technology provider  

 Electrolyzer type  

 Stack size, MWe  

 Specific energy consumption kWhDC/Nm3 H2  

Hydrogen specification  
(100% load) 

Production rate, Nm3/h  

Purity without purification, v-%  

Pressure, bar(g)  

Oxygen specification  
(100% load) 

Production rate, Nm3/h  

Purity without purification, v-%  

Pressure, bar(g)  

 Demin water intake (feed water), L/h  

 Demin water quality requirements (feed water)  

 Stack degradation, %/a  

 Rated voltage, V  

 Rated current, A  

Auxiliaries 

Nitrogen, Nm3/h  

Instrument air, Nm3/h  

Cooling water, Nm3/h  

Cooling water requirements  

 Lye filling, kg  

 Footprint, m2/kWe  

 CAPEX, €/kWe  

 Maintenance cost, % of CAPEX/a  

 Operation range (per ELY), %  
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APPENDIX 7. Mass and heat balance (Scenario A) 
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APPENDIX 8. Mass and heat balance (Scenario B) 
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APPENDIX 9. CAPEX breakdown for biological methanation (Scenario A). 

 
Costs in EUR. 

Indirect Civil
Mechanical 
Equipment

Piping Electrical
Instrumentation & 

Automation
Spare Parts

Total Total Total Total Total Total Total

ISBL 41 576 611              

Electrolysis

Biological methanation

Gas upgrading

Flare

Balance of Plant 20 543 500              

Cooling water

Demin water unit

Utilities storage

Chemical storage

Civil infrastructure

Pipe racks

Miscellaneous

TOTAL COST (ISBL + BoP) 125 000                 13 541 184                        28 266 659      5 430 065     9 204 323        5 050 947                501 932     62 120 111              

Contingency % 30 %

Contingency 37 500                 4 062 355                       8 479 998        1 629 019      2 761 297        1 515 284              150 580      18 636 033              

TOTAL INVESTMENT COST 162 500                 17 603 539                        36 746 657      7 059 084     11 965 620      6 566 232                652 512     80 756 144              

Indirect costs 10 871 019            17,5 % % of total investment 10 871 019              

Permitting 0,5 %

Engineering & Design 8,0 %

EPC 4,0 %

Construction overheads 2,0 %

Project Management (incl. construction management) 3,0 %

TOTAL INVESTMENT COST INCL. INDIRECT COST 11 033 519            17 603 539                        36 746 657      7 059 084     11 965 620      6 566 232                652 512     91 627 163              

Project total cost split (incl. contingency): 12,0 % 19,2 % 40,1 % 7,7 % 13,1 % 7,2 % 0,7 % 100,0 %

SUMMARY (SCENARIO A - CO2-RICH STREAM) TOTAL COST

DETAILS CONFIDENTIAL 
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APPENDIX 10. CAPEX breakdown for biological methanation (Scenario B). 

 
Costs in EUR. 

Indirect Civil
Mechanical 
Equipment

Piping Electrical
Instrumentation & 

Automation
Spare Parts

Total Total Total Total Total Total Total

ISBL 38 173 059            

Electrolysis

Biological methanation

Flare

Balance of Plant 20 543 500            

Cooling water

Demin water unit

Utilities storage

Chemical storage

Civil infrastructure

Pipe racks

Miscellaneous

TOTAL COST (ISBL + BoP) 125 000         13 140 766                     26 264 570    5 129 751   8 904 010      4 750 634             401 827   58 716 559            

Contingency % 30 %

Contingency 37 500           3 942 230                     7 879 371       1 538 925     2 671 203       1 425 190             120 548    17 614 968            

TOTAL INVESTMENT COST 162 500         17 082 996                     34 143 941    6 668 677   11 575 213    6 175 824             522 376   76 331 527            

Indirect costs 10 275 398    17,5 % % of total investment 10 275 398            

Permitting 0,5 %

Engineering & Design 8,0 %

EPC 4,0 %

Construction overheads 2,0 %

Project Management 3,0 %

TOTAL INVESTMENT COST INCL. INDIRECT COST 10 437 898    17 082 996                     34 143 941    6 668 677   11 575 213    6 175 824             522 376   86 606 925            

Project total cost split (incl. contingency): 12,1 % 19,7 % 39,4 % 7,7 % 13,4 % 7,1 % 0,6 % 100,0 %

SUMMARY (SCENARIO B - RAW GAS) TOTAL COST

DETAILS CONFIDENTIAL 
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APPENDIX 11. Detailed OPEX breakdowns for Scenario A and Scenario B. 

Scenario A 

2+20 yrs period – discounted values EUR EUR/tn 
EUR/MWh 

(HHV) 
EUR/MWh 

(LHV) 
Share 

CAPEX total, incl. contingency 86 705 867 2 144 139.1 154.4 
46.4% 

Maintenance inv. 10th year 3 453 945 85 5.5 6.1 

Electricity sourcing costs in period 59 937 132 1 482 96.1 106.7 
31.8% 

Chemical/other costs in period 1 891 809 47 3.0 3.4 

Maintenance costs in period 9 794 051 242 15.7 17.4 

13.2% 

Utilities in period 659 586 16 1.1 1.2 

Personnel costs in period 11 786 171 291 18.9 21.0 

Land lease in period 471 133 12 0.8 0.8 

Other leasing costs in period 47 113 1 0.1 0.1 

Administration & IT in period 942 265 23 1.5 1.7 

Other indirect costs in period 1 028 640 25 1.6 1.8 

Plant insurance in period 951 172 24 1.5 1.7 

Δ net working capital costs in period 445 993 11 0.7 0.8 
8.5% 

Corporate tax in period 16 074 298 397 25.8 28.6 

LCOE of e-methane 194 189 175 4 801 311 346 100% 

 

Scenario B 

2+20 yrs period – discounted values EUR EUR/tn 
EUR/MWh 

(HHV) 
EUR/MWh 

(LHV) 
Share 

CAPEX total, incl. contingency 81 955 265 2 026 131.4 145.9 
45.3% 

Maintenance inv. 10th year 3 453 945 85 5.5 6.1 

Electricity sourcing costs in period 60 563 412 1 497 97.1 107.8 
33.2% 

Chemical/other costs in period 1 887 984 47 3.0 3.4 

Maintenance costs in period 8 992 289 222 14.4 16.0 

13.2% 

Utilities in period 659 586 16 1.1 1.2 

Personnel costs in period 11 786 171 291 18.9 21.0 

Land lease in period 471 133 12 0.8 0.8 

Other leasing costs in period 47 113 1 0.1 0.1 

Administration & IT in period 942 265 23 1.5 1.7 

Other indirect costs in period 1 028 640 25 1.6 1.8 

Plant insurance in period 899 057 22 1.4 1.6 

Δ net working capital costs in period 486 379 12 0.8 0.9 
8.3% 

Corporate tax in period 15 200 148 376 24.4 27.1 

LCOE of e-methane 188 373 387 4 657 302 335 100% 
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APPENDIX 12. Assumptions used in OPEX calculation. 

 

In the economic performance calculations, the prices used for chemicals, additives, and 

utilities are based on the price data received from Site X or from main equipment vendors.   

Electricity costs represent the largest factor in operating expenses, with detailed pricing 

provided in Table 25. The base case assumes a total electricity price of 47.41 EUR/MWh, 

while in the sensitivity analysis, the upside and downside cases use 25.00 EUR/MWh and 

91.91 EUR/MWh, respectively. 

In the economic performance calculations, the following assumptions were used: 

• The base case assumes full investment without financial support. Sensitivity 

analysis includes scenarios with either 20% or 40% investment grants, 

corresponding to approximately 13.6% and 27.1% of the total investment, 

respectively. The grant is applied to the sum of ISBL and BoP costs, excluding 

contingency.  

• 100% equity used; no debt considered. 

• An internal rate of return requirement of 12.0 % annually applied.  

• 2%/a of inflation considered in product sales (e-methane) and all cost factors. 

Note, starting from 1st year, i.e., 1st investment year. 

• 7%/a of asset value decrease for ISBL and 4%/a of asset value decrease for BoP. 

• 3%/a maintenance cost of total main equipment (ISBL) investment.  

• 79 000 EUR/person/a of personnel costs on average. Total of 19 personnel 

(continuous 5-shift system with manager level personnel). 

• 0.15 %/a of insurance cost of technical investment cost (ISBL + BoP, including 

contingency). 

• No plant ramp-up (after investment) considered. 

• X (figure confidential) EUR on the 10th year for electrolyzer stack full 

replacement. Includes stack replacement and material components as a turnkey 

supply. CAPEX is fully accounted for in the same year. 
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• X (figure confidential) EUR/a for Company Z’s operational service (upgrading, 

liquefaction, LCO2 logistics). 

• 270 000 EUR/a of non-process-related costs, including: 

‒ External analysis costs 24 000 €/a. 

‒ District heating (social premises, monitoring room, household water 

heating, etc.) 24 000 EUR/a. 

‒ Cleaning carried out by external cleaning subcontractor (social 

premises and production area) 24 000 EUR/a. 

‒ Property maintenance (snow clearance, courtyard sanding, other 

property maintenance tasks) 12 000 EUR/a. 

‒ Administration and IT costs 120 000 EUR/a. 

‒ Land lease costs 66 000 EUR/a. 

 


